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DISCLAIMER

This text contains descriptions, statements, equations, procedures,
methodology, interpretations, and other written matter and information,
hereinafter collectively called "contents," that have been carefully consid-
ered and prepared as a matter of general information. The contents are
believed to reliably represent situations and conditions that have occurred or
could occur, but are not represented or guaranteed as to the accuracy or
application to other conditions or situations. There are many variable condi-
tions in production facility design and related situations, and the authors
have no knowledge or control of their interpretation. Therefore, the contents
and all interpretations and recommendations made in connection herewith
are presented solely as a guide for the user's consideration, investigation,
and verification. No warranties of any kind, whether expressed or implied,
are made in connection therewith. The user is specifically cautioned,
reminded, and advTised that any use or interpretation of the contents and
resulting use or application thereof are made at the sole risk of the user. In
production facility design there are many proprietary designs and tech-
niques. We have tried to show designs and techniques in a generic nature
where possible. The user must assure himself that in actual situations it is
appropriate to use this generic approach. If the actual situation differs from
the generic situation in design or lies outside the bounds of assumptions
used in the various equations, the user must modify the information con-
tained herein accordingly.

In consideration of these premises, any user of the contents agrees to
indemnify and hold harmless the authors and publisher from all claims and
actions for loss, damages, death, or injury to persons or property.
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Preface

As teachers of production facility design courses in petroleum engi-
neering programs, we both realized there was no single source that could
be used as a text in this field. We found ourselves reproducing pages
from catalogues, reports, projects we had done, etc., to provide our stu-
dents with the basic information they needed to understand the lectures
and carry out their assignments. Of more importance, the material that
did exist usually contained nomographs, charts, and rules of thumb that
had no reference to the basic theories and underlying assumptions upon
which they were based or, worse, had misleading or even false statements
concerning these principles.

This text, which covers about one semester's work, presents the basic
concepts and techniques necessary to design, specify, and manage oil
field surface production facilities. It provides a clear understanding of the
equipment and processes used in common separation and oil and water
treating systems, as well as the selection of piping and pumping systems.
We hope this will enable you to develop a "feel" for the important para-
meters of designing and operating a production facility. We also wish the
reader to understand the uncertainties and assumptions inherent in
designing and using the equipment in these systems and the limitations,
advantages, and disadvantages associated with their use.

We strongly believe that there is an engineering discipline and science
to production facility design. If someone is going to be taught to apply
this science intelligently, the underlying assumptions and the engineering
discipline must be understood. In developing our lecture notes we struc-
tured them around derivations of design equations from first principles so
that our students could see the assumptions that were made and their
importance. Wherever a rule of thumb must be applied, we have attempt-
ed to explain at least qualitatively why it was reasonable and under what
conditions it might be altered. Some of the material is by necessity pre-
sented as nothing more than an educated guess to be used only if no other
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information in the form of laboratory studies or field experience exists.
These points are clearly stated in the text. It is hoped that by publishing
these thoughts we will stimulate others to publish their experiences and
rules of thumb, and help stimulate some much-needed research.

Some of our students have no background in production facility design
other than what they have learned in the introductory petroleum engi-
neering courses. For this reason, we have found by trial and error that it
is best to start with an overview explaining the goals of the facility with
pictures of the equipment. We then discuss how the equipment is put
together into a process system before explaining process calculations and
equipment designing procedures. We have experimented with discussing
the process system at the end of the course, but have found that the inter-
relationship of the various pieces of equipment confuses the student.
Therefore, while there is some repetition caused by the order of the chap-
ters, experience shows us that, in the final analysis, the present order pro-
vides the student with a clearer understanding of the concepts.

The order chosen for the book has the side benefit of allowing the
instructor to assign a project at the start of the course and have the stu-
dent take it another step forward as each segment is completed. An exam-
ple project is included in Appendix A. As there are many correct answers
in facility process and equipment design, no two projects will be identi-
cal, but the student should be able to defend his selection. One of us ends
the semester by having each student defend his project in an oral presen-
tation.

The more experienced design engineer may wish to just skim the first
three chapters. We have tried to make this an easier reference book to use
by visually separating the derivations from the rest of the text so that the
design equations and important assumptions stand out more clearly.
Where needed, we have summarized each section with a design proce-
dure or an example calculation.

This volume focuses on areas that primarily concern oil-handling facil-
ities. These topics are not adequately addressed in the literature, and han-
dling oil and water is much more of an art and less of a science than han-
dling gas. The book does not cover gas dehydration and treating, gas
compression, electric generators and distribution, material selection and
corrosion control, chemical treatment, welding, water purification and
steam generation equipment, instrument specification and system design,

xiv



foundations, platforms, buildings, and many other topics that fall under
the responsibility of a surface facility or construction engineer.

The final chapter on project management may appear a little out of
place. However, it is our experience that a large part of the production
facility engineer's job is project management. It would be a shame if the
students taking our course eventually became managers of production
facility engineers and were never exposed to the concepts contained in
this chapter. One of the most common comments we hear from engineers
in this field is that the petroleum engineers who supervise them have no
concept of the problems associated with managing one of these projects.

Throughout the book we have attempted to concentrate on what we
perceive to be modern and common practices. Although we have either
personally been involved in the design of facilities all over the world or
have people in our organizations who have done so, undoubtedly we are
influenced by our own experience and prejudices. We apologize if we
have left something out or have expressed opinions on equipment types
that differ from your experiences. We have learned much from our stu-
dents' comments on such matters and would appreciate receiving yours
for future revisions/editions.

Ken Arnold, RE.
Houston, Texas

Maurice I. Stewart, Ph.D., RE.
Baton Rouge, Louisiana
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CHAPTER

1

The Production
Facility

INTRODUCTION

The job of a production facility is to separate the well stream into three
components, typically called "phases" (oil, gas, and water), and process
these phases into some marketable product(s) or dispose of them in an envi-
ronmentally acceptable manner. In mechanical devices called "separators"
gas is flashed from the liquids and "free water" is separated from the oil.
These steps remove enough light hydrocarbons to produce a stable crude oil
with the volatility (vapor pressure) to meet sales criteria. Figures 1-1 and 1-
2 show typical separators used to separate gas from liquid or water from oil.
Separators can be either horizontal or vertical in configuration.

The gas that is separated must be compressed and treated for sales.
Compression is typically done by engine-driven reciprocating compres-
sors, Figure 1-3. In large facilities or in booster service, turbine-driven
centrifugal compressors, such as that shown in Figure 1-4, are used.
Large integral reciprocating compressors are also used, Figure 1-5.

Usually, the separated gas is saturated with water vapor and must be
dehydrated to an acceptable level (normally less than 7 Ib/MMscf). Usu-
ally this is done in a glycol dehydrator, such as that shown in Figure 1-6.

(text continued on page 4)
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2 Design of OIL-HANDLING Systems and Facilities

Figure 1 -1. A typical vertical two-
phase separator at a land location.
The inlet comes in the left side/ gas
comes off the top, and liquid leaves
the bottom right side of the
separator.

Figure 1 -2. A typical horizontal separator on an offshore platform showing the
inlet side. Note the drain valves at various points along the bottom and the access
platform along the top.
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Figure 1 -3. An engine-driven compressor package. The inlet and interstage
scrubbers (separators) are at the right. The gas is routed through pulsation bottles
to gas cylinders and then to the cooler on the left end of the package. The engine
that drives the compressor cylinders is located to the right of the box-like coofer.

Figure 1 -4. A turbine-driven centrifugal compressor. The turbine draws air in from
the large duct on the left. This is mixed with fuel and ignited. The jet of gas thus
created causes the turbine blades to turn at high speed before being exhausted
vertically upward through the large cylindricalduct. The turbine shaft drives the
two centrifugal compressors, which are located behind the control cabinets on the
right end of the skia.
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Figure 1 -5. A 5500-hp integral reciprocating compressor. The sixteen power
cylinders located at the top of the unit (eight on each side) drive a crankshaft that
is directly coupled to the horizontal compressor cylinders facing the camera. Large
cylindrical "bottles" mounted above ana below the compressor cylinders filter out
acoustical pulsations in the gas being compressed.

(text continued from page 1)

Dry glycol is pumped to the large vertical contact tower where it strips
the gas of its water vapor. The wet glycol then flows through a separator
to the large horizontal reboiler where it is heated and the water boiled off
as steam.

In some locations it may be necessary to remove the heavier hydrocar-
bons to lower the hydrocarbon dew point. Contaminants such as H2S and
CO2 may be present at levels higher than those acceptable to the gas pur-
chaser. If this is the case, then additional equipment will be necessary to
"sweeten" the gas.

The oil and emulsion from the separators must be treated to remove
water. Most oil contracts specify a maximum percent of basic sediment
and water (BS and W) that can be in the crude. This will typically vary
from 0.5% to 3% depending on location. Some refineries have a limit on
salt content in the crude, which may require several stages of dilution
with fresh water and subsequent treating to remove the water. Typical salt
limits are 10 to 25 pounds of salt per thousand barrels.
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Figure 1 -6. A small glycol gas
dehydration system, me large
vertical vessel on the left is the
contact tower where "dry"
glycol contacts the gas and
absorbs water vapor. The upper
horizontal vessel is the
"reboiler" or "reconcentrator"
where the wet glycol is heated,
boiling off the water that exits
the vertical pipe coming off the
top just behind the contact
tower. The lower horizontal
vessel serves as a surge tank.

Figures 1-7 and 1-8 are typical direct-fired heater-treaters that are used
for removing water from the oil and emulsion being treated. These can be
either horizontal or vertical in configuration and are distinguished by the
fire tube, air intakes, and exhausts that are clearly visible. Treaters can be
built without fire tubes, which makes them look very much like separa-
tors. Oil treating can also be done by settling or in gunbarrel tanks, which
have either external or internal gas boots. A gunbarrel tank with an inter-
nal gas boot is shown in Figure 1-9.

Production facilities must also accommodate accurate measuring and
sampling of the crude oil. This can be done automatically with a Lease
Automatic Custody Transfer (LACT) unit or by gauging in a calibrated
tank. Figure 1-10 shows a typical LACT unit.

The water that is produced with crude oil can be disposed of overboard
in most offshore areas, or evaporated from pits in some locations
onshore. Usually, it is injected into disposal wells or used for waterflood-
ing. In any case, water from the separators must be treated to remove
small quantities of produced oil. If the water is to be injected into a dis-
posal well, facilities may be required to filter solid particles from it.

(text continued on page 8)
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Figure 1 -7. A vertical heater treater. The emulsion to be treated enters on the far
side. The fire tubes (facing the camera) heat the emulsion, and oil exits near the
top. Water exits the bottom through the external water leg on the right, which
maintains the proper height of the interface between oil and water in the vessel.
Gas exits the top. Some of the gas goes to the small "pot" at the lower right where
it is scrubbed prior to being used for fuel for the burners.

Figure 1 -8. A horizontal heater treater with two burners.



The Production Facility 7

Figure 1 -9. A gunbarrel tank for treating oil. The emulsion enters the "gas boot"
on top where gas is liberated and then drops into the tank through a specially
designed "downcomer" and spreader system. The interface between oil and water
is maintained by the external water lea attached to the right side of the tank. Gas
from the tank goes through the inclined pipe to a vapor recovery compressor to be
salvaged for fuel use.

Figure 1 -10. A LACT unit for custody transfer of oil. In the vertical loop on the left
are BS&W probe and a sampler unit. The flow comes through a strainer with a gas
eliminator on top before passing through the meter. The meter contains devices Tor
making temperature and gravity corrections, for driving the sampler, and for
integrating me meter output wim that of a meter prover (not shown).
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(text continued from page 5)

Water treating can be done in horizontal or vertical skimmer vessels,
which look very much like separators. Water treating can also be done in
one of the many proprietary designs discussed in this text such as upflow
or downflow CPIs (Figure 1-11), flotation units (Figure 1-12), crossflow
coalescers/separators, and skim piles. Skim tanks with and without free-
flow turbulent coalescers (SP Packs) can also be used.

Any solids produced with the well stream must also be separated,
cleaned, and disposed of in a manner that does not violate environmental
criteria. Facilities may include sedimentation basins or tanks, hydrocy-
clones, filters, etc. Figure 1-13 is a typical hydrocyclone or "desander"
installation.

The facility must provide for well testing and measurement so that gas,
oil, and water production can be properly allocated to each well. This is
necessary not only for accounting purposes but also to perform reservoir
studies as the field is depleted.

The preceding paragraphs summarize the main functions of a produc-
tion facility, but it is important to note that the auxiliary systems support-

Figure 1 -11. A corrugated plate interceptor (CPI) used for treating water. Note that
the top plates are removable so that maintenance can be performed on the plates
located internally to the unit.



The Production Facility 9

Figure 1-12. A horizontal skimmer vessel for primary separation of oil from water
with a gas flotation unit for secondary treatment located in the foreground. Treated
water from the flotation effluent is recycled by the pump to each of the three cells.
Gas is sucked into the stream from the gas space on top of the water by a venturi
and dispersed in the water by a nozzle.

Figure 1-13. Hydrocyclone desanders used to separate sand from produced water
prior to treating the water.
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ing these functions often require more time and engineering effort than
the production itself. These support efforts include:

1. Developing a site with roads and foundations if production is
onshore, or with a platform, tanker, or some more exotic structure if
production is offshore.

2. Providing utilities to enable the process to work: generating and dis-
tributing electricity; providing and treating fuel gas or diesel; pro-
viding instrument and power air; treating water for desalting or boil-
er feed, etc. Figure 1-14 shows a typical generator installation and
Figure 1-15 shows an instrument air compressor.

3. Providing facilities for personnel, including quarters (Figure 1-16),
switchgear and control rooms (Figure 1-17), workshops, cranes,
sewage treatment units (Figure 1-18), drinking water (Figure 1-
19), etc.

4. Providing safety systems for detecting potential hazards (Figures 1-20
and 1-21), fighting hazardous situations when they occur (Figures 1-
22 and 1-23) and for personnel protection and escape (Figure 1-24).

(text continued on page 16)

Figure 1-14. A gas-engine-driven generator located in a building on an offshore
platform.
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Figure 1-15. A series of
three electric-motor-driven
instrument air compressors.
Note each one has its own
cooler. A large air receiver is
included to minimize the
starting and stopping of the
compressors and to assure
an adequate supply for
surges.

Figure 1 -16. A three-story quarters building on a deck just prior to loadout for
cross-ocean travel. A helideck is located on top of the quarters.
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Figure 1 -17. A portion of the
motor control center for an
offshore platform.

Figure 1 -18. An activated sludge sewage treatment unit for an offshore platform.
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Figure 1-19. A vacuum distillation water-maker system.

Figure 1 -20. A pneumatic shut-in panel with "first-out" indication to inform the
operator of which end element caused the shutdown.
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Figure 1 -21. The pneumatic logic within the panel shown in Figure 1 -20.

Figure 1 -22. Diesel engine driven fire-fighting pump driving a vertical turbine
pump through a right angle gear.
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Figure 1 -23. A foam fire-fighting station.

Figure 1 -24. An escape capsule
mounted on the lower deck of a
platform. The unit contains an
automatic lowering device and
motor for leaving the vicinity of
the platform.
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(text continued from page 10)

MAKING THE EQUIPMENT WORK

The main items of process equipment have automatic instrumentation
that controls the pressure and/or liquid level and sometimes temperature
within the equipment. Figure 1-25 shows a typical pressure controller
and control valve. In the black box (the controller) is a device that sends
a signal to the actuator, which opens/closes the control valve to control
pressure. Figure 1-26 shows a self-contained pressure controller, which
has an internal mechanism that senses the pressure and opens/closes the
valve as required.

Figure 1-27 shows two types of level controllers that use floats to
monitor the level. The one on the left is an on/off switch, and the two on
the right send an ever-increasing or decreasing signal as the level
changes. These floats are mounted in the chambers outside the vessel. It
is also possible to mount the float inside. Capacitance and inductance

Figure 1 -25. A pressure control valve with pneumatic actuator and pressure
controller mounted on the actuator. The control mechanism in the box senses
pressure and adjusts the supply pressure to the actuator diaphragm causing the
valve stem to move up and down as required.
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Figure 1 -26. Two self-contained pressure regulators in a fuel gas piping system. An
internal diaphragm and spring automatically adjust the opening in the valve to
maintain pressure.

Figure 1 -27. Two external level float controllers and an external float switch. The
controllers on the right sense the level of fluids in the vessel. The switch on the left
provides a high level alarm.
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probes and pressure differential measuring devices are also commonly
used to measure level.

Figure 1-28 shows a pneumatic level control valve that accepts the sig-
nal from the level controller and opens/closes to allow liquid into or out
of the vessel. In older leases it is common to attach the valve to a con-
troller float directly through a mechanical linkage. Some low-pressure
installations use a lever-balanced valve such as shown in Figure 1-29.
The weight on the lever is adjusted until the force it exerts to keep the
valve closed is balanced by the opening force caused by the head of liq-
uid in the vessel.

Temperature controllers send signals to control valves in the same
manner as pressure and level controllers.

FACILITY TYPES

It is very difficult to classify production facilities by type, because they
differ due to production rates, fluid properties, sale and disposal require-
ments, location, and operator preference. Some more or less typical

Figure 1 -28. A level control valve with bypass. The signal from the controller
causes the diaphragm of the actuator ana thus the valve stem to move.
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Figure 1 -29. Two level-balanced liquid control valves. The position of the weight
on the valve lever determines the amount of fluid column upstream of the valve
necessary to force the valve to open.

cal onshore facilities are shown in Figures 1-30, 1-31, and 1-32. In cold
weather areas, individual pieces of equipment could be protected as
shown in Figure 1-33, or the equipment could be completely enclosed in
a building such as shown in Figure 1-34.

In marsh areas the facilities can be installed on wood, concrete, or
steel platforms or on steel or concrete barges, as shown in Figure 1-35. In
shallow water, facilities can be installed on several different platforms
connected by bridges (Figure 1-36). In deeper water it may be necessary
to install all the facilities and the wells on the same platform as in Figure
1-37. Sometimes, in cold weather areas, the facilities must be enclosed as
shown in Figure 1-38.

Facilities have been installed on semi-submersible floating structures,
tension leg platforms, tankers (Figure 1-39) and converted jack-up
drilling rigs (Figure 1-40). Figure 1-41 shows a facility installed on a
man-made island.
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Figure 1 -30. An onshore lease facility showing vertical three-phase separator, a
horizontal two-phase separator, a vertical heater treater, ana two storage tanks.

Figure 1-31. An onshore central facility with a large horizontal free water
knockout, and a horizontal heater treater.

Figure 1 -32. A marsh facility where the equipment is elevated on concrete
platforms. Note the two large vertical separators in the distance, the row of nine
vertical heater treaters, anathe elevated quarters building.
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Figure 1 -33. In cold weather areas it is sometimes necessary to insulate the vessels
and pipe and house all controls in a building attached to the vessel.

Figure 1 -34. An onshore facility in Michigan where the process vessels are
enclosed inside of an insulated building.
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Figure 1 -35. In marsh and shallow water areas it is sometimes beneficial to build
the facilities on a concrete barge onshore and then sink the barge on location.

Figure 1 -36. In moderate water depths it is possible to separate the quarters (on
the left) and oil storage (on the right) from the rest of the equipment for safety
reasons.
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Figure 1 -37. In deep waters this is not possible and the facilities can get somewhat
crowded.

Figure 1 -38. In cold weather areas such as this platform in Cook Inlet, Alaska, the
facilities may be totally enclosed.
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Figure 1 -39. A tanker with facilities installed for a location near Thailand.

Figure 1 -40. This converted jack-up rig was installed off the African coast.
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Figure 1-41. Sometimes the facilities must be decorated to meet some group's idea
of what is aesthetically pleasing. This facility off California has palm trees, fake
waterfalls and drilling derricks disguised as condominiums.



CHAPTER

2

Choosing a
Process*

INTRODUCTION

This chapter explains how the various components are combined into
a production system. The material is in no way meant to be all-inclusive.
Many things must be considered in selecting components for a system
and there is no substitute for experience and good engineering judgment.

A process flowsheet is used to describe the system. (Process flow-
sheets and their uses are described in Chapter 13.) Figure 2-1 is a typical
flowsheet that will be used as an example for discussion purposes. Figure
2-2 defines many of the commonly used symbols in process flowsheets.

CONTROLLING THE PROCESS

Before discussing the process itself, it is necessary to understand how
the process is controlled.

Operation of a Control Valve

Control valves are used throughout the process to control pressure,
level, temperature, or flow. It is beyond the scope of this text to discuss

*Reviewed for the 1998 edition by Kevin R. Mara of Paragon Engineering Services, Inc.
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Figure 2-2. Common flowsheet symbols.

the differences between the various types of control valves and the proce-
dures for their sizing. This section focuses primarily on the functions of
this equipment. Figure 2-3 shows a very common single-port globe body
control valve. All control valves have a variable opening or orifice. For a
given pressure drop across the valve, the larger the orifice the greater the
flow through the valve.

Figure 2-3. Typical single-port body
control valve (courtesy of Fisher Controls
International, Inc.).
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Chokes and other flow control devices have either a fixed or variable
orifice. With a fixed pressure drop across the device (i.e., with both the
upstream and downstream pressure fixed by the process system) the larg-
er the orifice the greater the flow.

In Figure 2-3 the orifice is made larger by moving the valve stem
upward. This moves the plug off the seat, creating a larger annulus for
flow between the seat and the plug. Similarly, the orifice is made smaller
by moving the valve stem downward. The most common way to affect
this motion is with a pneumatic actuator, such as that shown in Figure 2-
4. Instrument air or gas applied to the actuator diaphragm overcomes a
spring resistance and either moves the stem upward or downward.

The action of the actuator must be matched with the construction of the
valve body to assure that the required failure mode is met. That is, if it is
desirable for the valve to fail closed, then the actuator and body must be
matched so that on failure of the instrument air or gas, the spring causes
the stem to move in the direction that blocks flow (i.e., fully shut). This
would normally be the case for most liquid control valves. If it is desir-
able for the valve to fail to open, as in many pressure control situations,
then the spring must cause the stem to move in the fully open direction.

Pressure Control

The hydrocarbon fluid produced from a well is made up of many com-
ponents ranging from methane, the lightest and most gaseous hydrocar-
bon, to some very heavy and complex hydrocarbon compounds. Because
of this, whenever there is a drop in fluid pressure, gas is liberated. There-
fore, pressure control is important.

Figure 2-4. Typical pneumatic actuator (courtesy
of Fisher Controls International, Inc.).
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The most common method of controlling pressure is with a pressure
controller and a backpressure control valve. The pressure controller sens-
es the pressure in the vapor space of the pressure vessel or tank. By regu-
lating the amount of gas leaving the vapor space, the backpressure con-
trol valve maintains the desired pressure in the vessel. If too much gas is
released, the number of molecules of gas in the vapor space decreases,
and thus the pressure in the vessel decreases. If insufficient gas is
released, the number of molecules of gas in the vapor space increases,
and thus the pressure in the vessel increases.

In most instances, there will be enough gas separated or "flashed" from
the liquid to allow the pressure controller to compensate for changes in
liquid level, temperature, etc., which would cause a change in the number
of molecules of gas required to fill the vapor space at a given pressure.
However, under some conditions where there has been only a small pres-
sure drop from the upstream vessel, or where the crude GOR (gas/oil
ratio) is low, it may be necessary to add gas to the vessel to maintain pres-
sure control at all times. This is called "make-up" or "blanket" gas. Gas
from a pressure source higher than the desired control pressure is routed
to the vessel by a pressure controller that senses the vessel pressure auto-
matically, allowing either more or less gas to enter the vessel as required.

Level Control

It is also necessary to control the gas/liquid interface or the oil/water
interface in process equipment. This is done with a level controller and
liquid dump valve. The most common form of level controller is a float,
although electronic sensing devices can also be used. If the level begins
to rise, the controller signals the liquid dump valve to open and allow liq-
uid to leave the vessel. If the level in the vessel begins to fall, the con-
troller signals the liquid dump valve to close and decrease the flow of
liquid from the vessel. In this manner the liquid dump valve is constantly
adjusting its opening to assure that the rate of liquid flowing into the ves-
sel is matched by the rate out of the vessel.

Temperature Control

The way in which the process temperature is controlled varies. In a
heater, a temperature controller measures the process temperature and
signals a fuel valve to either let more or less fuel to the burner. In a heat
exchanger the temperature controller could signal a valve to allow more
or less of the heating or cooling media to bypass the exchanger.
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Flow Control

It is very rare that flow must be controlled in an oil field process. Nor-
mally, the control of pressure, level, and temperature is sufficient. Occa-
sionally, it is necessary to assure that flow is split in some controlled
manner between two process components in parallel, or perhaps to main-
tain a certain critical flow through a component. This can become a com-
plicated control problem and must be handled on an individual basis.

BASIC SYSTEM CONFIGURATION

Wellhead and Manifold

The production system begins at the wellhead, which should include at
least one choke, unless the well is on artificial lift. Most of the pressure
drop between the well flowing tubing pressure (FTP) and the initial separa-
tor operating pressure occurs across this choke. The size of the opening in
the choke determines the flow rate, because the pressure upstream is deter-
mined primarily by the well FTP, and the pressure downstream is deter-
mined primarily by the pressure control valve on the first separator in the
process. For high-pressure wells it is desirable to have a positive choke in
series with an adjustable choke. The positive choke takes over and keeps
the production rate within limits should the adjustable choke fail.

On offshore facilities and other high-risk situations, an automatic shut-
down valve should be installed on the wellhead. (It is required by federal
law in the United States.) In all cases, block valves are needed so that
maintenance can be performed on the choke if there is a long flowline.

Whenever flows from two or more wells are commingled in a central
facility, it is necessary to install a manifold to allow flow from any one
well to be produced into any of the bulk or test production systems.

Separation

Initial Separator Pressure

Because of the multicomponent nature of the produced fluid, the
higher the pressure at which the initial separation occurs, the more liq-
uid will be obtained in the separator. This liquid contains some light
components that vaporize in the stock tank downstream of the separator.
If the pressure for initial separation is too high, too many light compo-
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nents will stay in the liquid phase at the separator and be lost to the gas
phase at the tank. If the pressure is too low, not as many of these light
components will be stabilized into the liquid at the separator and they
will be lost to the gas phase.

This phenomenon, which can be calculated using flash equilibrium tech-
niques discussed in Chapter 3, is shown in Figure 2-5. It is important to
understand this phenomenon qualitatively. The tendency of any one com-
ponent in the process stream to flash to the vapor phase depends on its par-
tial pressure. The partial pressure of a component in a vessel is defined as
the number of molecules of that component in the vapor space divided by
the total number of molecules of all components in the vapor space times
the pressure in the vessel. Thus, if the pressure in the vessel is high, the
partial pressure for the component will be relatively high and the mole-
cules of that component will tend toward the liquid phase. This is seen by
the top line in Figure 2-5. As the separator pressure is increased, the liquid
flow rate out of the separator increases.

The problem with this is that many of these molecules are the lighter
hydrocarbons (methane, ethane, and propane), which have a strong ten-
dency to flash to the gas state at stock tank conditions (atmospheric pres-
sure). In the stock tank, the presence of these large numbers of molecules
creates a low partial pressure for the intermediate range hydrocarbons
(butanes, pentane, and heptane) whose flashing tendency at stock tank
conditions is very susceptible to small changes in partial pressure. Thus,
by keeping the lighter molecules in the feed to the stock tank we manage
to capture a small amount of them as liquids, but we lose to the gas phase
many more of the intermediate range molecules. That is why beyond
some optimum point there is actually a decrease in stock tank liquids by
increasing the separator operating pressure.

Stage Separation

Figure 2-5 deals with a simple single-stage process. That is, the fluids
are flashed in an initial separator and then the liquids from that separator
are flashed again at the stock tank. Traditionally, the stock tank is not
normally considered a separate stage of separation, though it most
assuredly is.

Figure 2-6 shows a three-stage separation process. The liquid is first
flashed at an initial pressure and then flashed at successively lower pres-
sures two times before entering the stock tank.
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Figure 2-5. Effect of separator pressure on stock-tank liquid recovery.

Figure 2-6. Stage separation.
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Because of the multicomponent nature of the produced fluid, it can be
shown by flash calculations that the more stages of separation after the
initial separation the more light components will be stabilized into the
liquid phase. This can be understood qualitatively by realizing that in a
stage separation process the light hydrocarbon molecules that flash are
removed at relatively high pressure, keeping the partial pressure of the
intermediate hydrocarbons lower at each stage. As the number of stages
approaches infinity, the lighter molecules are removed as soon as they
are formed and the partial pressure of the intermediate components is
maximized at each stage. The compressor horsepower required is also
reduced by stage separation as some of the gas is captured at a higher
pressure than would otherwise have occurred. This is demonstrated by
the example presented in Table 2-1.

Selection of Stages

As more stages are added to the process there is less and less incre-
mental liquid recovery. The diminishing income for adding a stage must
more than offset the cost of the additional separator, piping, controls,
space, and compressor complexities. It is clear that for each facility there
is an optimum number of stages. In most cases, the optimum number of
stages is very difficult to determine as it may be different from well to
well and it may change as the wells' flowing pressure declines with time.
Table 2-2 is an approximate guide to the number of stages in separation,
excluding the stock tank, which field experience indicates is somewhat
near optimum. Table 2-2 is meant as a guide and should not replace flash
calculations, engineering studies, and engineering judgment.

Table 2-1
Effect of Separation Pressure for a Rich Condensate Stream

Separation Stages Liquid Produced Compressor Horsepower
Case psia bopd Required

I 1215,65 8,400 861
II 1215,515,65 8,496 497
III 1215,515,190,65 8,530 399
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Table 2-2
Stage Separation Guidelines

Initial Separator Number of
Pressure, psig Stages*

25-125 1
125-300 1-2
300-500 2
500-700 2-3**

* Does not include stock tank.
** At flow rates exceeding 100,000 bopd, more stages may be appropriate.

Fields with Different Flowing Tubing Pressures

The discussion to this point has focused on a situation where all the
wells in a field produce at roughly the same flowing tubing pressure, and
stage separation is used to maximize liquid production and minimize
compressor horsepower. Often, as in our example flowsheet, stage sepa-
ration is used because different wells producing to the facility have dif-
ferent flowing tubing pressures. This could be because they are complet-
ed in different reservoirs, or are located in the same reservoir but have
different water production rates. By using a manifold arrangement and
different primary separator operating pressures, there is not only the ben-
efit of stage separation of high-pressure liquids, but also conservation of
reservoir energy. High-pressure wells can continue to flow at sales pres-
sure requiring no compression, while those with lower tubing pressures
can flow into whichever system minimizes compression.

Separator Operating Pressures

The choice of separator operating pressures in a multistage system is
large. For large facilities many options should be investigated before a
final choice is made. For facilities handling less than 50,000 bpd, there
are practical constraints that help limit the options.

A minimum pressure for the lowest pressure stage would be in the 25 to
50 psig range. This pressure will probably be needed to allow the oil to be
dumped to a treater or tank and the water to be dumped to the water treat-
ing system. The higher the operating pressure the smaller the compressor
needed to compress the flash gas to sales. Compressor horsepower require-
ments are a function of the absolute discharge pressure divided by the
absolute suction pressure. Increasing the low pressure separator pressure
from 50 psig to 200 psig may decrease the compression horsepower
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required by 33%. However, it may also add backpressure to wells, restrict-
ing their flow, and allow more gas to be vented to atmosphere at the tank.
Usually, an operating pressure of between 50 and 100 psig is optimum.

As stated before, the operating pressure of the highest pressure separa-
tor will be no higher than the sales gas pressure. A possible exception to
this could occur where the gas lift pressure is higher than the sales gas
pressure. In choosing the operating pressures of the intermediate stages it
is useful to remember that the gas from these stages must be compressed.
Normally, this will be done in a multistage compressor. For practical rea-
sons, the choice of separator operating pressures should match closely
and be slightly greater than the compressor interstage pressures. The
most efficient compressor sizing will be with a constant compressor ratio
per stage. Therefore, an approximation of the intermediate separator
operating pressures can be derived from:

where R = ratio per stage
Pd = discharge pressure, psia
Ps = suction pressure, psia
n = number of stages

Once a final compressor selection is made, these approximate pressures
will be changed slightly to fit the actual compressor configuration.

In order to minimize interstage temperatures the maximum ratio per
stage will normally be in the range of 3.6 to 4.0. That means that most
production facilities will have either two- or three-stage compressors. A
two-stage compressor only allows for one possible intermediate separator
operating pressure. A three-stage allows for either one operating at sec-
ond- or third-stage suction pressure, or two intermediate separators each
operating at one of the two compressor intermediate suction pressures.
Of course, in very large facilities it would be possible to install a separate
compressor for each separator and operate as many intermediate pressure
separators as is deemed economical.

Two Phase vs. Three Phase Separators

In our example process the high- and intermediate-stage separators are
two-phase, while the low-pressure separator is three-phase. This is called
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a "free water knockout" (FWKO) because it is designed to separate the
free water from the oil and emulsion, as well as separate gas from liquid.
The choice depends on the expected flowing characteristics of the wells.
If large amounts of water are expected with the high-pressure wells, it is
possible that the size of the other separators could be reduced if the high-
pressure separator was three-phase. This would not normally be the case
for a facility such as that shown in Figure 2-1 where individual wells are
expected to flow at different FTPs. In some instances, where all wells are
expected to have similar FTPs at all times, it may be advantageous to
remove the free water early in the separation scheme.

Process Flowsheet

Figure 2-7 is an enlargement of the FWKO of Figure 2-1 to show the
amount of detail that would be expected on a process flowsheet. A flash
calculation is needed to determine the amount of gas and liquid that each
separator must handle.

In the example process of Figure 2-1, the treater is not considered a
separate stage of separation as it operates very close to the FWKO pres-
sure, which is the last stage. Very little gas will flash between the two
vessels. In most instances, this gas will be used for fuel or vented and not

Figure 2-7. Free water knockout.
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compressed for sales, although a small compressor could be added to
boost this gas to the main compressor suction pressure.

Oil Treating

Most oil treating on offshore facilities is done in vertical or horizontal
treaters, such as those described in Chapter 6. Figure 2-8 is an enlarge-
ment of the oil treater in Figure 2-1. In this case, a gas blanket is provid-
ed to assure that there is always enough pressure in the treater so the
water will flow to water treating.

At onshore locations the oil may be treated in a big "gunbarrel" (or
settling) tank, as shown in Figure 2-9. All tanks should have a
pressure/vacuum valve with flame arrester and gas blanket to keep a pos-
itive pressure on the system and exclude oxygen. This helps to prevent
corrosion, eliminate a potential safety hazard, and conserve some of the
hydrocarbon vapors. Figure 2-10 shows a typical pressure/vacuum valve.
A pressure in the tank lifts a weighted disk or pallet, which allows the
gas to escape. If there is a vacuum in the tank because the gas blanket
failed to maintain a slight positive pressure, the greater ambient pressure
lifts another disk, which allows air to enter. Although we wish to exclude
air, it is preferable to allow a small controlled volume into the tank rather
than allow the tank to collapse. The savings associated with keeping a
positive pressure on the tank is demonstrated by Table 2-3.

Figure 2-8. Bulk treater.
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Figure 2-9. "Gunbarrel."

Figure 2-10. Typical pressure/vacuum valve (courtesy ofGroth Equipment Corp.).

Table 2-3
Tank Breathing Loss

Nominal Breathing Loss
Capacity Open Vent Pressure Valve

bbl bbl/yr bbl/yr Barrels Saved

5,000 235 154 81
10,000 441 297 144
20,000 625 570 255
55,000 2,000 1,382 618
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Figure 2-11 shows a typical flame arrester. The tubes in the device
keep a vent flame from traveling back into the tank. Flame arresters have
a tendency to plug with paraffin and thus must be installed where they
can be inspected and maintained. Since they can plug, a separate reliev-
ing device (most often a gauge hatch set to open a few ounces above the
normal relieving device) must always be installed.

The oil is skimmed off the surface of the gun barrel and the water exits
from the bottom either through a water leg or an interface controller and
dump valve. It must be pointed out that since the volume of the liquid is
fixed by the oil outlet, gun barrels cannot be used as surge tanks.

Flow from the treater or gun barrel goes to a surge tank from which it
either flows into a barge or truck or is pumped into a pipeline.

Lease Automatic Custody Transfer (LACT)

In large facilities oil is typically sold through a LACT unit, which is
designed to meet API Standards and whatever additional measuring and
sampling standards are required by the crude purchaser. The value

Figure 2-11. Typical flame arrester (courtesy of Groth Equipment Corp.).
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received for the crude will typically depend on its gravity, BS+W con-
tent, and volume. Therefore, the LACT unit must not only measure the
volume accurately, but must continuously monitor the BS+W content and
take a sufficiently representative sample so that the gravity and BS+W
can be measured.

Figure 2-12 shows schematically the elements of a typical LACT unit.
The crude first flows through a strainer/gas eliminator to protect the
meter and to assure that there is no gas in the liquid. An automatic BS+W
probe is mounted in a vertical run. When BS+W exceeds the sales con-
tract quality this probe automatically actuates the diverter valve, which
blocks the liquid from going further in the LACT unit and sends it back
to the process for further treating. Some sales contracts allow for the
BS+W probe to merely sound a warning so that the operators can manu-
ally take corrective action. The BS+W probe must be mounted in a verti-
cal run if it is to get a true reading of the average quality of the stream.

Downstream of the diverter a sampler in a vertical run takes a calibrat-
ed sample that is proportional to the flow and delivers it to a sample con-
tainer. The sampler receives a signal from the meter to assure that the
sample size is always proportional to flow even if the flow varies. The
sample container has a mixing pump so that the liquid in the container
can be mixed and made homogeneous prior to taking a sample of this
fluid. It is this small sample that will be used to convert the meter read-
ing for BS+W and gravity.

The liquid then flows through a positive displacement meter. Most
sales contracts require the meter to be proven at least once a month and a
new meter factor calculated. On large installations a meter prover such as
that shown in Figure 2-12 is included as a permanent part of the LACT
skid or is brought to the location when a meter must be proven. The
meter prover contains a known volume between two detector switches.
This known volume has been measured in the factory to ±0.02% when
measured against a tank that has been calibrated by the National Bureau
of Standards. A spheroid pig moves back and forth between the detectors
as the four-way valve is automatically switched. The volume recorded by
the meter during the time the pig moves between detectors for a set num-
ber of traverses of the prover is recorded electrically and compared to the
known volume of the meter prover.

On smaller installations, a master meter that has been calibrated using
a prover may be brought to the location to run in series with the meter to
be proven. In many onshore locations a truck-mounted meter prover is
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Figure 2-12. Typical LACT unit schematic.

used. The sales meter must have a proven repeatability of ±0.02% when
calibrated against a master meter or ±0.05% when calibrated against a
tank or meter proven

Pumps

Pumps are normally needed to move oil through the LACT unit and
deliver it at pressure to a pipeline downstream of the unit. Pumps are
sometimes used in water treating and disposal processes. In addition,
many small pumps may be required for pumping skimmed oil to higher
pressure vessels for treating, glycol heat medium and cooling water ser-
vice, firefighting, etc. The various types of pumps and their uses are fur-
ther explained in Chapter 10.
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Water Treating

Chapter 7 describes choosing a process for this subsystem, including
vessel and open drains. Figure 2-13 shows an enlargement of the water
treating system for the example.

Compressors

Figure 2-14 shows the configuration of the typical three-stage recipro-
cating compressor in our example flowsheet. Gas from the FWKO enters
the first-stage suction scrubber. Any liquids that may have come through
the line are separated at this point and the gas flows to the first stage.
Compression heats the gas, so there is a cooler after each compression
stage. At the higher pressure more liquids may separate, so the gas enters
another scrubber before being compressed and cooled again.

In the example, gas from the intermediate pressure separator can be
routed to either the second-stage or third-stage suction pressure, as con-
ditions in the field change.

Gulf of Mexico accident records indicate that compressors are the sin-
gle most hazardous piece of equipment in the process. The compressor is
equipped with an automatic suction shut-in valve on each inlet and a dis-
charge shut-in valve so that when the unit shuts down, or when an abnor-
mal condition is detected, the shut-in valves actuate to isolate the unit
from any new sources of gas. Many operators prefer, and in some cases
regulations require, that an automatic blowdown valve also be installed
so that as well as isolating the unit, all the gas contained within the unit
is vented safely at a remote location.

Compressors in oil field service should be equipped with a recycle
valve and a vent valve, such as shown in Figure 2-14. Compressor oper-
ating conditions are typically not well known when the compressor is
installed, and even if they were, they are liable to change greatly as wells
come on and off production. The recycle valve allows the compressor to
be run at low throughput rates by keeping the compressor loaded with its
minimum required throughput. In a reciprocating compressor this is
done by maintaining a minimum pressure on the suction. In a centrifugal
compressor this is done by a more complex surge control system.

The vent valve allows production to continue when the compressor
shuts down. Many times a compressor will only be down for a short time

(text continued on page 46)
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(text continued from page 43)

and it is better to vent the gas rather than automatically shut in produc-
tion. The vent valve also allows the compressor to operate when there is
too much gas to the inlet. Under such conditions the pressure will rise to
a point that could overload the rods on a reciprocating compressor.

The two basic types of compressors used in production facilities are
reciprocating and centrifugal. Reciprocating compressors compress the
gas with a piston moving linearly in a cylinder. Because of this, the flow
is not steady, and care must be taken to control vibrations. Centrifugal
compressors use high-speed rotating wheels to create a gas velocity that
is converted into pressure by stators.

Reciprocating compressors are particularly attractive for low horse-
power (< 2,000 hp), high-ratio applications, although they are available
in sizes up to approximately 10,000 hp. They have higher fuel efficien-
cies than centrifugals, and much higher turndown capabilities.

Centrifugal compressors are particularly well suited for high horse-
power (>4,000 hp) or for low ratio (<2.5) in the 1,000 hp and greater
sizes. They are less expensive, take up less space, weigh less, and tend to
have higher availability and lower maintenance costs than recips. Their
overall fuel efficiency can be increased if use is made of the high temper-
ature exhaust heat in the process.

Gas De hydra tors

Removing most of the water vapor from the gas is required by most
gas sales contracts, because it prevents hydrates from forming when the
gas is cooled in the transmission and distribution systems and prevents
water vapor from condensing and creating a corrosion problem. Dehy-
dration also increases line capacity marginally.

Most sales contracts in the southern United States call for reducing the
water content in the gas to less than 7 Ib/MMscf. In colder climates, sales
requirements of 3 to 5 Ib/MMscf are common. The following methods
can be used for drying the gas:

1. Cool to the hydrate formation level and separate the water that
forms. This can only be done where high water contents (±30
Ib/MMscfd) are acceptable.

2. Use a Low-temperature Exchange (LTX) unit designed to melt the
hydrates as they are formed. Figure 2-15 shows the process. LTX
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units require inlet pressures greater than 2,500 psi to work effective-
ly. Although they were common in the past, they are not normally
used because of their tendency to freeze and their inability to oper-
ate at lower inlet pressure as the well FTP declines.

3. Contact the gas with a solid bed of CaCl2. The CaCl2 will reduce
the moisture to low levels, but it cannot be regenerated and is very
corrosive.

4. Use a solid desiccant, such as activated alumina, silica gel or molec-
ular sieve, which can be regenerated. These are relatively expensive
units, but they can get the moisture content to very low levels.
Therefore, they tend to be used on the inlets to low temperature gas
processing plants, but are not common in production facilities.

Figure 2-15. Low-temperature exchange unit.
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5. Use a liquid desiccant, such as methanol or ethylene glycol, which
cannot be regenerated. These are relatively inexpensive. Extensive
use is made of methanol to lower the hydrate temperature of gas
well flowlines to keep hydrates from freezing the choke.

6. Use a glycol liquid desiccant, which can be regenerated. This is the
most common type of gas dehydration system and is the one shown
on the example process flowsheet.

Figure 2-16 shows how a typical bubble-cap glycol contact tower
works. Wet gas enters the base of the tower and flows upward through
the bubble caps. Dry glycol enters the top of the tower, and because of
the downcomer wier on the edge of each tray, flows across the tray and
down to the next. There are typically six to eight trays in most applica-
tions. The bubble caps assure that the upward flowing gas is dispersed
into small bubbles to maximize its contact area with the glycol.

Before entering the contactor the dry glycol is cooled by the outlet gas
to minimize vapor losses when it enters the tower. The wet glycol leaves
from the base of the tower and flows to the reconcentrator (reboiler) by
way of heat exchangers, a gas separator, and filters, as shown in Figure
2-17. In the reboiler the glycol is heated to a sufficiently high tempera-
ture to drive off the water as steam. The dry glycol is then pumped back
to the contact tower.

Most glycol dehydrators use triethylene glycol, which can be heated to
340°F to 400°F in the reconcentrator and work with gas temperatures up
to 120°F. Tetraethylene glycol is more expensive but it can handle hotter
gas without high losses and can be heated in the reconcentrator to 400°F
to 430°F.

WELL TESTING

It is necessary to keep track of the gas, oil, and water production from
each well to be able to manage the reserves properly, evaluate where fur-
ther reserve potential may be found, and diagnose well problems as
quickly as possible. Proper allocation of income also requires knowledge
of daily production rates as the royalty or working interest ownership
may be different for each well.

In simple facilities that contain only a few wells, it is attractive to
route each well to its own separator and/or treater and measure its gas,
oil, and water production on a continuous basis. In facilities that handle
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Figure 2-16. Typical glycol contact tower.

production from many wells, it is sometimes more convenient to enable
each well to flow through the manifold to one or more test subsystems
on a periodic basis. Total production from the facility is then allocated
back to the individual wells on the basis of these well tests.

The frequency with which wells must be tested and the length of the
test depends upon well properties, legal requirements, requirements for
special studies, etc. Most oil wells should be tested at least twice a month
for four to twelve hours. Gas wells should be tested at least once a
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month. Due to the need to put troublesome wells on long-term tests, the
need to repeat tests whose results might be suspect, and the need to test
several wells whenever there is an unexpected change in total produc-
tion, one test system can handle approximately 20 oil wells.

In order to obtain a valid test, the test system should operate at the
same pressure as the system to which the well normally flows. That is, if
a well normally flows to a high-pressure separator the first vessel in the
test system should operate at that pressure. If other Wells normally flow
to an intermediate- or low-pressure separator, the first vessel in the test
system must be able to operate at that pressure as well. Thus, in our
example facility, Figure 2-1, we must either install separate high-, inter-
mediate- and low-pressure test systems, or we must arrange the gas back-
pressure valves on the first vessel in the test system so that the vessel can
operate at any of the three pressures by just switching a valve.

A test system can be made up of any of the components we have dis-
cussed (e.g., separators, FWKOs, treaters) arranged in any combination
that makes sense to obtain the required data. A three-phase separator could
be used where oil/water emulsions are not considered severe. The amount
of oil in the water outlet is insignificant and can be neglected. The water
in the oil outlet can be determined from a net oil computer, which auto-
matically corrects for the water, or by taking a sample and measuring its
oil content. This would be particularly well suited for gas wells.

A vertical treater could be used where it was considered necessary to
heat the emulsion in order to measure its water content. Standard treaters
are low-pressure vessels with limited gas and free water capacity. For this
reason they would tend to be used on low-pressure oil wells. If it is desir-
able to use the treater on a higher pressure oil well, this could be done by
including a separator upstream of and in series with the treater. If a great
deal of free water is expected, the treater could be designed with a large
FWKO section or a three-phase separator could be installed upstream.

Some facilities use a high-pressure three-phase separator for the high-
and intermediate-pressure wells that do not make much water and a
treater for the low-pressure wells. Figure 2-18 shows an enlargement of
the well test system for the example.

GAS LIFT

We must comment a bit about gas lift systems because they are in
widespread use and have a significant impact on the facility process. Fig-
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Figure 2-18. Well test system.

ure 2-19 is a diagram of a gas lift system from the facility engineer's per-
spective. High-pressure gas is injected into the well to lighten the column
of fluid and allow the reservoir pressure to force the fluid to the surface.
The gas that is injected is produced with the reservoir fluid into the low-
pressure system. Therefore, the low-pressure separator must have suffi-
cient gas separation capacity to handle gas lift as well as formation gas.

If gas lift is to be used, it is even more important from a production
standpoint that the low-pressure separator be operated at the lowest prac-

Figure 2-19. Gas lift system.
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tical pressure. Figure 2-20 shows the effects of wellhead backpressure for
a specific set of wells. It can be seen that a one psi change in well back-
pressure will cause between 2 and 6 BFPD change in well deliverability.

The higher the injected gas pressure into the casing the deeper the last
gas lift valve can be set. As shown in Figure 2-21, for a typical well the
higher the design injection the higher the flowrate. Most gas sales con-
tracts are in the 1,000 to 1,200 psi range. Therefore, the process must be
designed to deliver the sales gas at this pressure. As seen from Figure 2-
21 at about this range a rather large change in gas injection pressure is
necessary for a small change in well deliverability. In the range of pres-
sures under consideration (approximately 65-psia suction, 1,215-psia dis-
charge) a 1-psi change in suction pressure (i.e., low-pressure separation
operating pressure) is equivalent to a 19-psi change in discharge pressure
(i.e., gas lift injection pressure) as it affects compressor ratio and thus
compressor horsepower requirements. A comparison of Figures 2-20 and
2-21 shows that a 1-psi lowering of suction pressure in this typical case
is more beneficial than a 19-psi increase in discharge pressure for the
wells with a low productivity index (PI) but not as beneficial for the high
PI wells. The productivity index is the increase in fluid flow into the bot-
tom of the well (in barrels per day) for a 1-psi drawdown in bottomhole
pressure.

Figure 2-20. Effect of wellhead backpressure on total fluid production rate for a
specific set of wells.
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Figure 2-21. Effect of gas lift injection pressure on total fluid production rate for a
specific set of wells.

Figure 2-22 shows the effect of gas injection rate. As more gas is
injected, the weight of fluid in the tubing decreases and the bottomhole
flowing pressure decreases. This is balanced by the friction drop in the
tubing. As more gas lift gas is injected, the friction drop of the mixture
returning to the surface increases exponentially. At some point the fric-
tion drop effect is greater than the effect of lowering fluid column
weight. At this point, injecting greater volumes of gas lift gas causes the
bottomhole pressure to increase and thus the production rate to decrease.

Each gas lift system must be evaluated for its best combination of
injection rate, separator pressure, and injection pressure, taking into
account process restraints (e.g., need to move the liquid through the
process) and the sales gas pressure. In the vast majority of cases, a low-
pressure separator pressure of about 50 psig and a gas lift injection pres-
sure of 1,000 to 1,400 psig will prove to be near optimum.

OFFSHORE PLATFORM CONSIDERATIONS

Overview

An increasing amount of the world's oil and gas comes from offshore
fields. This trend will accelerate as onshore fields are depleted. A grow-
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Figure 2-22. Effect of gas lift injection rate on total fluid production rate for a
specific set of wells.

ing amount of engineering effort is being spent on offshore facility
designs. Thus, it is appropriate that this section describe platforms that
accommodate simultaneous drilling and production operations.

Modular Construction

Modules are large boxes of equipment installed in place and weighing
from 300 to 2,000 tons each. Modules are constructed, piped, wired and
tested in shipyards or in fabrication yards, then transported on barges and
set on the platform, where the interconnections are made (Figure 2-23).
Modular construction is used to reduce the amount of work and the num-
ber of people required for installation and start-up.

Equipment Arrangement

The equipment arrangement plan shows the layout of all major equip-
ment. As shown in Figure 2-24, the right-hand module contains the flare
drums, water skimmer tank and some storage vessels. In addition, it pro-
vides support for the flare boom.

The adjacent wellhead module consists of a drilling template with con-
ductors through which the wells will be drilled. The third unit from the
right contains the process module, which houses the separators and other
processing equipment. The fourth and fifth modules from the right con-



56 Design of OIL-HANDLING Systems and Facilities

Figure 2-23. Schematic of a large offshore platform, illustrating the concept of
modularization.

Figure 2-24. Equipment arrangement plan of a typical offshore platform illustrating
the layout of the fower deck.
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tain turbine-driven pumps, fuel gas scrubbers, and the produced-water
treating area. The last two modules house utilities such as power genera-
tors, air compressors, potable water makers, a control room, and
switchgear and battery rooms. The living quarters are located over the
last module.

Figure 2-25 shows an elevation of a platform in which the equipment
arrangement is essentially the same.

Figure 2-25. Typical elevation view of an offshore platform showing the
relationships among the major equipment modules.



CHAPTER

3

Fluid Properties*

INTRODUCTION

Before describing the equipment used in the process and design tech-
niques for sizing and specifying that equipment, it is necessary to define
some basic fluid properties. We will also discuss some of the common
calculation procedures, conversions, and operations used to describe the
fluids encountered in the process.

BASIC PRINCIPLES

Specific Gravity and Density

Specific gravity of a liquid is the ratio of the density of the liquid at
60°F to the density of pure water. API gravity is related to the specific
gravity by the following equation:

*Reviewed for the 1998 edition by Michael Hale of Paragon Engineering Services, Inc.

58
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The specific gravity of a gas is the ratio of the density of the gas to the
density of air at standard conditions of temperature and pressure. It may
be related to the molecular weight by the following equation:

In most calculations the specific gravity of the gas is always referred
to in terms of standard conditions of temperature and pressure and there-
fore is always given by Equation 3-2 once the molecular weight of the
gas is known. The density of a gas at any condition of temperature and
pressure can be determined by remembering that the density of air at
standard conditions of temperature and pressure (60°F and 14.7 psia) is
0.0764 lb/ft3.

The density of gas is thus given as:

Derivation of Equations 3-3 and 3-4

Density of gas at standard conditions of temperature and pressure is by
definition:

The volume of a pound of gas is given by the specific volume as:
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The equation of state for a gas is given for engineering calculations as:

For any gas, comparing its equation of state at standard conditions to
that at actual conditions:

The compressibility factor for a natural gas can be approximated from
Figures 3-1 through 3-6, which are from the Engineering Data Book of
the Gas Processor Suppliers Association.

In most calculations the specific gravity of liquids is normally refer-
enced to actual temperature and pressure conditions. Figures 3-7 and 3-8
can be used to approximate how the specific gravity of a liquid decreases
with increasing temperature, assuming no phase changes. In most practi-
cal pressure drop calculations associated with production facilities, the
difference in specific gravity caused by pressure changes will not be
severe enough to be considered if there are no phase changes.

For hydrocarbons, which undergo significant phase changes, Figure 3-
8 can be used as an approximation of the specific gravity at a given pres-
sure and temperature, once the API gravity of the liquid is known.

It should be pointed out that both Figures 3-7 and 3-8 are approxima-
tions only for the liquid component. Where precise calculation is
required for a hydrocarbon, it is necessary to consider the gas that is lib-
erated with decreasing pressure and increasing temperature. Thus, if a

(text continued on page 64)
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Figure 3-1. Compressibility of low-molecular-weight natural gases (courtesy of
GPSA Data Book).

Figure 3-2. Compressibility of low-molecular-weight natural gases (courtesy of
GPSA Data Book).
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Figure 3-3. Compressibility of low-molecular-weight natural gases (courtesy of
GPSA Data Book).

Figure 3-4. Compressibility of low-molecular-weight natural gases (courtesy of
GPSA Data Book).
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Figure 3-5. Compressibility of low-molecular-weight natural gases (courtesy of
GPSA Data Book).

Figure 3-6. Compressibility of low-molecular-weight natural gases (courtesy of
GPSA Data Book).
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Figure 3-7. Approximate specific gravity of petroleum fractions (courtesy of GPSA
Data Book).

(text continued from page 60)

hydrocarbon is heated at constant pressure, its specific gravity will
increase as the lighter hydrocarbons are liberated. The change in the mol-
ecular makeup of the fluid is calculated by a "flash calculation," which is
described in more detail later.

Viscosity

This property of a fluid indicates its resistance to flow. It is a dynamic
property, in that it can be measured only when the fluid is in motion. Vis-
cosity, therefore, is simply the ratio at any shear rate of the shear stress to
the shear rate. There are two expressions of viscosity, absolute (or
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Figure 3-8. Specific gravity of petroleum fractions (courtesy of Petroleum Refiner:
Ritter, Lenoir, and Schweppe 1958).
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dynamic) viscosity, ji, and kinematic viscosity, y. These expressions are
related by the following equation:

Fluid viscosity changes with temperature. Liquid viscosity decreases with
increasing temperature, whereas gas viscosity decreases initially with increas-
ing temperature and then increases with further increasing temperature.

The best way to determine the viscosity of a crude oil at any tempera-
ture is by measurement. If the viscosity is known at only one tempera-
ture, Figure 3-9 can be used to determine the viscosity at another temper-
ature by striking a line parallel to that for crudes "A," "C," and "D." Care
must be taken to assure that the crude does not have its pour point within
the temperature range of interest. If it does, its temperature-viscosity
relationship may be as shown for Crude "B."

Solid-phase high-molecular-weight hydrocarbons, otherwise known as
paraffins, can dramatically affect the viscosity of the crude sample. The
cloud point is the temperature at which paraffins first become visible in a
crude sample. The effect of the cloud point on the temperature-viscosity
curve is shown for Crude "B" in Figure 3-9. This change in the temperature-
viscosity relationship can lead to significant errors in estimation. Therefore,
care should be taken when one estimates viscosities near the cloud point.

The pour point is the temperature at which the crude oil becomes a
solid and ceases to flow, as measured by a specific ASTM procedure
(D97). Estimations of viscosity near the pour point are highly unreliable
and should be considered accordingly.

In the absence of any laboratory data, correlations exist that relate vis-
cosity and temperature, given the oil gravity. The following equation
relating viscosity, gravity, and temperature was developed by Beggs and
Robinson after observing 460 oil systems:
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Figure 3-9. Typical viscosity-temperature curves for crude oils (courtesy of
ASTMD-341).

The data set from which this relationship was obtained included a
range of between 16° and 58° API and 70°F to 295°R It has been the
author's experience that the correlation tends to overstate the viscosity of
the crude oil when dealing in temperature ranges below 100 to 150°F.
Figure 3-10 is a graphical representation of another correlation.

The viscosity of produced water depends on the amount of dissolved
solids in water as well as the temperature, but for most practical situa-
tions it varies from 1.5 to 2 centipoise at 50°F, 0.7 to 1 centipoise at
100°F, and 0.4 to 0.6 centipoise at 150°F.

When an emulsion of oil and water is formed, the viscosity of the mix-
ture may be substantially higher than either the viscosity of the oil or that
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Figure 3-10. Oil viscosity vs. gravity and temperature (courtesy of Paragon
Engineering Services, Inc.).

of the water taken by themselves. Figure 3-11 shows some experimental
data for a mixture of produced oil and water taken from a south
Louisiana field. Produced oil and water were mixed vigorously by hand,
and viscosity was measured for various percentages of water. For 70%
water cut, the emulsion began to break before viscosity readings could be
made, and for water cuts greater than this, the oil and water began to sep-
arate as soon as the mixing was stopped. Thus, at approximately 70%
water cut, it appears as if oil ceases to be the continuous phase and water
becomes continuous.

The laboratory data plotted in Figure 3-11 agree closely with a modi-
fied Vand's equation assuming a 70% breakover point. This equation is
written in the form:
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Figure 3-11. Effective viscosity of an oil/water mixture.

Whether the laboratory experiments used to develop this correlation
can be accurately compared to the mixing action that occurs in turbulent
flow is certainly open to question.

Figure 3-12 can be used to estimate the viscosity of a hydrocarbon gas
at various conditions of temperature and pressure if the specific gravity
of the gas at standard conditions is known.

FLASH CALCULATIONS

The amount of hydrocarbon fluid that exists in the gaseous phase or the
liquid phase at any point in the process is determined by a flash calcula-
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Figure 3-12. Hydrocarbon gas viscosity (courtesy of GPSA Engineering Data Booty.

tion. As explained in Chapter 2, for a given pressure and temperature,
each component of the hydrocarbon mixture will be in equilibrium. The
mole fraction of the component in the gas phase will depend not only on
pressure and temperature, but also on the partial pressure of that compo-
nent. Therefore, the amount of gas depends upon the total composition of
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the fluid as the mole fraction of any one component in the gas phase is a
function of the mole fraction of every other component in this phase.

This is best understood by assigning an equilibrium "K" value to each
component. The K value is a strong function of temperature and pressure
and of the composition of the vapor and liquid phase. It is defined as:

where KN = constant for component N at a given temperature and
pressure

VN = moles of component N in the vapor phase
V = total moles in the vapor phase

LN = moles of component N in the liquid phase
L = total moles in the liquid phase

The Gas Processors Suppliers Association (GPSA) presents graphs of
K values for the important components in a hydrocarbon mixture such as
those in Figures 3-13 to 3-25. The K values are for a specific "conver-
gence" pressure to consider the composition of the vapor and liquid
phase. There is a procedure in the GPSA Engineering Data Book for cal-
culating convergence pressure based on simulating the fluid as a binary
system with the lightest hydrocarbon component, which makes up at least
0.1 mole percent in the liquid and a pseudo heavy component having the
same weight average critical temperature as the remaining heavier hydro-
carbons. The convergence pressure is then read from a graph of conver-
gence pressure versus operating temperature for common pseudo-binaries.

In most oil field applications the convergence pressure will be between
2,000 and 3,000 psia, except at very low pressures, between 500 and
1,500 psia are possible. If the operating pressure is much less than the
convergence pressure, the equilibrium constant is not greatly affected by
the choice of convergence pressure. Therefore, using a convergence pres-
sure of 2,000 psia is a good first approximation for most flash calcula-
tions. Where greater precision is required, the convergence pressure
should be calculated.

If KN for each component and the ratio of total moles of vapor to
total moles of liquid (V/L) are known, then the moles of component N
in the vapor phase (VN) and the moles in the liquid phase (LN) can be
calculated from:

(text continued on page 85)
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Figure 3-13. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Data Book).
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Figure 3-14. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Data Book).
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Figure 3-15. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
DatoBoo/c).
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Figure 3-16. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Data fioofc).
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Figure 3-17. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Date Book).
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Figure 3-18. "K" values for hydrocarbon mixtures (courtesy or" GPSA Engineering
Data Book).
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Figure 3-19. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Data Booty.
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Figure 3-20. "K" values for hydrocarbon mixtures (courtesy of GP5A Engineering
Data Book).
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Figure 3-21. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Data Book).
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Figure 3-22. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Data Book).
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Figure 3-23. "K" values for hydrocarbon mixtures (courtesy of GP5A Engineering
Date Booty.
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Figure 3-24. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Data Book).
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Figure 3-25. "K" values for hydrocarbon mixtures (courtesy of GPSA Engineering
Data Boole).
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(text continued from page 71)

where FN = total moles of component N in the fluid

Derivations of Equations 3-9 and 3-10

To solve either Equation 3-9 or 3-10, it is necessary to first know the
quantity (V/L), but since both V and L are determined by summing VN
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and LN, it is necessary to use an iterative solution. This is done by first
estimating (V/L), calculating VN and LN for each component, summing
up to obtain the total moles of gas (V) and liquid (L), and then compar-
ing the calculated (V/L) to the assumed value. In doing this procedure, it
is helpful to use the relationship:

Once an assumed value of V/L is made, it is easy to calculate the cor-
responding assumed value of L. This is best illustrated by the example in
Table 3-1. The mole fraction (Column 2) for each component is given
from test data. Column 3 is determined from the graphs for KN, assuming

Table 3-1
Flash Calculation at 1,000 psia and 100°F

(1) (2) (3) (4) (5) (6) (7)
Mole V/L =1.5 V/L = 0.5 V/L=1

Fraction L = 40 L = 66.7 L = 50
Component Percent KM LN LN LN VN

caj 022 L 8 8 * a o 6 an a o s a U
N2 0.09 4.00 0.01 0.03 0.02 0.07
Methane 63.35 2.80 12.18 26.40 16.67 46.68
Ethane 4.21 0.96 1.73 2.84 2.15 2.06
Propane 2.09 0.38 1.33 1.76 1.51 0.58
I-Butane 0.68 0.22 0.51 0.61 0.56 0.12
N-Butane 1.08 0.18 0.85 0.99 0.92 0.16
I-Pentane 0.47 0.10 0.41 0.45 0.43 0.04
N-Pentane 0.38 0.09 0.33 0.36 0.35 0.03
Hexane 1.36 0.05 1.20 1.33 1.30 0.06
Heptane+ 26.07 0.006** 25.84 25.99 25.91 0.16

100.00 44.45 60.87 49.90 50.10
100.00

* Calculated as KCO2 = (KC] + KC2)
m

** Simulated as decane
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a convergence pressure of 2,000 .psia. Column 4 is derived from Equation
3-10, assuming F = 100 moles and V/L = 1.5. That is, L = 40 moles. With
this assumption it is calculated that LN = 44.45 moles and this is plotted
in Figure 3-26 as point "1."

Another assumption is then made that V/L = 0.5 (i.e., L = 66.7 moles)
and in Column 5, L is calculated to be 60.87. This is plotted as point "2."
From Figure 3-26, point "3," which represents the intersection of assumed
and calculated values, indicates an L = 50, which corresponds to a V/L =
1.0. This is tabulated in Column 6. It can be seen that LN is calculated as
49.9. Column 7, which characterizes the composition of the gas stream, is
obtained by the difference between Column 6 and Column 2.

CHARACTERIZING THE FLOW STREAM

Once a flash calculation is made and the molecular composition of the
liquid and gas components have been determined, it is possible to deter-
mine the properties and flow rates of both the gas and the liquid streams.

Molecular Weight of Gas

The molecular weight of the stream is calculated from the weighted
average gas molecular weight given by:

Figure 3-26. Interpolation of flash calculations results.
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The molecular weight of the gas stream of Table 3-1 is calculated in
Table 3-2. Column 2 lists the molecular weight of the components from
standard reference sources. Column 3 lists the number of moles of each
component for 100 moles of feed. This is the same as Column 7 in Table
3-1. Column 4 is derived from Column 2 times Column 3. The molecular
weight of the gas is:

The gas specific gravity can be determined from the molecular weight
from Equation 3-2 as shown in Table 3-2.

Table 3-2
Gas Flow Characterization

0)

Component

C02

N2
Methane
Ethane
Propane
I-Butane
N-Butane
I-Pentane
N-Pentane
Hexane
Heptane+

(2)

MWN

44.01
28.01
16.04
30.07
44.10
58.12
58.12
72.15
72.15
86.18

253.00*

(3)
VN

Moles

0.14
0.07

46.68
2.06
0.58
0.12
0.16
0.04
0.03
0.06
0.16

50.10

(4)

VN x MWN

6.2
2.0

748.7
61.9
25.6
7.0
9.3
2.9
2.2
5.2

40.5
911.5

* From PVT analysis of feed stream.

Gas Flow Rate

If the flow rate of the inlet stream is known in moles per day then the
number of moles per day of gas flow can be determined from:
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where V = gas flow rate, moles/day
F = total stream flow rate, moles/day
L = liquid flow rate, moles/day

Derivation of Equation 3-13

Once the mole flow rate of gas is known, then the flow rate in standard
cubic feet can be determined by recalling that one mole of gas occupies
380 cubic feet at standard conditions. Therefore:

where Qg = gas flow rate, MMscfd

Assuming a feed flow rate of 10,000 moles per day for the stream
being flashed in Table 3-1:

Liquid Molecular Weight

The molecular weight of the liquid stream is calculated from the
weighted average liquid component molecular weight given by:

This is calculated in Table 3-3. Column 2 is as in Table 3-2 and Col-
umn 3 is the liquid stream composition for 100 moles of feed as calculat-
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ed in Table 3-1, Column 7. Column 4 is Column 2 times Column 3 and
represents the weight of each component in the liquid stream. The molec-
ular weight of the liquid is:

Table 3-3
Liquid Flow Characterization

(1)
Component

CO2

N2

Methane
Ethane
Propane
I-Butane
N-Butane
I-Pentane
N-Pentane
Hexane
Heptane+

(2)

M\VN

44.01
28.01
16.04
30.07
44.10
58.12
58.12
72.15
72.15
86.18

253.00*

(3)

LN

0.08
0.02

16.67
2.15
1.51
0.56
0.92
0.43
0.35
1.30

25.91
49.90

(4)

l« x (MWNJ

3
1

267
65
67
33
53
31
25

112
6.555
7,212

(5)

(S.G.N)

0.83**
0.81**
0.30**
0.36**
0.51**
0.56**
0.58**
0.62
0.63
0.66
0.86*

(6)
Ui x (MW)N

(S.G.N)

4
1

891
179
131
58
92
50
40

170
7.622
9,238

* From PVT analysis of feed stream.
** Pseudo value at saturation pressure.

Specific Gravity of Liquid

Remembering that the weight of each component is the number of
moles of that component times its molecular weight (pounds = MW X
moles), the specific gravity of the liquid is given by:

Derivation of Equation 3-16

p in lb/ft3, volume in ft3
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... . PoundsNVolumeN = —
PN

_, , PoundsNVolumeN = -—N 62.4(S.G.)N

PoundsN = LN x (MW)N

Column 5 lists a specific gravity for each component in the liquid
phase at standard conditions except as noted. It would be more accurate
to adjust these gravities for the actual pressure and temperature of the
fluid being flashed. This will have a marginal effect on the results as the
characterization of the heptanes is of overriding importance to the calcu-
lation. If this is not known for the pressure and temperature of the flash it
can be approximated from known conditions using Figure 3-8.

Column 6 is derived by dividing Column 4 by Column 5. The liquid
specific gravity is:

The specific gravity in °API can be calculated from Equation 3-1 as:
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Liquid Flow Rate

The liquid flow rate in moles per day for a given inlet stream can be
determined from Equation 3-17. In our example, for an inlet stream rate
of 10,000 moles per day, the liquid flow rate is:

The liquid flow rate in barrels per day can be derived from:

where Q! = liquid flow rate, bpd
S.G. = specific gravity of liquid (water = 1)

Derivation of Equation 3-17

There are 350 pounds per barrel of water, and 350 (S.G.) pounds per
barrel of liquid.

Pounds of liquid = L X (MW)

_ Pounds
>cl —

Pounds per Barrel

The Flow Stream

Many times the designer is given the mole fraction of each component
in the feed stream but is not given the mole flow rate for the stream. It
may be necessary to estimate the total number of moles in the feed
stream (F) from an expected stock tank oil flow rate. As a first approxi-
mation, it can be assumed that all the oil in the stock tank can be charac-
terized by the C7

+ component of the stream. Thus, the feed rate in moles
per day can be approximated as:
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where L = liquid flow rate, moles per day
(S.G.)7 = specific gravity of C7

+

(MW)7 = molecular weight of C7
+

Q! = flow rate of liquid, bpd

The mole flow rate of the feed stream is then calculated as:

where F = flow rate of feed stream, moles per day
(Mole Fraction)7 = mole fraction of the C7

+ component in the
feed stream

For our example, if the mole feed rate of 10,000 moles per day was not
given, but was required to design for 2,500 bpd of stock tank liquid, the
mole feed rate for flash calculations would be approximated as:

The flash calculation could then proceed. The calculated flow rates for
each stream in the process could then be ratioed to reflect the error
between assumed stock tank flow rate and desired stock tank flow rate.

APPROXIMATE FLASH CALCULATIONS

Most often, flash calculations are too involved and subject to too many
arithmetic mistakes to be done by hand as previously detailed. They are
usually done either on computer or in a programmable calculator. Some-
times it is necessary to get a quick estimate of the volume of gas that is
expected to be flashed from an oil stream at various pressures.

Figure 3-27 was developed by flashing several crude oils of different
gravities at different pressure ranges. The curves are approximate. The
actual shape would depend on the initial separation pressure, the number
and pressure of intermediate flashes, and the temperature.
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API of Stock Tank Liquids

Figure 3-27. Preliminary estimation of % GOR flashed for given API of stock tank
liquids and separation pressures—Gulf Coast crudes.

Use of the curve is best explained by an example. Suppose a 30°API
crude with a GOR of 500 is flashed at 1,000 psia, 500 psia, and 50 psia
before going to a stock tank. Roughly 50% of the gas that will eventually
be flashed from the crude, or 250 ft3/B, will be liberated as gas in the
1,000 psia separator. Another 25% (75%-50%), or 125 ft3/B will be sep-
arated at 500 psia and 23% (98%-75%), or 115 ft3/B will be separated at
50 psia. The remaining 10 ft3/B (100%-98%) will be vented from the
stock tank.

It must be stressed that Figure 3-27 is only to be used where a quick
approximation, which could be subject to error, is acceptable. It cannot be
used for estimating gas flashed from condensate produced in gas wells.
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OTHER PROPERTIES

The iterative flash calculation detailed in Figure 3-27 shows one of
many methods for calculating equilibrium conditions. Rash calculations
are inherently rigorous and best performed by sophisticated simulation
software, such as HYSIM or ASPEN. For preliminary considerations,
however, correlations and simplified methods for flash calculations such
as that detailed earlier may be used.

Once the equilibrium conditions (and, therefore, the gas and liquid
compositions) are known, several very useful physical properties are
obtainable, such as the dew point, the bubble point, the heating value (net
and gross), and k, the ratio of gas specific heats.

Dew point-The point at which liquid first appears within a gas sample.

Bubble point-The point at which gas first appears within a liquid sample.

Net heating value-Heat released by combustion of a gas sample with
water vapor as a combustion product; also known as the lower heating
value (LHV).

Gross heating value-Heat released by combustion of a gas sample
with liquid water as a combustion product; also known as the higher
heating value (HHV).

k-Ratio of heat capacity at constant pressure (Cp) to heat capacity at
constant volume (Cv). Often used in compressor calculations of horse-
power requirements and volumetric efficiencies. This ratio is relatively
constant for natural gas molecular weights and ranges between 1.2 and
1.3. See Figure 3-28.

A more precise definition of the dew point makes a distinction between
the hydrocarbon dew point, representing the deposition of a hydrocarbon
liquid, and the water dew point, representing the deposition of liquid
water. Often, sales gas contracts specify control of the water dew point for
hydrate and corrosion control and not the hydrocarbon dew point. In such
cases, hydrocarbons will often condense in the pipeline as the gas cools
(assuming that separation has occurred at a higher temperature than ambi-
ent), and provisions to separate this "condensate" must be provided.

The bubble point can also be referred to as the "true vapor pressure." A
critical distinction lies here between the true vapor pressure and the Reid
Vapor Pressure (RVP). The Reid Vapor Pressure is measured according to
a specific ASTM standard (D323) and lies below the true vapor pressure.
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Figure 3-28. Approximate heat-capacity ratios of hydrocarbon gases (courtesy of
GPSA Engineering Data Book).

The relationship between the two pressures is shown in Figure 3-29.
(Note that an RVP below atmospheric pressure does not indicate that
vapors will be absent from a sample at atmospheric pressure.)

(text continued on page 100)



Fluid Properties 97

Figure 3-29. Relationship between Reid Vapor Pressure and actual vapor pressure
(courtesy of GPSA Engineering Data Book).



Figure 3-30. PT diagram for a pure substance (from Introduction to Chemical Engineering Thermodynamics, 4th Edition by J. M.
Smith and H. C. Van Ness. New York: McGraw-Hill, Inc., 1987).



Figure 3-31. A P-H diagram for propane (courtesy ofGPSA Engineering Data Book).
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Figure 3-32. P-H diagram for 0.6 SG natural gas.

(text continued from page 97)

The bubble point and the dew point are equivalent for a single-compo-
nent mixture only. A graphic representation of the bubble/dew point for a
pure substance is shown as the vaporization curve in Figure 3-30.

A basic representation of the equilibrium information for a specific
fluid composition can be found in a P-H (Pressure-Enthalpy) diagram,
which is highly dependent on the sample composition. This diagram can
be used to investigate thermodynamic fluid properties as well as thermo-
dynamic phenomena such as retrograde condensation and the Joule-
Thomson effect. Please note, however, that a P-H diagram is unlikely to
be available for anything but a single component of the mixture, unless
the diagram is created by simulation software packages such as those
mentioned above. A P-H diagram for propane is shown in Figure 3-31; a
P-H diagram for a 0.6 specific gravity natural gas is shown in Figure 3-32.



CHAPTER

4

Two-Phase Oil
and Gas

Separation*

INTRODUCTION

Produced wellhead fluids are complex mixtures of different com-
pounds of hydrogen and carbon, all with different densities, vapor pres-
sures, and other physical characteristics. As a well stream flows from the
hot, high-pressure petroleum reservoir, it experiences pressure and tem-
perature reductions. Gases evolve from the liquids and the well stream
changes in character. The velocity of the gas carries liquid droplets, and
the liquid carries gas bubbles. The physical separation of these phases is
one of the basic operations in the production, processing, and treatment
of oil and gas.

In oil and gas separator design, we mechanically separate from a
hydrocarbon stream the liquid and gas components that exist at a specific
temperature and pressure. Proper separator design is important because a
separation vessel is normally the initial processing vessel in any facility,
and improper design of this process component can "bottleneck" and
reduce the capacity of the entire facility.

*Reviewed for the 1998 edition by Mary E. Thro of Paragon Engineering Services, Inc.
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Separators are classified as "two-phase" if they separate gas from the
total liquid stream and "three-phase" if they also separate the liquid
stream into its crude oil and water components. This chapter deals with
two-phase separators. In addition, it discusses the requirements of good
separation design and how various mechanical devices take advantage of
the physical forces in the produced stream to achieve good separation.

Separators are sometimes called "gas scrubbers" when the ratio of gas
rate to liquid rate is very high. Some operators use the term "traps" to
designate separators that handle flow directly from wells. In any case,
they all have the same configuration and are sized in accordance with the
same procedure.

FACTORS AFFECTING SEPARATION

Characteristics of the flow stream will greatly affect the design and
operation of a separator. The following factors must be determined
before separator design:

• Gas and liquid flow rates (minimum, average, and peak)

• Operating and design pressures and temperatures

• Surging or slugging tendencies of the feed streams

• Physical properties of the fluids such as density and compressibility

•Designed degree of separation (e.g., removing 100% of particles
greater than 10 microns)

• Presence of impurities (paraffin, sand, scale, etc.)

• Foaming tendencies of the crude oil

• Corrosive tendencies of the liquids or gas

EQUIPMENT DESCRIPTION

Horizontal Separators

Separators are designed in either horizontal, vertical, or spherical con-
figurations. Figure 4-1 is a schematic of a horizontal separator. The fluid
enters the separator and hits an inlet diverter causing a sudden change in
momentum. The initial gross separation of liquid and vapor occurs at the
inlet diverter. The force of gravity causes the liquid droplets to fall out of
the gas stream to the bottom of the vessel where it is collected. This liq-
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uid collection section provides the retention time required to let
entrained gas evolve out of the oil and rise to the vapor space. It also
provides a surge volume, if necessary, to handle intermittent slugs of liq-
uid. The liquid then leaves the vessel through the liquid dump valve. The
liquid dump valve is regulated by a level controller. The level controller
senses changes in liquid level and controls the dump valve accordingly.

Figure 4-1. Horizontal separator schematic.

The gas flows over the inlet diverter and then horizontally through the
gravity settling section above the liquid. As the gas flows through this
section, small drops of liquid that were entrained in the gas and not sepa-
rated by the inlet diverter are separated out by gravity and fall to the gas-
liquid interface.

Some of the drops are of such a small diameter that they are not easily
separated in the gravity settling section. Before the gas leaves the vessel it
passes through a coalescing section or mist extractor. This section uses ele-
ments of vanes, wire mesh, or plates to coalesce and remove the very small
droplets of liquid in one final separation before the gas leaves the vessel.

The pressure in the separator is maintained by a pressure controller.
The pressure controller senses changes in the pressure in the separator
and sends a signal to either open or close the pressure control valve
accordingly. By controlling the rate at which gas leaves the vapor space
of the vessel the pressure in the vessel is maintained. Normally, horizon-
tal separators are operated half full of liquid to maximize the surface area
of the gas liquid interface.
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Vertical Separators

Figure 4-2 is a schematic of a vertical separator. In this configuration
the inlet flow enters the vessel through the side. As in the horizontal sep-
arator, the inlet diverter does the initial gross separation. The liquid flows
down to the liquid collection section of the vessel. Liquid continues to
flow downward through this section to the liquid outlet. As the liquid
reaches equilibrium, gas bubbles flow counter to the direction of the liq-
uid flow and eventually migrate to the vapor space. The level controller
and liquid dump valve operate the same as in a horizontal separator.

The gas flows over the inlet diverter and then vertically upward
toward the gas outlet. In the gravity settling section the liquid drops fall
vertically downward counter to the gas flow. Gas goes through the mist
extractor section before it leaves the vessel. Pressure and level are main-
tained as in a horizontal separator.

Spherical Separators

A typical spherical separator is shown in Figure 4-3. The same four
sections can be found in this vessel. Spherical separators are a special

Figure 4-2. Vertical separator schematic.
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case of a vertical separator where there is no cylindrical shell between
the two heads. They may be very efficient from a pressure containment
standpoint but because (1) they have limited liquid surge capability and
(2) they exhibit fabrication difficulties, they are not usually used in oil
field facilities. For this reason we will not be discussing spherical separa-
tors any further.

Figure 4-3. Spherical separator schematic.

Other Configurations

Cyclone separators are designed to operate by centrifugal force. These
designs are best suited for fairly clean gas streams. The swirling action
of the gas stream as it enters the scrubber separates the droplets and dust
from the gas stream by centrifugal force. Although such designs can
result in significantly smaller sizes, they are not commonly used in pro-
duction operations because (1) their design is rather sensitive to flow rate
and (2) they require greater pressure drop than the standard configura-
tions previously described. Since separation efficiency decreases as
velocity decreases, cyclone separators are not suitable for widely varying
flow rates. These units are commonly used to recover glycol carryover
downstream of a dehydration tower. In recent years, demand for using
cyclone separators on floating facilities has increased because space and
weight considerations are overriding on such facilities.
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Two-barrel separators are common where there is a very low liquid
flow rate. In these designs the gas and liquid chambers are separated as
shown in Figure 4-4. The flow stream enters the vessel in the upper bar-
rel and strikes the inlet diverter. The free liquids fall to the lower barrel
through a flow pipe. The gas flows through the gravity settling section
and encounters a mist extractor en route to the gas outlet. The liquids
drain through a flow pipe into the lower barrel. Small amounts of gas
entrained in the liquid are liberated in the liquid collection barrel and
flow up through the flow pipes. In this manner the liquid accumulation is
separated from the gas stream so that there is no chance of high gas
velocities re-entraining liquid as it flows over the interface. Because of
their additional cost, and the absence of problems with single vessel sep-
arators, they are not widely used in oil field systems.

Another type of separator that is frequently used in some high-
gas/low-liquid flow applications is a filter separator. These can be either
horizontal or vertical in configuration. Figure 4-5 shows a horizontal
two-barrel design. Filter tubes in the initial separation section cause coa-
lescence of any liquid mist into larger droplets as the gas passes through
the tubes. A secondary section of vanes or other mist extractor elements

Figure 4-4. Double-barrel separator.
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Figure 4-5. Typical filter separator.

removes these coalesced droplets. This vessel can remove 100% of all
particles larger than about 2 microns and 99% of those down to about 1A
micron. Filter separators are commonly used on compressor inlets in
field compressor stations, final scrubbers upstream of glycol contact tow-
ers, and instrument/fuel gas applications. The design of filter separators
is proprietary and dependent upon the type of filter element employed.

In applications where there is very little liquid flow, often a horizontal
separator will be designed with a liquid sump on the outlet end to pro-
vide the required liquid retention time. This results in an overall smaller
diameter for the vessel.

Scrubbers

A scrubber is a two-phase separator that is designed to recover liquids
carried over from the gas outlets of production separators or to catch liq-
uids condensed due to cooling or pressure drops. Liquid loading in a
scrubber is much lower than that in a separator. Typical applications
include: upstream of mechanical equipment such as compressors that
could be damaged, destroyed or rendered ineffective by free liquid;
downstream of equipment that can cause liquids to condense from a gas
stream (such as coolers); upstream of gas dehydration equipment that
would lose efficiency, be damaged, or be destroyed if contaminated with
liquid hydrocarbons; and upstream of a vent or flare outlet.

Vertical scrubbers are most commonly used. Horizontal scrubbers can be
used, but space limitations usually dictate the use of a vertical configuration.
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HORIZONTAL VS. VERTICAL VESSEL SELECTION

Horizontal separators are smaller and less expensive than vertical sep-
arators for a given gas capacity. In the gravity settling section of a hori-
zontal vessel, the liquid droplets fall perpendicular to the gas flow and
thus are more easily settled out of the gas continuous phase. Also, since
the interface area is larger in a horizontal separator than a vertical separa-
tor, it is easier for the gas bubbles, which come out of solution as the liq-
uid approaches equilibrium, to reach the vapor space. Horizontal separa-
tors offer greater liquid capacity and are best suited for liquid-liquid
separation and foaming crudes.

Thus, from a pure gas/liquid separation process, horizontal separa-
tors would be preferred. However, they do have the following draw-
backs, which could lead to a preference for a vertical separator in cer-
tain situations:

1. Horizontal separators are not as good as vertical separators in han-
dling solids. The liquid dump of a vertical separator can be placed at
the center of the bottom head so that solids will not build up in the
separator but continue to the next vessel in the process. As an alter-
native, a drain could be placed at this location so that solids could
be disposed of periodically while liquid leaves the vessel at a slight-
ly higher elevation.

In a horizontal vessel, it is necessary to place several drains along
the length of the vessel. Since the solids will have an angle of
repose of 45° to 60°, the drains must be spaced at very close inter-
vals. Attempts to lengthen the distance between drains, by providing
sand jets in the vicinity of each drain to fluidize the solids while the
drains are in operation, are expensive and have been only marginal-
ly successful in field operations.

2. Horizontal vessels require more plan area to perform the same sepa-
ration as vertical vessels. While this may not be of importance at a
land location, it could be very important offshore.

3. Smaller, horizontal vessels can have less liquid surge capacity than
vertical vessels sized for the same steady-state flow rate. For a given
change in liquid surface elevation, there is typically a larger increase
in liquid volume for a horizontal separator than for a vertical separa-
tor sized for the same flow rate. However, the geometry of a hori-
zontal vessel causes any high level shut-down device to be located



Two-Phase Oil and Gas Separation 109

close to the normal operating level. In a vertical vessel the shut-
down could be placed much higher, allowing the level controller
and dump valve more time to react to the surge. In addition, surges
in horizontal vessels could create internal waves that could activate
a high level sensor.

It should be pointed out that vertical vessels also have some draw-
backs that are not process related and must be considered in making a
selection. These are:

1. The relief valve and some of the controls may be difficult to service
without special ladders and platforms.

2. The vessel may have to be removed from a skid for trucking due to
height restrictions.

Overall, horizontal vessels are the most economical for normal oil-gas
separation, particularly where there may be problems with emulsions, foam,
or high gas-oil ratios. Vertical vessels work most effectively in low GOR
applications. They are also used in some very high GOR applications, such
as scrubbers where only fluid mists are being removed from the gas.

VESSEL INTERNALS

Inlet Diverters

There are many types of inlet diverters. Two main types are baffle
plates (shown in Figure 4-6) and centrifugal diverters (shown in Figure 4-
7). A baffle plate can be a spherical dish, flat plate, angle iron, cone, or
just about anything that will accomplish a rapid change in direction and
velocity of the fluids and thus disengage the gas and liquid. The design of

Figure 4-6. Baffle plates.
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Figure 4-7. Three views of an example centrifugal inlet diverter (courtesy ofPorta-
Test Systems/ Inc.).
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the baffles is governed principally by the structural supports required to
resist the impact-momentum load. The advantage of using devices such as
a half sphere or cone is that they create less disturbance than plates or
angle iron, cutting down on re-entrainment or emulsifying problems.

Centrifugal inlet diverters use centrifugal force, rather than mechanical
agitation, to disengage the oil and gas. These devices can have a cyclonic
chimney or may use a tangential fluid race around the walls. Centrifugal
inlet diverters are proprietary but generally use an inlet nozzle sufficient
to create a fluid velocity of about 20 fps. Centrifugal diverters work well
in initial gas separation and help to prevent foaming in crudes.

Wave Breakers

In long horizontal vessels it is necessary to install wave breakers,
which are nothing more than vertical baffles spanning the gas-liquid
interface and perpendicular to the flow.

Defoaming Plates

Foam at the interface may occur when gas bubbles are liberated from
the liquid. This foam can be stabilized with the addition of chemicals at
the inlet. Many times a more effective solution is to force the foam to
pass through a series of inclined parallel plates or tubes as shown in Fig-
ure 4-8 so as to aid in coalescence of the foam bubbles.

Figure 4-8. Defoaming plates.
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Vortex Breaker

It is normally a good idea to include a simple vortex breaker as shown
in Figure 4-9 to keep a vortex from developing when the liquid control
valve is open. A vortex could suck some gas out of the vapor space and
re-entrain it in the liquid outlet.

Mist Extractor

Mist extractors can be made of wire mesh, vanes, centrifugal force
devices, or packing. Wire mesh pads (Figure 4-10) are made of finely
woven mats of stainless steel wire wrapped into a tightly packed cylin-
der. The liquid droplets impinge on the matted wires and coalesce. The
effectiveness of wire mesh depends largely on the gas being in the proper
velocity range. If the velocities are too high, the liquids knocked out will
be re-entrained. If the velocities are low, the vapor just drifts through the
mesh element without the droplets impinging and coalescing.

Figure 4-9. Typical vortex breakers.
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Figure 4-10. Example wire mesh mist eliminator (photo courtesy of ACS Industries,
LP, Houston, Texas).

The construction is often specified by calling for a certain thickness
(usually 3 to 7 inches) and mesh density (usually 10 to 12 pounds per
cubic foot). Experience has indicated that a properly sized wire mesh
eliminator can remove 99% of 10-micron and larger droplets. Although
wire mesh eliminators are inexpensive they are more easily plugged than
the other types.

Vane eliminators (Figure 4-11) force the gas flow to be laminar
between parallel plates that contain directional changes. Figure 4-12
shows a vane mist extractor made from angle iron. In vane eliminators,
droplets impinge on the plate surface where they coalesce and fall to a
liquid collecting spot. They are routed to the liquid collection section of
the vessel. Vane-type eliminators are sized by their manufacturers to
assure both laminar flow and a certain minimum pressure drop.

Some separators have centrifugal mist eliminators (as shown in Figure
4-13) that cause the liquid drops to be separated by centrifugal force.
These can be more efficient than either wire mesh or vanes and are the
least susceptible to plugging. However, they are not in common use in
production operations because their removal efficiencies are sensitive to
small changes in flow. In addition, they require relatively large pressure
drops to create the centrifugal force. To a lesser extent, random packing
is sometimes used for mist extraction, as shown in Figure 4-14. The
packing acts as a coalescer.
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Figure 4-11. Typical mist extractor.

Figure 4-12. A vane mist extractor made from angle iron.
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Figure 4-14. A coalescing pack mist extractor.

POTENTIAL OPERATING PROBLEMS

Foamy Crudes

The major cause of foam in crude oil is the appearance of impurities,
other than water, which are impractical to remove before the stream
reaches the separator. Foam presents no problem within a separator if the
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internal design assures adequate time or sufficient coalescing surface for
the foam to "break."

Foaming in a separating vessel is a threefold problem:

1. Mechanical control of liquid level is aggravated because any control
device must deal with essentially three liquid phases instead of two.

2. Foam has a large volume-to-weight ratio. Therefore, it can occupy
much of the vessel space that would otherwise be available in the
liquid collecting or gravity settling sections.

3. In an uncontrolled foam bank, it becomes impossible to remove sep-
arated gas or degassed oil from the vessel without entraining some
of the foamy material in either the liquid or gas outlets.

Comparison of foaming tendencies of a known oil to a new one, about
which no operational information is known, provides an understanding of
the relative foam problem that may be expected with the new oil as
weighed against the known oil. A related amount of adjustment can then
be made in the design parameters, as compared to those found satisfacto-
ry for the known case.

It should be noted that the amount of foam is dependent on the pres-
sure drop to which the inlet liquid is subjected, as well as the characteris-
tics of the liquid at separator conditions. In some cases, the effect of tem-
perature may be significant.

Foam depressants often will do a good job in increasing the capacity
of a given separator. However, in sizing a separator to handle a particular
crude, the use of an effective depressant should not be assumed because
characteristics of the crude and of the foam may change during the life of
the field. Also, the cost of foam depressants for high rate production may
be prohibitive. Sufficient capacity should be provided in the separator to
handle the anticipated production without use of a foam depressant or
inhibitor. Once placed in operation, a foam depressant may allow more
throughput than the design capacity.

Paraffin

Separator operation can be adversely affected by an accumulation of
paraffin. Coalescing plates in the liquid section and mesh pad mist
extractors in the gas section are particularly prone to plugging by accu-
mulations of paraffin. Where it is determined that paraffin is an actual or
potential problem, the use of plate-type or centrifugal mist extractors
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should be considered. Manways, handholes, and nozzles should be pro-
vided to allow steam, solvent, or other types of cleaning of the separator
internals. The bulk temperature of the liquid should always be kept above
the cloud point of the crude oil.

Sand

Sand can be very troublesome in separators by causing cutout of valve
trim, plugging of separator internals, and accumulation in the bottom of
the separator. Special hard trim can minimize the effects of sand on the
valves. Accumulations of sand can be alleviated by the use of sand jets
and drains.

Plugging of the separator internals is a problem that must be considered
in the design of the separator. A design that will promote good separation
and have a minimum of traps for sand accumulation may be difficult to
attain, since the design that provides the best mechanism for separating
the gas, oil, and water phases probably will also provide areas for sand
accumulation. A practical balance for these factors is the best solution.

Liquid Carryover and Gas Blowby

Liquid carryover and gas blowby are two common operating prob-
lems. Liquid carryover occurs when free liquid escapes with the gas
phase and can indicate high liquid level, damage to vessel internals,
foam, improper design, plugged liquid outlets, or a flow rate that exceeds
the vessel's design rate.

Gas blowby occurs when free gas escapes with the liquid phase and can
be an indication of low liquid level, vortexing, or level control failure.

THEORY

Settling

In the gravity settling section the liquid drops will settle at a velocity
determined by equating the gravity force on the drop with the drag force
caused by its motion relative to the gas continuous phase.

The drag force is determined from the equation:
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where FD = drag force, Ib
CD = drag coefficient
A = cross-sectional area of the droplet, ft2

p = density of the continuous phase, lb/ft3

Vt = terminal settling velocity of the droplet, ft/s
g = gravitational constant, 32.2 ft/s2

If the flow around the drop were laminar, then Stokes' Law would
govern and:

where Re = Reynolds number

It can be shown that in such a gas the droplet settling velocity would
be given by:

where AS.G. = difference in specific gravity relative to water of the
drop and the gas

dm = drop diameter, micron
(0, = viscosity of the gas, cp

Derivation of Equation 3

For low Reynolds number flows, i.e., Re < 1

The drag force is then

D = drop diameter, ft
|j,' = viscosity, lb-sec/ft2

FD = STCJI' Dv (Stokes' Law)
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The buoyant force on a sphere from Archimedes' principles is

When the drag force is equal to the buoyancy force, the droplet's
acceleration is zero so that it moves at a constant velocity. This is the ter-
minal velocity.

where S.G. = specific gravity relative to water

Unfortunately, for production facility design it can be shown that
Stokes' Law does not govern, and the following more complete formula
for drag coefficient must be used:

Equating drag and buoyant forces, the terminal settling velocity is
given by:
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where p! = density of liquid, lb/ft3

pg = density of the gas at the temperature and pressure in the
separator, lb/ft3

Derivation of Equation 4-5

CD = constant

The drag force is then:

Equations 4-4 and 4-5 can be solved by an iterative solution as follows:
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5. Go to step 2 and iterate.

Drop Size

The purpose of the gas separation section of the vessel is to condition
the gas for final polishing by the mist extractor. From field experience it
appears that if 100-micron drops are removed in this section, the mist
extractor will not become flooded and will be able to perform its job of
removing those drops between 10- and 100-micron diameter.

The gas capacity design equations in this section are all based on 100-
micron removal. In some cases, this will give an overly conservative solu-
tion. The techniques used here can be easily modified for any drop size.

In this book we are addressing separators used in oil field facilities.
These vessels usually require a gas separation section. There are special
cases where the separator is designed to remove only very small quanti-
ties of liquid that could condense due to temperature or pressure changes
in a stream of gas that has already passed through a separator and a mist
extractor. These separators, commonly called "gas scrubbers," could be
designed for removal of droplets on the order of 500 microns without
fear of flooding their mist extractors. Fuel gas scrubbers, compressor
suction scrubbers, and contact tower inlet scrubbers are examples of ves-
sels to which this might apply.

Flare or vent scrubbers are designed to keep large slugs of liquid from
entering the atmosphere through the vent or relief systems. In vent sys-
tems the gas is discharged directly to the atmosphere and it is common to
design the scrubbers for removal of 300- to 500-micron droplets in the
gravity settling section. A mist extractor is not included because of the
possibility that it might plug creating a safety hazard. In flare systems,
where the gas is discharged through a flame, there is the possibility that
burning liquid droplets could fall to the ground before being consumed.
It is still common to size the gravity settling section for 300- to 500-
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micron removal, which the API guideline for refinery flares indicates is
adequate to assure against a falling flame. In critical locations, such as
offshore platforms, many operators include a mist extractor as an extra
precaution against a falling flame. If a mist extractor is used, it is neces-
sary to provide safety relief protection around the mist extractor in the
event that it becomes plugged.

Retention Time

To assure that the liquid and gas reach equilibrium at separator pres-
sure a certain liquid storage is required. This is defined as "retention
time" or the average time a molecule of liquid is retained in the vessel
assuming plug flow. The retention time is thus the volume of the liquid
storage in the vessel divided by the liquid flow rate.

For most applications retention times of between 30 seconds and 3
minutes have been found to be sufficient. Where foaming crude is pre-
sent retention times up to four times this amount may be needed.

Re-entrainment

Re-entrainment is a phenomenon caused by high gas velocity at the
gas-liquid interface of a separator. Momentum transfer from the gas to
the liquid causes waves and ripples in the liquid, and then droplets are
broken away from the liquid phase.

The general rule of thumb that calls for limiting the slenderness ratio
to a maximum of 4 or 5 is applicable for half-full horizontal separators.
Re-entrainment should be particularly considered for high-pressure sepa-
rators sized on gas-capacity constraints. It is more likely at higher operat-
ing pressures (>1,000 psig) and higher oil viscosities (<30° API). For
more specific limits, see Viles [1],

SEPARATOR SIZING

Horizontal Separators

For sizing a horizontal separator it is necessary to choose a seam-to-
seam vessel length and a diameter. This choice must satisfy the conditions
for gas capacity that allow the liquid drops to fall from the gas to the liquid
volume as the gas traverses the effective length of the vessel. It must also
provide sufficient retention time to allow the liquid to reach equilibrium.
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For a vessel 50% full of liquid, and separation of 100-micron liquid
drops from the gas, the following equations apply:

Gas Capacity

where d= vessel internal diameter, in.
Leff= effective length of the vessel where separation occurs, ft

T = operating temperature, °R
Qg= gas flow rate, MMscfd
P= operating pressure, psia
Z= gas compressibility

CD= drag coefficient
dm= liquid drop to be separated, micron
pg= density of gas, lb/ft3

p! = density of liquid, lb/ft3

Derivation of Equation 4-6

Assume vessel is one-half full of liquid. Determine gas velocity, Vg. A
is in ft2, D in ft, d in inches, Q in ft3/s
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Set the residence time of the gas equal to the time required for the
droplet to fall to the gas-liquid interface:

where t,. = desired retention time for the liquid, min
Qi = liquid flow rate, bpd
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Derivation of Equation 4-7

t is in s, Vol in ft3, Q in ft3/s

Seam-to-Seam Length and Slenderness Ratio

The seam-to-seam length of the vessel should be determined from the
geometry once an effective length has been determined. Allowance must
be made for the inlet diverter and mist extractor. For screening purposes
the following approximation has been proven useful:

Equations 4-6 and 4-7 allow for various choices of diameter and
length. It can be shown that the smaller the diameter the less the vessel
will weigh and thus the lower its cost. There is a point, however, where
decreasing the diameter increases the possibility that high velocity in the
gas flow will create waves and re-entrain liquids at the gas-liquid inter-
face. Experience has shown that if the gas capacity governs and the
length divided by the diameter (slenderness ratio) is greater than 4 or 5,
re-entrainment could become a problem. Equation 4-8 indicates that slen-
derness ratios must be at least 1 or more. Most common separators are
designed for slenderness ratios of 3 to 4.
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Procedure for Sizing Horizontal Separators

1. Calculate values of d, Leff that satisfy the gas capacity constraint.

2. Calculate values of d, Leff that satisfy the retention time constraint.

3. Estimate seam-to-seam length.

4. Select a size of reasonable diameter and length. Slenderness ratios
(12 Lss/d) on the order of 3 to 4 are common. Do not exceed a slen-
derness ratio of 5 without further study of re-entrainment.

For separators other than 50% full of liquid, equations can be derived
similarly, using the actual gas and liquid areas to calculate gas velocity
and liquid volume. The equations are derived using the same principles.

Vertical Separators

In vertical separators, a minimum diameter must be maintained to
allow liquid drops to separate from the vertically moving gas. The liquid
retention time requirement specifies a combination of diameter and liq-
uid volume height. Any diameter greater than the minimum required for
gas capacity can be chosen. Figure 4-15 shows the model used for a ver-
tical separator.

Gas Capacity
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Figure 4-15. Model of a vertical separator.

Derivation of Equation 4-9

For the droplets to fall, the gas velocity must be less than the terminal
velocity of the droplet. Recall that:

Determine gas velocity, Vg. A is in ft2, D in ft, d in inches, Q in ft3/s.
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Liquid Capacity

where h = height of the liquid volume, in.

Derivation of Equation 4-10

t is in s, Vol in ft3, Q in ft3/s, h in inches

Q! is in bpd
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Seam-to-Seam Length and Slendemess Ratio

The seam-to-seam length of the vessel should be determined from the
geometry once a diameter and height of liquid volume are known.

As shown in Figure 4-16, allowance must be made for the gas separa-
tion section and mist extractor and for any space below the water outlet.
For screening purposes the following approximation has been proven
useful. Use the larger of the two values:

As with horizontal separators, the larger the slenderness ratio, the less
expensive the vessel. In vertical separators whose sizing is liquid domi-
nated, it is common to chose slenderness ratios no greater than 4 to keep
the height of the liquid collection section to a reasonable level. Choices
of between 3 and 4 are common, although height restrictions may force
the choice of a lower slenderness ratio.

EXAMPLES

Example 4-1: Sizing a Vertical Separator

Given: Row Rate: 10 MMscfd at 0.6 specific gravity
2,000 bopd at 40° API
Operating Pressure: 1,000 psia
Operating Temperature: 60°F

Solution:

1. Calculate CD
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Figure 4-16. Approximate shell length from liquid level height.
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2. Gas capacity constraint
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Z = 0.84 (from Chapter 3)

3. Liquid capacity constraint

4. Compute combinations of d and h for various tj. (Table 4-1).

5. Compute seam-to-seam length (Table 4-1).

where d is the minimum diameter for gas capacity

6. Compute slenderness ratio (12 Lss/d). Choices in the range of 3 to 4
are most common (Table 4-1).

7. Choose a reasonable size with a diameter greater than that deter-
mined by the gas capacity. A 36-in. X 10-ft separator provides
slightly more than three minutes retention time with a diameter
greater than 21.8 in. and a slenderness ratio of 3.2.

Table 4-1
Vertical Separator Example

Diameter vs. Length for Liquid Capacity Constraint

t, d
min in.

3 24
30
36
42
48

2 24
30
36
42

1 24
30
36

h
in.

86.8
55.6
38.6
28.3
21.7
57.9
37.0
25.7
18.9
28.9
18.5
12.9

I*
ft

13.6
11.0
9.6
8.7
8.1
11.2
9.4
8.5
7.9
8.7
7.9
7.4

OflUd
6.8
4.4
3.2
2.5
2.0
5.6
3.8
2.8
2.3
4.4
3.2
2.5
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Example 4-2: Sizing a Horizontal Separator

Given: Flow Rate: 10 MMscfd at 0.6 specific gravity
2,000 bopd at 40° API
Operating Pressure: 1,000 psia
Operating Temperature: 60° F

Solution:

1. Calculate CD (same as Example 4-1)

2. Gas capacity constraint

3. Liquid capacity constraint

4. Compute combinations of d and Lss for gas and liquid capacity.

5. Compute seam-to-seam length for various d (Table 4-2).

6. Compute slenderness ratios (12 Lss/d). Choices in the range of 3 to 4
are common.

7. Choose a reasonable size with a diameter and length combination
above both the gas capacity and the liquid capacity constraint lines.
A 36-in. X 10-ft separator provides about 3 minutes retention time.
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Table 4-2
Horizontal Separator Example

Diameter vs. Length

d
16
20
24
30
36
42
48

Gas
u
2.5
2.0
1.7
1.3
1.1
0.9
0.8

Liquid
u

33.5
21.4
14.9
9.5
6.6
4.9
3.7

Us

44.7
28.5
19.9
12.7
9.1*
7.4*
6.2*

12Lss/d

33.5
17.1
9.9
5.1
3.0
2.1
1.6
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CHAPTER

5

Oil and Water
Separation*

INTRODUCTION

This chapter discusses the concepts, theory, and sizing equations for
the separation of two immiscible liquid phases (in this case, normally
crude oil and produced water). The separator design concepts that have
been presented in Chapter 4 relate to the two-phase separation of liquid
and gas and are applicable to the separation of gas that takes place in
three-phase separators, gas scrubbers, and any other device in which gas
is separated from a liquid phase.

When oil and water are mixed with some intensity and then allowed to
settle, a layer of relatively clean free water will appear at the bottom. The
growth of this water layer with time will follow a curve as shown in Fig-
ure 5-1. After a period of time, ranging anywhere from three minutes to
thirty minutes, the change in the water height will be negligible. The
water fraction, obtained from gravity settling, is called "free water." It is
normally beneficial to separate the free water before attempting to treat
the remaining oil and emulsion layers.

"Three-phase separator" and "free-water knockout" are terms that are
used to describe pressure vessels that are designed to separate and remove

*Reviewed for the 1998 edition by Mary E. Thro of Paragon Engineering Services, Inc.
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Figure 5-2. Horizontal three-phase separator schematic.

fluid enters the separator and hits an inlet diverter. This sudden change in
momentum does the initial gross separation of liquid and vapor as dis-
cussed in Chapter 4. In most designs, the inlet diverter contains a down-
comer that directs the liquid flow below the oil/water interface.

This forces the inlet mixture of oil and water to mix with the water
continuous phase in the bottom of the vessel and rise through the
oil/water interface. This process is called "water-washing," and it pro-
motes the coalescence of water droplets which are entrained in the oil
continuous phase. The inlet diverter assures that little gas is carried with
the liquid, and the water wash assures that the liquid does not fall on top
of the gas/oil or oil/water interface, mixing the liquid retained in the ves-
sel and making control of the oil/water interface difficult.

The liquid collecting section of the vessel provides sufficient time so
that the oil and emulsion form a layer or "oil pad" at the top. The free
water settles to the bottom. Figure 5-2 illustrates a typical horizontal sep-
arator with an interface controller and weir. The weir maintains the oil
level and the level controller maintains the water level. The oil is
skimmed over the weir. The level of the oil downstream of the weir is
controlled by a level controller that operates the oil dump valve.

The produced water flows from a nozzle in the vessel located
upstream of the oil weir. An interface level controller senses the height of
the oil/water interface. The controller sends a signal to the water dump
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valve thus allowing the correct amount of water to leave the vessel so
that the oil/water interface is maintained at the design height.

The gas flows horizontally and out through a mist extractor to a pres-
sure control valve that maintains constant vessel pressure. The level of
the gas/oil interface can vary from half the diameter to 75% of the diam-
eter depending on the relative importance of liquid/gas separation. The
most common configuration is half full, and this is used for the design
equations in this section. Similar equations can be developed for other
interface levels.

Figure 5-3 shows an alternate configuration known as a "bucket and
weir" design. This design eliminates the need for a liquid interface con-
troller. Both the oil and water flow over weirs where level control is
accomplished by a simple displacer float. The oil overflows the oil weir
into an oil bucket where its level is controlled by a level controller that
operates the oil dump valve. The water flows under the oil bucket and
then over a water weir. The level downstream of this weir is controlled
by a level controller that operates the water dump valve.

The height of the oil weir controls the liquid level in the vessel. The
difference in height of the oil and water weirs controls the thickness of the
oil pad due to specific gravity differences. It is critical to the operation of
the vessel that the water weir height be sufficiently below the oil weir
height so that the oil pad thickness provides sufficient oil retention time. If

Figure 5-3. Bucket and weir design.
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the water weir is too low and the difference in specific gravity is not as
great as anticipated, then the oil pad could grow in thickness to a point
where oil will be swept under the oil box and out the water outlet. Nor-
mally, either the oil or the water weir is made adjustable so that changes
in oil/water specific gravities or flow rates can be accommodated.

To obtain a desired oil pad height, the water weir should be set a dis-
tance below the oil weir, which is calculated by:

where Ah = distance below the oil weir, in.
h0 = desired oil pad height, in.
p0 = oil density, lb/ft3

pw = water density, lb/ft3

This equation neglects the height of the oil and water flowing over the
weir and presents a view of the levels when there is no inflow. A large
inflow of oil will cause the top of the oil pad to rise; the oil pad will thus
get thicker, and the oil bucket must be deep enough so that oil does not
flow under it. Similarly, a large inflow of water will cause the level of
water flowing over the water weir to rise, and there will be a large flow of
oil from the oil pad over the oil weir until a new hw is established. These
dynamic effects can be minimized by making the weirs as long as possible.

Derivation of Equation 5-1

p is in lb/ft3, h is in inches. Setting the pressures at Point "A" in Figure
5-4 equal,

Interface control has the advantage of being easily adjustable to handle
unexpected changes in oil or water specific gravity or flow rates. Howev-
er, in heavy oil applications or where large amounts of emulsion or paraf-
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fin are anticipated it may be difficult to sense interface level. In such a
case bucket and weir control is recommended.

In some areas of the world, the term "free-water knockout" is reserved
for a vessel which processes an inlet liquid stream with little entrained
gas and makes no attempt to separate the gas from the oil. Such a vessel
has only an oil outlet and a water outlet (no separate gas outlet), as
shown in Figure 5-5. It should be clear that the principles of operation of
such a vessel are the same as those described above.

Vertical Separators

Figure 5-6 shows a typical configuration for a vertical three-phase sep-
arator. Flow enters the vessel through the side as in the horizontal separa-
tor, the inlet diverter separates the bulk of the gas. A downcomer is

Figure 5-4. Determination of oil pad height.

Figure 5-5. Free-water knockout (FWKO).
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Figure 5-6. Vertical three-phase separator schematic.

required to transmit the liquid through the oil-gas interface so as not to
disturb the oil skimming action taking place. A chimney is needed to
equalize gas pressure between the lower section and the gas section.

The spreader or downcomer outlet is located at the oil-water interface.
From this point as the oil rises any free water trapped within the oil phase
separates out. The water droplets flow countercurrent to the oil. Similar-
ly, the water flows downward and oil droplets trapped in the water phase
tend to rise countercurrent to the water flow.

Sometimes a cone bottom three-phase separator is used. This is a
design that would be used if sand production was anticipated to be a
major problem. The cone is normally at an angle to the horizontal of
between 45° and 60°. Produced sand may have a tendency to stick to
steel at 45°. If a cone is installed it could be part of the pressure contain-
ing walls of the vessel, or for structural reasons, it could be installed
internal to the vessel cylinder. In such a case, a gas equalizing line must
be installed to assure that the vapor behind the cone is always in pressure
equilibrium with the vapor space.
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Figure 5-7 shows the three different methods of control that are often
used on vertical separators.

The first is strictly level control. A regular displacer float is used to
control the gas-oil interface and regulate a control valve dumping oil
from the oil section. An interface float is used to control the oil-water
interface and regulate a water outlet control valve. Because no internal
baffling or weirs are used, this system is the easiest to fabricate and han-
dles sand and solids production best.

The second method shown uses a weir to control the gas-oil interface
level at a constant position. This results in a better separation of water
from the oil as all the oil must rise to the height of the oil weir before
exiting the vessel. Its disadvantages are that the oil box takes up vessel
volume and costs money to fabricate. In addition, sediment and solids
could collect in the oil box and be difficult to drain, and a separate low
level shut-down may be required to guard against the oil dump valve fail-
ing to open.

The third method uses two weirs, which eliminates the need for an
interface float. Interface level is controlled by the height of the external
water weir relative to the oil weir or outlet height. This is similar to the
bucket and weir design of horizontal separators. The advantage of this
system is that it eliminates the interface level control. The disadvantage
is that it requires additional external piping and space.

Horizontal vs. Vertical Selection

The benefits of each type of design were described earlier. As in two-
phase separation, it is also true for three-phase separation that the flow

Figure 5-7. Liquid level control schemes.
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geometry in a horizontal vessel is more favorable from a process stand-
point. However, there may be non-process reasons to select a vertical
vessel for a specific application.

VESSEL INTERNALS

Most of the vessel internals are discussed in Chapter 4. Two common
internals not discussed are coalescing plates and sand jets. It is possible
to use various plate or pipe coalescer designs to aid in the coalescing of
oil droplets in the water and water droplets in the oil.

Coalescing Plates

The installation of coalescing plates in the liquid section will cause
the size of the water droplets entrained in the oil phase to increase,
making gravity settling of these drops to the oil-water interface easier.
Thus, the use of coalescing plates or the use of free-flow turbulent coa-
lescers (SP Packs), which are both described in Chapter 7, will often
lead to the ability to handle a given flow rate in a smaller vessel. How-
ever, because of the potential for plugging with sand, paraffin, or corro-
sion products, the use of coalescing plates should be discouraged,
except for instances where the savings in vessel size and weight are
large enough to justify the potential increase in operating costs and
decrease in availability.

Sand Jets and Drains

In horizontal three-phase separators, one worry is the accumulation of
sand and solids at the bottom of the vessel. If allowed to build up, these
solids upset the separator operations by taking up vessel volume. Gener-
ally, the solids settle to the bottom and become well packed.

To remove the solids, sand drains are opened in a controlled manner,
and then high-pressure fluid, usually produced water, is pumped through
the jets to agitate the solids and flush them down the drains. The sand jets
are normally designed with a 20 ft/s jet tip velocity and aimed in such a
manner to give good coverage of the vessel bottom.

To prevent the settled sand from clogging the sand drains, sand pans or
sand troughs are used to cover the outlets. These are inverted troughs
with slotted side openings.



144 Design of OIL-HANDLING Systems and Facilities

EMULSIONS

Emulsions can be particularly troublesome in the operation of three-
phase separators. Over a period of time an accumulation of emulsified
materials and/or other impurities usually will form at the interface of the
water and oil phases. In addition to adverse effects on the liquid level con-
trol, this accumulation will also decrease the effective oil or water retention
time in the separator, with a resultant decrease in water-oil separation effi-
ciency. Addition of chemicals and/or heat often minimizes this difficulty.

Frequently, it is possible to appreciably lower the settling time neces-
sary for water-oil separation by either the application of heat in the liquid
section of the separator or the addition of de-emulsifying chemicals. The
treating of emulsions is discussed in more detail in Chapter 6.

THEORY

Gas Separation

The concepts and equations pertaining to two-phase separation
described in Chapter 4 are equally valid for three-phase separation.

Oil/Water Settling

It can be shown that flow around settling oil drops in water or water
drops in oil is laminar and thus Stokes' Law governs. The terminal drop
velocity is:

where Vt= terminal settling velocity, ft/s
AS.G. = difference in specific gravity relative to water between

the oil and the water phases
dm= drop size, micron
(i = viscosity of continuous phase, cp

Water Droplet Size in Oil

It is difficult to predict the water droplet size that must be settled out
of the oil phase to coincide with the rather loose definition of "free oil."
Unless laboratory or nearby field data are available, good results have
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been obtained by sizing the oil pad such that water droplets 500 microns
and larger settle out. If this criteria is met, the emulsion to be treated by
downstream equipment should contain less than 5% to 10% water with-
out an excessive chemical treatment program.

Oil Droplet Size in Water

From Equation 5-2 it can be seen that the separation of oil droplets from
the water is easier than the separation of water droplets from the oil. The
oil's viscosity is on the order of 50 to 20 times that of water. The primary
purpose of three-phase separation is to prepare the oil for further treating.
Field experience indicates that oil content in the produced water from a
three-phase separator, sized for water removal from oil, can be expected to
be between a few hundred and 2,000 mg/1. This water will require further
treating and is discussed later. Sizing for oil droplet removal from the
water phase does not appear to be a meaningful criterion.

Retention Time

A certain amount of oil storage is required to assure that the oil reach-
es equilibrium and flashed gas is liberated. An additional amount of stor-
age is required to assure that the free water has time to coalesce into
droplet sizes sufficient to fall in accordance with Equation 5-2. It is com-
mon to use retention times ranging from three minutes to thirty minutes
depending upon laboratory or field data. If this information is not avail-
able, an oil retention time of ten minutes is suggested for design.

Similarly, a certain amount of water storage is required to assure that
most of the large droplets of oil entrained in the water have sufficient time
to coalesce and rise to the oil-water interface. It is common to use retention
times for the water phase ranging from three minutes to thirty minutes
depending upon laboratory or field data. If this information is not avail-
able, a water retention time of ten minutes is recommended for design.

The retention time for both the maximum oil rate and the maximum
water rate should be calculated, unless laboratory data indicate that it is
unnecessary to take this conservative design approach.

SEPARATOR SIZING

The guidelines presented here can be used for initial sizing determina-
tions. They are meant to complement and not replace operating experi-
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ences. Determination of the type and size separator must be made on an
individual basis. All the functions and requirements should be considered
including the likely uncertainties in design flow rates and properties. For
this reason, there is no substitute for good engineering evaluations of
each separator by the design engineer. The "trade off between design
size and details and uncertainties in design parameters should not be left
to manufacturer recommendations or rules of thumb.

Horizontal Separators

For sizing a horizontal three-phase separator it is necessary to specify
a vessel diameter and a seam-to-seam vessel length. The gas capacity and
retention time considerations establish certain acceptable combinations
of diameter and length. The need to settle 500-micron water droplets
from the oil establishes a maximum diameter.

Gas Capacity

The gas capacity constraints provide the following formula, discussed
in Chapter 4:

where d = vessel inside diameter, in.
Leff = vessel effective length, ft

T = operating temperature, °R
Z = gas compressibility

Qg = gas flow rate, MMscfd
p = operating pressure, psia

pg = density of gas, lb/ft3

pi = density of liquid, lb/ft3

CD = drag coefficient
dm = liquid drop to be separated, microns

Retention Time

Retention time constraints give another equation that provides accept-
able combinations of d and Leff.
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where Qw = water flow rate, bpd
(tr)w - water retention time, min

Q0 = oil flow rate, bpd
(tj.)0 = oil retention time, min

Derivation of Equation 5-4

t is in S, Vol in ft3, Q in ft3/s, D in ft, d in inches, Leff in ft

A0, Aw, and Aj are cross - sectional areas of oil, water, and liquid.
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Settling Equation

The requirement that 500-micron water droplets be capable of settling
out of the oil pad establishes a maximum oil pad thickness given by the
following formula:

This is the maximum thickness the oil pad can be and still allow the
water droplets to settle out in time (tj.)0.

For a given oil retention time and a given water retention time the
maximum oil pad thickness constraint establishes a maximum diameter
in accordance with the following procedure:

1. Compute (h0)max.

2. Calculate the fraction of the vessel cross-sectional area occupied by
the water phase. This is given by:
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Derivation of Equation 5-7 '

A0 and Aw are in ft2, Q in ft3/s, t in s, Leff in ft.

3. From Figure 5-8 determine the coefficient (3.

4. Calculate dj^ from:

Any combination of d and Leff that satisfies all three of Equations 5-3,
5-4, and 5-5 will meet the necessary criteria.

Figure 5-8. Coefficient "|3" for a cylinder
half filled with liquid.
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Seam-to-Seam Length and Slenderness Ratios

The seam-to-seam length can be estimated from the effective length
using the same formulas as for two-phase separators. Where the gas
capacity governs, the slenderness ratio should be limited to less than 4 or
5 to prevent re-entrainment of liquid at the gas-liquid interface. If the
separator sizing is based on liquid capacity a higher slenderness ratio is
acceptable. There is the possibility of generating internal waves at the
oil-water interface. Unless a more elaborate study is performed, it is rec-
ommended that slenderness ratios of less than 4 be chosen. Most com-
mon horizontal three-phase separators have slenderness ratios between 3
and 5.

Procedure for Sizing Three-Phase Horizontal
Separators

1. Select a (tr)0 and a (tj.)w.

2. Calculate (h0)max. Use 500-micron droplet if no other information is
available.

3. Calculate AW/A:

4. Determine lyd from curve.

5. Calculate dmax.

Note: dmax depends on Q0, Qw, (t^, and (tr)w

6. Calculate combinations of d, Leff for d less than dmax that satisfy the
gas capacity constraint. Use 100-micron droplet if no other informa-
tion is available.
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7. Calculate combinations of d, Leff for d less than dmax that satisfy the
oil and water retention time constraints.

8. Estimate seam-to-seam length:

9. Select reasonable diameter and length. Slenderness ratios (12 Lss/d)
on the order of 3 to 5 are common.

For separators other than 50% full of liquid, equations can be derived
similarly, using the actual oil and water areas. The equations are derived
using the same principles.

Vertical Separators

As with vertical two-phase separators, a minimum diameter must be
maintained to assure adequate gas capacity. In addition, vertical three-
phase separators must maintain a minimum diameter to allow the 500-
micron water droplets to settle. The height of the three-phase separator is
determined from retention time considerations.

Gas Capacity

The gas capacity constraints provide the following formula discussed
in Chapter 4:
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Settling

The requirement for settling water droplets from the oil requires that
the following equation must be satisfied:

Derivation of Equation 5-10

For 500-micron droplets Equation 5-10 becomes:
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Retention Time

where h0 = height of oil pad, in.
hw = height from water outlet to interface, in.

(Note that this height must be adjusted for cone bottom
vessels.)

Derivation of Equation 5-12

From two-phase separator design:

Seam-to-Seam Length and Slenderness Ratios

As in the case of a vertical two-phase separator, the seam-to-seam
length (Lss) can be approximated from the geometry once h0 and hw are
chosen. For screening purposes it can be assumed that Lss is the larger of
the two values in the following equations:

where d is the minimum diameter for gas capacity.

Any d larger than that calculated by Equation 5-9 and 5-10 and that
satisfies Equation 5-12 is acceptable. Diameter should be chosen with
slenderness ratios less than 4. Most vertical three-phase separators have
slenderness ratios on the order of 1.5 to 3 to keep within reasonable
height restrictions.
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Procedure for Sizing Three-Phase, Vertical Separators

1. Calculate minimum diameter from requirement for water droplets
to fall through oil layer. Use 500-micron droplets if no other infor-
mation is available.

2. Calculate minimum diameter from requirement for oil droplets to
fall through gas. Use 100-micron droplets if no other information is
available.

3. Choose the larger of the two as d^n-

4. Select (t,.)0 and (t,)w, and solve for h0 + hw for various d.

5. Estimate seam-to-seam length using the larger value.

6. Select a size of reasonable diameter and length. Slenderness ratios
(12 Lss/d) on the order of 1.5 to 3 are common.

EXAMPLES

Example 5-1: Sizing a Vertical Three-Phase Separator
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Solution:

1. Calculate difference in specific gravities.

2. Calculate minimum diameter to satisfy gas capacity constraint. (See
two-phase separator chapter for procedure.)

3. Calculate minimum diameter for water droplet settling.

4. Liquid retention constraint.



156 Design of OIL-HANDLING Systems and Facilities

5. Compute combinations of d, and h0 + hw for diameters greater than
<U (Table 5-1).

Table 5-1
Vertical Three-Phase Separator Capacity

Diameter vs. Length for Retention Time Constraint
(»r)o = (tr)w= 10 minutes

d
in.

84
90
96

102

h0 + hw

in.

94.5
82.3
72.3
64.1

Us
ft

18.2
17.7
17.4
17.2

|12)l,$/d

2.6
2.4
2.2
2.0

6. Compute seam-to-seam length (Table 5-1) as the larger of:

7. Compute slenderness ratio (12 Lss/d). Choices in the range of 1.5 to
3 are common (Table 5-1).

8. If necessary repeat steps 6 through 10 for various retention times
and graph as was done two-phase separators.

9. Choose a reasonable size. A 90-in. X 15-ft or a 96-in. X 12-ft 6-in.
size would be a reasonable choice.

Example 5-2: Sizing a Horizontal Three-Phase Separator

Solution:

1. Calculate difference in specific gravities.
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2. Check for gas separation. See Chapter 4 procedure.

dLeff=102

Table 5-2
Horizontal Three-Phase Separator

Diameter vs. Length for Gas Capacity Restraint

d
in.

60
72
84
96

U
ft

1.7
1.4
1.2
1.1

3. Calculate combinations of d and Leff for gas separation (Table 5-2).
Because of the low values for Leff, gas capacity will not govern.

4. Calculate maximum oil pad thickness.

5. Calculate maximum diameter for oil pad thickness constraint.
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Figure 5-9. Horizontal three-phase separator example.
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Table 5-3
Horizontal Three-Phase Separator Capacity

Diameter vs. Length for Liquid Retention Time Constraint
(»r)o = (tr)w= 10 minutes

d
in.

60
72
84
96

108

U
ft

31.6
21.9
16.1
12.3
9.7

Lss

ft

42.1
29.2
21.5
16.4
13.0

(12)l«/d

8.4
4.9
3.1
2.1
1.4

6. Liquid retention constraint:

7. Compute combinations of d and Leff (Table 5-3).

8. Compute seam-to-seam length (Table 5-3).

9. Compute slenderness ratio (12 Lss/d). Choices in the range of 3 to 5
are common.

10. Graph results and choose a reasonable size that does not violate
gas capacity restraint or oil pad thickness restraint. Possible choic-
es from Figure 5-9 are 90 in. X 20 ft, 96 in. X 17 ft 6 in., and 102
in. X 15 ft.



CHAPTER

6

Crude Oil
Treating Systems*

INTRODUCTION

Removing water from crude oil often requires additional processing
beyond gravitational separation. In selecting a treating system, several
factors should be considered to determine the most desirable methods of
treating the crude oil to contract requirements. Some of these factors are:

1. Tightness of the emulsion.

2. Specific gravity of the oil and produced water.

3. Corrosiveness of the crude oil, produced water, and casinghead gas.

4. Scaling tendencies of the produced water.

5. Quantity of fluid to be treated and percent water in the fluid.

6. Paraffin-forming tendencies of the crude oil.

7. Desirable operating pressures for equipment.

8. Availability of a sales outlet and value of the casinghead gas produced.

A common method for separating this "water-in-oil" emulsion is to
heat the stream. Increasing the temperature of the two immiscible liquids

*Reviewed for the 1998 edition by Matthew A. McKinstry of Paragon Engineering
Services, Inc.
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deactivates the emulsifying agent, allowing the dispersed water droplets
to collide. As the droplets collide they grow in size and begin to settle. If
designed properly, the water will settle to the bottom of the treating ves-
sel due to differences in specific gravity.

The process of coalescence requires that the water droplets have ade-
quate time to contact each other. It also assumes that the buoyant forces
on the coalesced droplets are sufficient to enable these droplets to settle
to the bottom of the treating vessel. Consequently, design considerations
should necessarily include temperature, time, viscous properties of oil
that inhibit settling, and the physical dimensions of the vessel, which
determine the velocity at which settling must occur.

Laboratory analysis, in conjunction with field experience, should be
the basis for specifying the configuration of treating vessels. The pur-
pose of this chapter is to present a rational alternative for those instances
when laboratory data do not exist or, if it is desirable, to extrapolate
field experience.

EMULSION TREATING THEORY

Forming Emulsions

For an emulsion to exist there must be two mutually immiscible liq-
uids, an emulsifying agent, and sufficient agitation to disperse the dis-
continuous phase into the continuous phase. In oil production, oil and
water are the two mutually immiscible liquids. An emulsifying agent in
the form of small solid particles, paraffins, asphaltenes, etc., is almost
always present in the formation fluids, and sufficient agitation always
occurs as fluid makes its way into the well bore, up the tubing, and
through the surface choke.

The difficulty of separating the emulsified water from the oil depends
on the "stability" of the emulsion. The stability of an emulsion is depen-
dent on several factors:

1. The difference in density between the water and oil phases.

2. The size of dispersed water particles.

3. Viscosity.

4. Interfacial tension.

5. The presence and concentration of emulsifying agents.
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The difference in density is one of the factors that determines the rate
at which water droplets drop through the continuous oil phase. The
greater the difference in density, the more quickly water droplets will set-
tle from the oil phase. The water particle size also affects the rate at
which water particles move through the oil phase. The larger the particle,
the faster it will settle out of the oil phase. The water particle size in an
emulsion is dependent upon the degree of agitation that the emulsion is
subject to before treating. Flow through pumps, chokes, valves, and other
surface equipment will decrease water particle sizes.

Viscosity plays two primary roles. First, as viscosity increases, more
agitation is required to shear water particles down to a smaller average
size in the oil phase. Therefore, the size of water particles that must be
removed to meet water cut specifications for a given treating system
increases as viscosity increases. Second, as viscosity increases, the rate at
which water particles move through the oil phase decreases, resulting in
less coalescence and increased difficulty in treating.

When no emulsifier is present, the interfacial tension between oil and
water is high. When interfacial tension is high, water particles coalesce
easily upon contact. When emulsifying agents are present, however,
they decrease the interfacial tension and obstruct the coalescence of
water particles.

The above factors determine the "stability" of emulsions. Some stable
emulsions may take weeks or months to separate if left alone in a tank
with no treating. Other unstable emulsions may separate into relatively
clean oil and water phases in just a matter of minutes.

Normal oil field emulsions consist of an oil continuous or external
phase, and a water dispersed or internal phase. In some isolated cases,
where there are high water cuts, it is possible to form reverse emulsion
with water as the continuous phase and oil droplets the internal phase.
Complex emulsions have been reported in low gravity, viscous crudes.
These mixed emulsions contain a water external phase and have an
internal water phase in the dispersed oil. The vast majority of oil treat-
ing systems deal with normal emulsions and that is what is discussed in
this chapter.

Figure 6-1 shows a normal emulsion. The small water droplets exist
within the oil continuous phase. Figure 6-2 shows a close up of a "skin"
of emulsifying agent surrounding a water drop, and Figure 6-3 shows
two drops touching, but being prevented from coalescing due to the film
of emulsifying agent around each drop.
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Figure 6-1. Photomicrograph of
normal emulsion.

Figure 6-2. Photomicrograph of
emulsifying agent surrounding a
water droplet.

Figure 6-3. Photomicrograph of
emulsifying agent preventing two
droplets from coalescing.
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Emulsifying Agent

When thinking about emulsion stability, it may be helpful to realize
that in a pure oil and pure water mixture, without an emulsifying agent,
no amount of agitation will create an emulsion. If the pure oil and water
are mixed and placed in a container, they quickly separate. The natural
state is for the immiscible liquids to establish the least contact or smallest
surface area. The water dispersed in the oil forms spherical drops. Small-
er drops will coalesce into larger drops and this will create a smaller
interface area for a given volume. If no emulsifier is present, the droplets
will eventually settle to the bottom causing the smallest interface area.
This type of mixture is a true "dispersion."

An emulsifying agent has a surface active behavior. Some element in
the emulsifier has a preference for the oil, and other elements are more
attracted to the water. An emulsifier tends to be insoluble in one of the
liquid phases. It thus concentrates at the interface. There are several ways
an emulsifier changes a dispersion into an emulsion. The action of the
emulsifier can be visualized as one or more of the following:

1. It decreases the interfacial tension of the water droplet, thus causing
smaller droplets to form. The smaller droplets take longer to coa-
lesce into larger droplets, which can settle quickly.

2. If forms a viscous coating on the droplets that keeps them from coa-
lescing into larger droplets when they collide. Since coalescence is
prevented, it takes longer for the small droplets created by agitation
to settle out.

3. The emulsifiers may be polar molecules, which align themselves in
such a manner as to cause an electrical charge on the surface of the
droplets. Since like electrical charges repel, two droplets must col-
lide with sufficient force to overcome this repulsion before coales-
cence can occur.

Naturally-occurring surface active materials normally found in crude
oil serve as emulsifiers. Paraffins, resins, organic acids, metallic salts,
colloidal silts and clay, and asphaltenes (a general term for material with
chemical compositions containing sulfur, nitrogen, and oxygen) are com-
mon emulsifiers in oil fields. Workover fluids and drilling mud are also
sources of emulsifying agents.

The type and amount of emulsifying agent has an immediate effect on
the emulsion's stability. It has been shown that the temperature history of
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the emulsion is also important as it effects the formation of paraffins and
asphaltenes. The speed of migration of the emulsifying agent to the
oil/water interface and the behavior in terms of the strength of the inter-
face bond are important factors. An emulsion treated soon after agitation
or the creation of paraffins and asphaltenes can be less stable and easier
to process if the migration of the emulsifler is incomplete. An aged emul-
sion may become more difficult to treat. Normally, the lower the crude
viscosity and lighter the crude the more rapid the aging process. There-
fore, early treatment may be a lesser factor in treating low-viscosity,
high-API-gravity crudes.

Demulsifiers

Chemical demulsifiers sold under various trade names, such as Treto-
lite™, Visco™, and Breaxit™, are highly useful in resolving emulsions.
Demulsifiers act to neutralize the effect of emulsifying agents. Typical-
ly, they are surface active agents and thus their excessive use can
decrease the surface tension of water droplets and actually create more
stable emulsions.

There are four important actions required of a demulsifier:

1. Strong attraction to the oil-water interface.

2. Flocculation.

3. Coalescence.

4. Solid wetting.

When these actions are present, they promote the separation of oil and
water. The demulsifier must have the ability to migrate rapidly through
the oil phase to the droplet interface, where it must compete with the
more concentrated emulsifying agent. The demulsifier must also have an
attraction for droplets with a similar condition. In this way large clusters
of droplets gather which, under a microscope, appear like bunches of fish
eggs. The oil will take on a bright appearance since small droplets are no
longer present to scatter the light rays. At this point the emulsifier film is
still continuous. If the emulsifier is weak, the flocculation force may be
enough to cause coalescence. This is not true in most cases and the
demulsifier must therefore neutralize the emulsifier and promote a rup-
ture of the droplet interface film. This is the opener that causes coales-
cence. With the emulsion in a flocculated condition the film rupture
results in rapid growth of water-drop size.
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The manner in which the demulsifier neutralizes the emulsifier depends
upon the type of emulsifiers. Iron sulfides, clays, and drilling muds can be
water wet causing them to leave the interface and be diffused into the
water droplet. Paraffins and asphaltenes could be dissolved or altered to
make their films less viscous so they will flow out of the way on collision
or could be made oil wet so they will be dispersed in the oil.

It would be unusual if one chemical structure could produce all four
desirable actions. A blend of compounds is therefore used to achieve the
right balance of activity.

The demulsifier selection should be made with the process system in
mind. If the treating process is a settling tank, a relatively slow-acting
compound can be applied with good results. On the other hand, if the
system is a chemelectric process where some of the flocculation and coa-
lescing action is accomplished by an electric field, there is need for a
quick-acting compound, but not one that must complete the droplet-
building action.

Emulsion-breaking chemicals are most commonly tested with bottle
tests, which involve mixing various chemicals with samples of the emul-
sion and observing the results. Such tests are effective in eliminating
some chemicals and selecting those that appear to be more efficient. Bot-
tle tests also provide an estimate of the amount of chemical required.
Bottle tests should be performed on a representative sample as soon as
the sample is obtained because of the possible detrimental effects of
aging. These tests should also be performed at conditions that are as
close to field treating conditions as possible. Synthetic water should not
be used in place of produced water in bottle tests because the produced
water may have very different properties, and it may contain impurities
that are not present in the synthetic water.

While candidate chemicals and approximate dosages can be deter-
mined in bottle tests, the dynamic nature of the actual flowing system
requires that several candidates be field-tested. In actual conditions, the
emulsion undergoes shearing through control valves, coalescence in flow
through pipes, and changes to the emulsion that occur inside the treating
vessel as a result of inlet diverters, water wash sections, etc. Static bottle
tests cannot model these dynamic conditions.

As field conditions change, the chemical requirements can change. If
the process is modified, e.g., very low rates on electrostatic units, the
chemical requirement can change. Seasonal changes bring paraffin-
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induced emulsion problems. Workovers contribute to solids content,
which alters emulsion stability. So, no matter how satisfactory a demulsi-
fier is at one point in time, it cannot be assumed that it will always be
satisfactory over the life of the field.

GRAVITY SEPARATION

Most oil-treating equipment relies on gravity to separate water
droplets from the oil continuous phase, because water droplets are heav-
ier than the volume of oil they displace. However, gravity is resisted by a
drag force caused by the droplets' downward movement through the oil.
When the two forces are equal, a constant velocity is reached, which can
be computed from Stokes' Law as:

where Vt = downward velocity of the water droplet relative to the
oil continuous phase, ft/s

dm = diameter of the water droplet, micron
AS.G. = difference in specific gravity between the oil and water

ILL = dynamic viscosity of the oil continuous phase, cen-
tipoise (cp)

(Stokes' Law was derived in Chapter 4.)

Several conclusions can be drawn from Stokes' Law:

1. The larger the size of a water droplet, the larger the square of its
diameter, and thus, the greater its downward velocity. That is, the
bigger the droplet size, the less time it takes for the droplet to settle
to the bottom of the vessel and thus the easier it is to treat the oil.

2. The greater the difference in density between the water droplet and
the oil phase, the greater the downward velocity. That is, the lighter
the crude, the easier it is to treat the oil. If the crude gravity is
10°API and the water fresh, the settling velocity is zero, as there is
no gravity difference.

3. The higher the temperature, the lower the viscosity of the oil, and
thus the greater the downward velocity. That is, it is easier to treat
the oil at high temperatures than at low temperatures (assuming a
small effect on gravity difference due to increased temperature).
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Coalescence

The process of coalescence in oil treating systems is time dependent. In
dispersions of two immiscible liquids, immediate coalescence seldom
occurs when two droplets collide. If the droplet pair is exposed to turbulent
pressure fluctuations, and the kinetic energy of the oscillations induced in
the coalescing droplet pair is larger than the energy of adhesion between
them, the contact will be broken before coalescence is completed.

Experiments with deep layer gravity settlers indicate that the time to
"grow" a droplet size due to coalescence can be estimated by the follow-
ing equation:

where d0 = initial droplet size
d = final droplet size
<j) = volume fraction of the dispersed phase

Ks = empirical parameter for the particular system
j = an empirical parameter always larger than 3 and dependent

on the probability that the droplets will "bounce" apart
before coalescence occurs

When the energy of oscillations is very low so that "bouncing" of
droplets approaches zero, j approaches 3. Assuming a value of 4, the
minimum time required to obtain a desired particle diameter can be
expressed:

Assuming d0 is small relative to the droplet size we wish to "grow" by
coalescence in our gravity settler, Equation 6-3 can be approximated:

The following qualitative conclusions for coalescence in a gravity set-
tler can be drawn from this relationship:

1. A doubling of residence time increases the maximum size drop
grown in a gravity settler less than 19 percent. If the value of "j" is
greater than 4 the growth in droplet diameter will be even slower.
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2. The more dilute the dispersed phase, the greater the residence time
needed to "grow" a given particle size. That is, coalescence occurs
more rapidly in concentrated dispersions. This is the reason that oil
is "water washed" by entering the treating vessel below the oil-
water interface in most gunbarrels and treaters. Flocculation and
coalescence therefore occur most effectively at the interface zone
between oil and water.

Viscosity

Laboratory testing of a particular oil at various temperatures is the
most reliable method of determining how an oil behaves. ASTM D 341
outlines a procedure where the viscosity is measured at two different
temperatures and then either through a computation or special graph
paper the viscosity at any other temperature can be obtained. Figure 6-4
shows a portion of one of these graphs.

Figure 6-4. Viscosity-temperature graph for crude oils (courtesy of ASTM D-341).
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As a rule, with crude of 30° API and higher the viscosity is so low that
normally it may be difficult to find any information on file regarding a
specific crude viscosity. Between 30° API and 11° API, the viscosity
becomes more important, until in some cases it is impossible to process
very low gravity crudes without a diluent to reduce the viscosity. The use
of a diluent is not unusual for crude oil below 14° API.

With virtually any crude oil the viscosity change with temperatures
can be an excellent guide to minimum crude processing temperatures. An
ASTM chart of the viscosity versus temperature is useful to detect the
paraffin formation or cloud point of the crude as shown in Figure 6-4.
This normally establishes a minimum temperature for the treating
process. There are examples of 30° API crude and higher that have pour
points of 80° to 90°F. Crude oils of this type are common in the Uinta
and Green River Basins of the United States as well as S.E. Asia.

In the absence of any laboratory data, Chapter 3 discusses correla-
tions that can be used to estimate crude viscosity given its gravity and
temperature.

Temperature Effects

Adding heat to the incoming oil/water stream is the traditional method
of separating the phases. The addition of heat reduces the viscosity of the
oil phase allowing more rapid settling velocities in accordance with
Equation 6-1. It also has the effect of dissolving the small crystals of
paraffin and asphaltenes and thus neutralizing their effect as potential
emulsifiers. Treating temperatures normally range from 100-160°F. In
treating of heavy crudes the temperature may be as high as 300°F.

Adding heat can cause a significant loss of the lower boiling point
hydrocarbons (light ends). This results in a "shrinkage" of the oil, or loss
of volume. The molecules leaving the oil phase may be vented or com-
pressed and sold with the gas. Even if they are sold with the gas, there
will be probably be a net loss in income realized by converting liquid
volume into gas volume. Figure 6-5 shows the amount of shrinkage that
may be expected.

Increasing the temperature at which treating occurs also has the disad-
vantage of making the crude oil that is recovered in the storage tank
heavier and thus decreasing its value. Because the light ends are boiled
off, the remaining liquid has a lower API gravity. Figure 6-6 shows the
API gravity loss for a typical crude oil.
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Figure 6-5. Percent loss by volume vs. temperature.

Figure 6-6. API gravity loss vs. temperature.
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Increasing the temperature may lower the specific gravity at treater
operating pressure of both the oil to be treated and the water that must be
separated from it. However, depending on the properties of the crude it
may either increase or decrease the difference in specific gravity as
shown in Figure 6-7. In most cases, if the treating temperature is less
than 200°F the change in S.G. with temperature can be neglected.

Finally, it takes fuel to provide heat and the cost of fuel must be con-
sidered. Thus, while heat may be needed to adequately treat the crude,
the less heat that is used, the better. Table 6-1 illustrates the overall eco-
nomic effect of treating temperature for a lease that produces 21,000
bopd of a 29° API crude.

Figure 6-7. Relationship of specific gravity with temperature for three crude oils.
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Table 6-1
Economic Effect of Treating at a Higher Temperature

Increase in NGL Value:
Volume for

120°FTreater
Component Temperature

Methane
Ethane
Propane
Butane
Pentane+

163 mcfh
1,835 gal/hr
1,653 gal/hr
1,086 gal/hr
1,251 gal/hr

Volume for
100°FTrealer
Temperature Difference

162 mcfh 1 mcfh
1,802 gal/hr 33 gal/hr
1,527 gal/hr 126 gal/hr

930 gal/hr 156 gal/hr
968 gal/hr 283 gal/hr

Total NGL Revenue Gain
Net Value to Producer

Price*
Per Change In
Unit NGL Revenue

$2.44 $2.44/hr
0.232 7.66/hr
0.439 55.3 1/hr
0.672 104.83/hr
0.749 211.97/hr

$382.21/hr
$/Dav

$9,173.04
$3,057.68

Source: Heiman, V. L. et. al.: "Maximize Revenue by Analyzing Crude Oil Treating"
Society of Petroleum Engineers ofAIME, SPE12206 (October 1983).

* February 1983 prices.

The gas liberated when crude oil is heated may create a problem in the
treating equipment if the equipment is not properly designed. In vertical
heater-treaters and gunbarrels the gas rises through the coalescing section. If
much gas is liberated, it can create enough turbulence and disturbance to
inhibit coalescence. Perhaps more important is the fact that the small gas
bubbles have an attraction for surface active material and hence for the
water droplets. The bubbles thus have a tendency to keep the water droplets
from settling and may even cause them to carry-over to the oil outlet.

The usual oil field horizontal heater-treater tends to overcome the gas
liberation problem by coming to equilibrium in the heating section before
introducing the emulsion to the settling-coalescing section. Some large
crude processing systems use a fluid-packed, pump-through system that
keeps the crude well above the bubble point. Top-mount degassing sepa-
rators above electrostatic coalescers have been used in some installations.
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If properly and prudently done, heating an emulsion can greatly benefit
water separation. However, if a satisfactory rate of water removal can be
achieved at the minimum temperature delivered into a process, there may
be no reason to suffer the economic penalties associated with adding heat.

Heat Input Equations

The heat input and thus the fuel required for treating depend on the
temperature rise, amount of water in the oil, and flow rate. It requires
about twice as much energy to heat water as it does to heat oil. For this
reason, it is beneficial to separate any free water from the emulsion to be
treated with either a free-water knockout located upstream of the treater
or an inlet free-water knockout system in the treater itself.

Assuming that the free water has been separated from the emulsion, the
water remaining is less than 10% of the oil, and the treater is insulated to
minimize heat losses, the required heat input can be determined from:

where q = heat input, Btu/hr
Q0 = oil flow rate, bopd
AT = increase in temperature, °F

S.G.0 = specific gravity of oil relative to water

Derivation of Equation 6-5

General heat transfer equation is expressed by:

q = WcAT

where q = heat (Btu/hr)
W = flow rate (Ib/hr)

c = specific heat (Btu/lb-°F) (approximately 0.5 for oil and 1.0
for water)

AT = temperature increase (°F)

Since water weighs 350 Ib/bbl,

where S.G.j = specific gravity of the liquid
Q! = liquid flow rate (bpd)

The total energy required is determined from:
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q = q0 + qw + qiost
where q = total energy required to heat the stream

q0 = energy required to heat the oil
= [(350/24) (S.G.)0Q0] (0.5) AT

qw = energy required to heat the water
= [(350/24) (S.G.)wQw] (1.0) AT

qiost = energy lost to surroundings, assume 10% of total heat
input (q)

Substituting:

Assume 10% water and specific gravity water = 1:

Water Droplet Size and Retention Time

The droplet diameter is the most important single parameter to control to
aid in water settling since this term is squared in the settling equation. A
small increase in diameter will create a much larger increase in settling rate.

It would be extremely rare to have laboratory data of droplet coales-
cence for a given system. Qualitatively we would expect droplet size to
increase with retention time in the coalescing section, and with heat
input, which excites the system leading to more collisions of small
droplets. Droplet size could be expected to decrease with oil viscosity,
which inhibits the movement of the particles and decreases the force of
the collision.

The coalescence equation indicates that the oil-water interface zone is
where nearly all of the coalescence occurs. Except for providing some
minimal time for initial coalescence to occur, increasing retention time in
a crude oil treating system may not be very cost effective. Consequently,
in most systems, if one does not design the hydraulics properly at this
zone, the opportunity can be lost to grow water droplets of sufficient size
to settle in the vessel.

Coalescing Media

It is possible to use a coalescing media to promote coalescence of the
water droplets. These media provide large surface area upon which water
droplets can collect. The most common coalescing media is wood shav-
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ings or excelsior, which is referred to as a "hay section." The wood
excelsior is tightly packed to create an obstruction to the flow of the
small water droplets and promote random collision of these droplets for
coalescence. When the droplets are large enough, they will fall out of the
flow stream by gravity.

It is possible that the use of a hay section will allow lower treating
temperatures. However, these media have a tendency to clog with time
and are difficult to remove. They are no longer in common use.

Electrostatic Coalescers

Coalescing of the small water drops dispersed in the crude can be
accomplished by subjecting the water-in-oil emulsion to a high-voltage
electrical field. When a non-conductive liquid (oil) containing a dis-
persed conductive liquid (water) is subjected to an electrostatic field, the
conductive particles or droplets are caused to combine by one of three
physical phenomena:

1. The droplets become polarized and tend to align themselves with
the lines of electric force. In so doing, the positive and negative
poles of the droplets are brought adjacent to each other. Electrical
attraction brings the droplets together and causes them to coalesce.

2. Droplets are attracted to an electrode due to an induced charge. In
an A-C field, due to inertia, small droplets vibrate over a larger dis-
tance than larger droplets promoting coalescence. In a D-C field the
droplets tend to collect on the electrodes forming larger and larger
drops until eventually they fall by gravity.

3. The electric field tends to distort and thus weaken the film of emul-
sifier surrounding the water droplets. Water droplets dispersed in oil
and subjected to a sinusoidal alternating-current field will be elon-
gated along the lines of force during the first half cycle. As they are
relaxed during the low-voltage portion, the surface tension will pull
the droplets back toward the spherical shape. The same effect is
obtained in the next half of the alternating cycle. The weakened film
is thus more easily broken when droplets collide, making coales-
cence more likely.

Whatever the actual mechanism, the electric field causes the droplets
to move about rapidly in random directions, which greatly increases the
chances of collision with another droplet. When droplets collide with the
proper velocity, coalescence occurs.
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The attraction between water droplets in an electric field is given by:

where F = attractive force between droplets
Ks = constant for system

e = voltage gradient
dm = diameter of droplets
S = distance between droplets

This equation indicates that the greater the voltage gradient the greater
for the forces causing coalescence. However, experimental data show
that at some gradient the water droplet can be pulled apart and a strong
emulsion can be developed. For this reason electrostatic treaters are nor-
mally equipped with a mechanism for adjusting the gradient in the field.

TREATING EQUIPMENT

Vertical Treaters

The most commonly used single-well lease treater is the vertical
treater as shown in Figure 6-8. Flow enters the top of the treater into a
gas separation section. Care must be exercised to size this section so that
it has adequate dimensions to separate the gas from the inlet flow. If the
treater is located downstream of a separator, this chamber can be very
small. The gas separation section should have an inlet diverter and a
mist extractor.

The liquids flow through a downcomer to the base of the treater, which
serves as a free-water knockout section. If the treater is located down-
stream of a free-water knockout, the bottom section can be very small. If
the total wellstream is to be treated this section should be sized for 3 to 5
minutes retention time for both the oil and the water to allow the free
water to settle out. This will minimize the amount of fuel gas needed to
heat the liquid stream rising through the heating section. The end of the
downcomer should be slightly below the oil water interface to "water
wash" the oil being treated. This will assist in the coalescence of water
droplets in the oil.
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Figure 6-8. Vertical treater schematic.

The oil and emulsion rises over the heater fire-tubes to a coalescing sec-
tion where sufficient retention time is provided to allow the small water
particles in the oil continuous phase to coalesce and settle to the bottom.

Treated oil flows out the oil outlet. Any gas, flashed from the oil due
to heating, flows through the equalizing line to the gas space above. Oil
level is maintained by pneumatic or lever operated dump valves. Oil-
water interface is controlled by an interface controller, or an adjustable
external water leg.

The detailed design of the treater, including the design of internals
(many features of which are patented) should be the responsibility of the
equipment supplier.

Figure 6-9 shows a "gunbarrel" tank, which is a vertical flow treater in
an atmospheric tank. Typically, gunbarrels have a gas separating chamber
or "boot" on top where gas is separated and vented, and a downcomer.
Because gunbarrels tend to be of larger diameter than vertical heater-
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Figure 6-9. Typical gunbarrel settling tank with internal flume.

treaters, many have elaborate spreader systems to try and create uniform
(i.e., plug) upward flow of the emulsion to take maximum advantage of
the entire cross section. Most gunbarrels are unheated, though it is possi-
ble to provide heat by heating the incoming stream external to the tank,
installing heating coils in the tank, or circulating the water to an external
or "jug" heater in a closed loop. It is preferable to heat the inlet so that
more gas is liberated in the boot, although this means that fuel will be
used in heating any free water in the inlet.

Gunbarrels are most often used in older, small flow rate, onshore facil-
ities. In recent times vertical heater-treaters have become so inexpensive
that they have replaced gunbarrels in single well installations. On larger
installations onshore in warm weather areas gunbarrels are still common-
ly used. In areas that have a winter season it tends to be too expensive to
keep the large volume of oil at a high enough temperature to combat
potential pour point problems.
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Horizontal Treaters

For most multi-well situations horizontal treaters are normally
required. Figure 6-10 shows a typical design of a horizontal treater.

Flow enters the front section of the treater where gas is flashed. The
liquid falls around the outside to the vicinity of the oil-water interface
where the liquid is "water washed" and the free water is separated. Oil
and emulsion rise past the fire tubes and are skimmed into the oil surge
chamber. The oil-water interface in the inlet section of the vessel is con-
trolled by an interface level controller, which operates a dump valve for
the free water.

The oil and emulsion flow through a spreader into the back or coalesc-
ing section of the vessel, which is fluid packed. The spreader distributes
the flow evenly throughout the length of this section. Treated oil is col-
lected at the top through a collection device sized to maintain uniform
vertical flow of the oil. Coalescing water droplets fall countercurrent to
the rising oil continuous phase. The oil-water interface is maintained by a
level controller and dump valve for this section of the vessel.

Figure 6-10. Horizontal heater-treater schematic.
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A level control in the oil surge chamber operates a dump valve on the
oil outlet line regulating the flow of oil out the top of the vessel to main-
tain a fluid packed condition.

The inlet section must be sized to handle settling of the free water and
heating of the oil. The coalescing section must be sized to provide ade-
quate retention time for coalescence to occur and to allow the coalescing
water droplets to settle downward countercurrent to the upward flow of
the oil.

Electrostatic Treaters

Some treaters use an electrode section. Figure 6-11 illustrates a typical
design of a horizontal electrostatic treater. The flow path in an electrosta-
tic treater is the same as a horizontal treater. The only difference is that
an AC and/or DC electrostatic field is used to promote coalescence of the
water droplets.

Procedures for designing electrostatic coalescers have not been pub-
lished. Since coalescence of droplets in an electric field is so dependent

Figure 6-11. Horizontal electrostatic treater schematic.
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on the characteristics of the particular emulsion to be treated, it is unlike-
ly that a general relationship of water droplet size to use in the settling
equations can be developed. Field experience tends to indicate that elec-
trostatic treaters are efficient at reducing water content in the crude
below the 0.5 to 1.0% basic sediment and water (BS&W) level. This
makes them particularly attractive for desalting applications. However,
for normal crude treating, where 0.5 to 1.0% BS&W is acceptable, it is
recommended that they be sized as heater-treaters. By trial and error after
installation, the electric grids may be able to allow treating to occur at
lower temperatures.

EQUIPMENT SIZING AND THEORY

Settling Equations

The specific gravity difference between the dispersed water droplets
and the oil should result in the water "sinking" to the bottom of the treat-
ment vessel.

Since the oil continuous phase is flowing vertically upward in both
vertical and horizontal treaters previously described, the downward
velocity of the water droplet must be sufficient to overcome the velocity
of the oil traveling upward through the treater. By setting the settling
velocity equal to the oil velocity the following general sizing equations
can be derived:

Horizontal Vessels
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where d = diameter of vessel, in.
Q0= oil flow rate, bopd

|A= oil viscosity, cp
Leff = length of coalescing section, ft

AS.G. = difference in specific gravity between oil and water
(relative to water)

dm= diameter of water droplet, microns
F= short-circuiting factor (1.0 for d < 48 inches, and

greater than 1.0 for d > 48 inches)

Derivation of Equation 6-7

Derivation of Equations 6-8 and 6-9

Vt and V0 are in ft/s, dm in micron, jo, in cp

Q is in ft/s, A in ft2, Q0 in bpd, d in inches
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Note that the height of the coalescing section for a vertical treater does
not enter the settling equation. The cross sectional area of flow for the
upward velocity of the oil is a function of the diameter of the vessel
alone. In a horizontal vessel the cross sectional area for flow for the
upward velocity of the oil is a function of the diameter times the length
of the coalescing section.

The sizing equation for gunbarrels includes a short-circuiting factor
(F). This factor accounts for imperfect liquid distribution across the
entire cross-section of the treating vessel or tank and is a function of the
flow conditions in the vessel. The larger the retention time, the larger the
short-circuiting factor. It may be necessary to apply a short-circuiting
factor for large vertical treaters as well.

Retention Time Equations

The oil must be held at temperature for a specific period of time to
enable de-emulsifying the water-in-oil emulsion. This information is best
determined in the laboratory but, in the absence of such data, 20 to 30
minutes is a good starting point.

Depending on the specific properties of the stream to be treated, geom-
etry required to provide a certain retention time may be larger or smaller
than the geometry required to satisfy the settling equation. The geometry
of the vessel is determined by the larger of the two criteria. The equations
for retention time are as follows:

Horizontal Vessels
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Vertical Vessels

where t,. = retention time, min
Qo = oil flow, bopd

h = height of the coalescing section, in.
F = short-circuiting factor (1.0 for d < 48 inches, and greater

than 1.0 for d > 48 inches)

Derivation of Equation 6-10

Assuming only 75% of the cross-sectional area is effective

Equations 6-10 and 6-12 are derived in the same manner as the reten-
tion time equation for horizontal separators.

Water Droplet Size

In order to develop a treater design procedure, the water droplet size to
be used in the settling equation to achieve a given outlet water cut must
be determined. As previously mentioned, it would be extremely rare to
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have laboratory data of the droplet size distribution for a given emulsion
as it enters the coalescing section of the treater. Qualitatively, we would
expect the minimum droplet size that must be removed for a given water
cut to (1) increase with retention time in the coalescing section, (2)
increase with temperature, which tends to excite the system, leading to
more collisions of small droplets, and (3) increase with oil viscosity,
which tends to inhibit the formation of small droplets from shearing that
occurs in the system.

We have seen that, after an initial period, increasing the retention time
has a small impact on the rate of growth of particles. Thus, for practically
sized treaters with retention times of 10 to 30 minutes, retention time would
not be expected to be a determinant variable. Intuitively, one would expect
viscosity to have a much greater effect on coalescence than temperature.

Assuming that the minimum required size of droplets that must be set-
tled is a function only of oil viscosity, equations have been developed
correlating this droplet size and oil viscosity [1]. The authors used data
from three conventional treaters operating with 1% water cuts. Water
droplet sizes were back-calculated using Equation 6-7. The calculated
droplet sizes were correlated with oil viscosity, and the following equa-
tion resulted:

where dml% = diameter of water droplet to be settled from the oil to
achieve 1% water cut, microns

\i = viscosity of the oil phase, cp

Using the same procedure, the following correlation for droplet size
was developed for electrostatic treaters:

For viscosities below 3 cp, Equation 6-8 should be used. The two
equations intersect at 3 cp, and electrostatic treaters would not be expect-
ed to operate less efficiently in this range. Additionally, the data from
which the electrostatic treater droplet size correlation was developed did
not include oil viscosities less than 7 cp.

The same authors also investigated the effect of water cut on minimum
droplet size. Data from both conventional and electrostatic treaters over a
range of water cuts were used to back-calculate an imputed droplet size
as a function of water cut, resulting in the following equation:
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where dm = diameter of water droplet to be settled from the oil to
achieve a given water cut (Wc), microns

Wc = water cut, percent

As the volume of a sphere is proportional to the diameter cubed, Equa-
tion 6-10 indicates that the water cut is proportional to the droplet diame-
ter cubed.

It must be stressed that the above equations should be used only in the
absence of other data and experience. These proposed relationships are
based only on limited experimental data.

An approximate sizing relationship, derived from Equations 6-13 and
6-14, is given in Figure 6-12 in terms of the flow rate of emulsion (given
in bpd) flowing vertically through a horizontal cross-sectional area of

Figure 6-12. Flow rate vs.
treating temperature for
conventional and electrostatic
treaters.
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one square foot. For a horizontal treater with vertical flow through the
coalescing section, the flow area can be approximated as the diameter of
the vessel times the length of the coalescing section.

DESIGN PROCEDURE

In specifying the size of a treater, it is necessary to determine the
diameter (d), length or height of the coalescing section (Leff or h), and
treating temperature or fire-tube rating. As we have seen, these variables
are interdependent, and it is not possible to arrive at a unique solution for
each. The design engineer must trade the cost of increased geometry
against the savings from reducing the treating temperature.

The equations previously presented provide tools for arriving at this
trade-off. However, because of the empirical nature of some of the under-
lying assumptions engineering judgment must be utilized in selecting the
size of treater to use. The general procedure is outlined as follows:

1. Choose a treating temperature.

2. Determine oil viscosity at treating temperature.

3. Determine the diameter of the water droplet that must be removed
from the oil at treating temperature from Equation 6-13 or 6-14,
along with Equation 6-15.

4. Determine the treater geometry necessary to satisfy settling criteria
from Equation 6-7 for horizontal vessels, Equation 6-8 for vertical
vessels, or Equation 6-9 for gunbarrels.

5. Check the geometry to assure it provides sufficient retention time as
indicated by Equation 6-10 for horizontal vessels, Equation 6-11 for
vertical vessels, or Equation 6-12 for gunbarrels.

6. Repeat the procedure for different assumed treating temperatures.

This procedure allows the production facility engineer to choose the
major sizing parameters of heater-treaters when little or no laboratory
data are available. This procedure does not give the overall dimensions
of the treater, which must include inlet gas separation and free-water
knockout sections. However, it does provide a method for specifying a
fire-tube capacity and a minimum size for the coalescing section (where
the treating actually occurs), and provides the engineer with the tools
necessary to evaluate specific vendor proposals.
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EXAMPLES

Example 6-1: Sizing a Horizontal Treater

Given: Oil gravity = 30°API, 0.875 S.G.

Oil flow rate = 5,000 bpd

Inlet oil temperature = 80°F

Water S.G. -1.04

Inlet BS&W =10%

Outlet BS&W =1%

Solution:

1. Settling Equation. Investigate treating at 80°F, 100°F, 120°F.

Treating Temperature

AS.G.

M-
dm
dLeff

80°F

0.165
40
503
2,098

100°F

0.165
15
394
1,283

120°F

0.165
9
346
998

2. Retention Time Equation. Plot computations of d and Leff with
retention times less than 20 minutes.

The shaded area of Figure 6-13 represents combinations of d and
Leff with ̂  less than 20 minutes.

3. Heat Required

Substituting treating temperature values of 80°F, 100°F, and 120°F
and substituting initial oil temperature value of 80°F will yield val-
ues of heat required of 0, 0.86, and 1.72 MMBtu/h.

4. Selection. Choose any combination of d and Leff that is not in the
shaded area. Read corresponding treating temperature.



Figure 6-13. Horizontal treater example.
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Example solutions are:
Treating
Temperature,
°F

80°F

100°F

120°F

d,
in.

144
120
96
96
72
96
72

U
ft

15
18
22
14
20
10
20

Heat Required,
MMBtu/h

0.00

0.86

1.72

An economical solution would be a 72-inch-diameter treater with a
20-foot coalescing section and a 0.86-MMBtu/h firetube capacity.
Given the nature of empirical design procedures, crude could possi-
bly be treated at 80°F. The additional firetube capacity will allow a
temperature of 100°F if required by field conditions.

Example 6-2: Sizing a Vertical Treater

Given: Oil gravity = 40°API, 0.875 S.G.

Oil flow rate = 2,000 bpd

Inlet oil temperature = 90°F

Water S.G. -1.04

Inlet BS&W = 10%

Outlet BS&W =\%

Solution:

1. Settling Equation. Investigate treating at 90°F, 100°F, 120°F.

Treating Temperatur

AS.G.

Mt)

dm
dLeff

e 90°F

0.215
7.0
325
64

100°F

0.215
5.1
301
59

120°F

0.215
3.3
270
53

2. Retention Time. Plot computations of d and h with retention times
less than 20 minutes.



Figure 6-14. Vertical treater example.
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d2 h = (20) (2,000)70.12 = 333,333

The shaded area of Figure 6-14 represents combinations of d and h
with tf less than 20 minutes.

3. Heat Required

4. Selection. Choose any combination of d and h that is not in th
shaded area. Read the corresponding treating temperature.

Example solutions are:
Treating
Temperature,
°F

120°F
100°F
90°F

d,
in.

53
59
64

h,
in.

120
100
90

Heat Required,
MMBtu/h

0.49
0.16

0

An economical solution would be a 60-inch-diameter treater with a
100-inch-high coalescing section and a 0.16-MMBtu/h firetube
capacity. In actual service, crude may not require heating at all. The
firetube capacity will allow a treating temperature of 100°F if
required by field conditions.
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CHAPTER

7

Produced- Water
Treating Systems*

INTRODUCTION

In producing operations it is often necessary to handle wastewater that
may include water produced with crude oil, rain water, and washdown
water. The water must be separated from the crude oil and disposed of in
a manner that does not violate established environmental regulations. In
offshore areas where discharge to the sea is allowed, the governing regu-
latory body specifies the maximum hydrocarbon content in the water that
may be discharged overboard. The range is currently 15 mg/1 to 50 mg/1
depending on the specific location. In most onshore locations the water
cannot be disposed of on the surface, due to possible salt contamination,
and must be injected into an acceptable disposal formation or disposed of
by evaporation. In either case it will probably be necessary to treat the
produced water to lower its hydrocarbon content below that normally
obtained from free-water knockouts and oil treaters. The purpose of this
chapter is to present the engineer with a procedure for selecting the
appropriate type of equipment for treating oil from produced water and
to provide the theoretical equations and empirical rules necessary to size

*Reviewed for the 1998 edition by Michael E. Whitworth of Paragon Engineering
Services, Inc.
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the equipment. When this design procedure is followed, the engineer will
be able to develop a process flowsheet, determine equipment sizes, and
evaluate vendor proposals for any wastewater treating system.

SYSTEM DESCRIPTION

Table 7-1 lists the various methods employed in produced-water treat-
ing systems and the types of equipment that employ each method. Figure
7-1 shows a typical produced-water treating system configuration. Pro-
duced water will always have some form of primary treating prior to dis-
posal. This could be a skim tank, skim vessel, CPI, or crossflow separa-
tor. All of these devices employ gravity separation techniques.
Depending upon the severity of the treating problem, secondary treating
utilizing a CPI, crossflow separator, or a flotation unit may be required.
Liquid-liquid hydrocyclones are often used either in a single stage or
with a downstream skim vessel or flotation unit.

Table 7-1
Produced-Water Treating Equipment

Method

Gravity Separation

Plate Coalescence

Enhanced Coalescence

Gas Flotation

Enhanced Gravity
Separation

Filtration

Equipment Type

Skimmer Tanks and Vessels
API Separators
Disposal Piles
Skim Piles
Parallel Plate Interceptors
Corrugated Plate Interceptors
Cross-Flow Separators
Mixed-Flow Separators
Precipitators
Filter/Coalescers
Free-Flow Turbulent Coalescers
Dissolved Gas
Hydraulic Dispersed Gas
Mechanical Dispersed Gas
Hydrocyclones
Centrifuges
Multi-Media
Membrane

Approximate Minimum
Drop Size Removal
Capabilities (Microns)

100-150

30-50

10-15

15-20

5-15

1+
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Figure 7-1. Typical produced-water treating system.

Offshore, produced water can be piped directly overboard after treat-
ing, or it can be routed through a disposal pile or a skim pile. Deck drains
must be treated for removal of "free" oil. This is normally done in a skim
vessel called a sump tank. Water from the sump tank is either combined
with the produced water or routed separately for disposal overboard.

Onshore, the water will normally be reinjected in the formation or be
pumped into a disposal well.

For safety considerations, closed drains, if they exist in the process,
should never be tied into atmospheric drains and should be routed to a
pressure vessel prior to entering an atmospheric tank or pile. This could
be done in a skim vessel, crossflow separator or CPI in a pressure vessel.
The latter two could be used where it is desirable to separate sand from
the system.
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THEORY

The function of all water treating equipment is to cause the oil
droplets that exist in the water continuous phase to separate from the
water phase so they can then be removed. In gravity separation units,
the difference in specific gravity causes the oil to float to the surface of
the water. The oil droplets are subjected to continuous dispersion and
coalescence during the trip up the wellbore through the surface chokes,
flowlines, control valves and the process equipment. When energy is put
into the system at a high rate the drops are dispersed to smaller sizes.
When the energy input rate is low, small droplets collide and join
together in the process of coalescence.

Gravity Separation

Most commonly used water treating equipment items rely on the
forces of gravity to separate the oil droplets from the water continuous
phase. The oil droplets, being lighter than the volume of water they dis-
place, have a buoyant force exerted upon them. This is resisted by a drag
force caused by their vertical movement through the water. When the two
forces are equal, a constant velocity is reached, which can be computed
from Stokes' Law as:

where Vt = terminal settling velocity, ft/s
dm = diameter of the oil droplet, micron

AS.G. = difference in specific gravity of oil and water relative
to water

fj, = viscosity of the water continuous phase, cp

Several conclusions can be drawn from this simple equation:

1. The larger the size of an oil droplet, the larger the square of its
diameter, and, thus, the greater its vertical velocity. That is, the big-
ger the droplet size, the less time it takes for the droplet to rise to a
collection surface and thus the easier it is to treat the water.

2. The greater the difference in density between the oil droplet and the
water phase, the greater the vertical velocity. That is, the lighter the
crude, the easier it is to treat the water.
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3. The higher the temperature, the lower the viscosity of the water, and
thus the greater the vertical velocity. That is, it is easier to treat the
water at high temperatures than at low temperatures.

Dispersion

An oscillating droplet of oil becomes unstable when the kinetic energy is
sufficient to make up for the difference in the surface energy between the
single droplet and the two smaller droplets formed from it. At the same
time that this process is occurring, the motion of the smaller oil particles is
causing coalescence to occur. Therefore, it should be possible to define sta-
tistically a maximum droplet size for a given energy input per unit mass
and time at which the rate of coalescence equals the rate of dispersion.

One relationship for the maximum particle size that can exist at equi-
librium was proposed by Hinze as follows:

where dmax = diameter of droplet above which size only 5% of the oil
volume is contained, micron

a = surface tension, dynes/cm
pw = density, g/cm3

AP = pressure drop, psi
tj.= retention time, minutes

It can be seen that the greater the pressure drop and thus the shear
forces that the fluid experiences in a given period of time while flowing
through the treating system, the smaller the maximum oil droplet diame-
ter will be. That is, large pressure drops that occur in small distances
through chokes, control valves, desanders, etc., result in smaller droplets.

The dispersion process is theoretically not instantaneous. However, it
appears from field experience to occur very rapidly. For design purposes,
it could be assumed that whenever large pressure drops occur, all
droplets larger than dmax will instantaneously disperse. This is, of course,
a conservative approximation.

Coalescence

The process of coalescence in water treating systems is more time
dependent than the process of dispersion. In dispersions of two immisci-
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ble liquids, immediate coalescence seldom occurs when two droplets col-
lide. If the droplet pair is exposed to turbulent pressure fluctuations, and
the kinetic energy of the oscillations induced in the droplet pair is larger
than the energy of adhesion between them, the contact will be broken
before coalescence is completed.

It has been shown in the previous chapter that the time to "grow" a
droplet size due to coalescence in a gravity settler is proportional to the
diameter of the droplet to some power greater than three and inversely
proportional to the concentration of the oil phase. From this it can be
concluded that after an initial period of coalescence in a settler, addition-
al retention time has a rapidly diminishing ability to cause coalescence
and to capture oil droplets.

Flotation

The process of flotation improves the separation of the oil droplets
from the water continuous phase. This goal is accomplished by increas-
ing the difference in density between the two fluids by attaching gas bub-
bles to the oil droplet. The flotation process will decrease vessel retention
time, thereby decreasing the separating vessel size required to allow a
specified droplet size to float to the surface or decreasing the size of oil
droplet that can be captured by a separation vessel of specified size.

TREATING EQUIPMENT

Settling Tanks and Skimmer Vessels

The simplest form of primary treating equipment is a settling (skim)
tank or vessel. These items are normally designed to provide long resi-
dence times during which coalescence and gravity separation can occur.
If the desired outlet oil concentration is known, the theoretical dimen-
sions of the vessel can be determined. Unlike the case of separation, with
skim vessels one cannot ignore the effects of vibration, turbulence, short-
circuiting, etc. American Petroleum Institute (API) Publication 421,
Management of Water Discharges: Design and Operation of Oil-Water
Separators, uses short-circuit factors as high as 1.75 and is the basis
upon which many of the sizing formulas in this chapter were derived.

Skimmers can be either vertical or horizontal in configuration. In ver-
tical skimmers the oil droplets must rise upward countercurrent to the
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downward flow of the water. Some vertical skimmers have inlet spread-
ers and outlet collectors to help even the distribution of the flow, as
shown in Figure 7-2. The inlet directs the flow below the oil-water inter-
face. Small amounts of gas liberated from the water help to "float" the oil
droplets. In the quiet zone between the spreader and the water collector,
some coalescence can occur and the buoyancy of the oil droplets causes
them to rise counter to the water flow. Oil will be collected and skimmed
off the surface.

The thickness of the oil pad depends on the relative heights of the oil
weir and the water leg, and the difference in specific gravity of the two liq-
uids. Often, an interface lever controller is used in place of the water leg.

In horizontal skimmers the oil droplets rise perpendicular to the flow
of the water, as shown in Figure 7-3. The inlet enters below the oil pad.
The water then turns and flows horizontally for most of the length of the
vessel. Baffles could be installed to straighten the flow. Oil droplets coa-

Figure 7-2. Vertical skimmer schematic.
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Figure 7-3. Horizontal skimmer schematic.

lesce in this section of the vessel and rise to the oil-water surface where
they are captured and eventually skimmed over the oil weir. The height
of the oil can be controlled by interface control, by a water leg similar to
that shown in Figure 7-2, or by a bucket and weir arrangement.

Horizontal vessels are more efficient at water treating because the oil
droplets do not have to flow countercurrent to the water flow. However,
vertical skimmers are used in instances where:

1. Sand and other solid particles must be handled. This can be done in
vertical vessels with either the water outlet or a sand drain off the
bottom. Experience with elaborately designed sand drains in large
horizontal vessels has not been very satisfactory.

2. Liquid surges are expected. Vertical vessels are less susceptible to
high level shutdowns due to liquid surges. Internal waves due to
surging in horizontal vessels can trigger a level float even though
the volume of liquid between the normal operating level and the
high level shutdown is equal to or larger than that in a vertical ves-
sel. This possibility can be minimized through the installation of
stilling baffles in the vessel.

The choice of pressure versus atmospheric vessel for the skimmer tank
is not determined solely by the water treating requirements. The overall
needs of the system need to be considered in this decision. Pressure ves-
sels are more expensive. However, they are recommended where:

1. Potential gas blowby through the upstream vessel dump system
could create too much back-pressure in an atmospheric vent system.
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2. The water must be dumped to a higher level for further treating and
a pump would be needed if an atmospheric vessel were installed.

Due to the potential danger from overpressure and potential gas vent-
ing problems associated with atmospheric vessels, pressure vessels are
preferred. However, an individual cost/benefit decision must be made.

A minimum residence time of 10 to 30 minutes should be provided to
assure that surges do not upset the system and to provide for some coa-
lescence. As previously discussed, the potential benefits of providing
much more residence time will probably not be cost efficient beyond this
point. Skimmers with long residence times require baffles to attempt to
distribute the flow and eliminate short circuiting. Tracer studies have
shown that skimmer tanks, even those with carefully designed spreaders
and baffles, exhibit poor flow behavior and short circuiting. This is prob-
ably due to density and temperature differences, deposition of solids, cor-
rosion of spreaders, etc.

Skimmer Sizing Equations

Horizontal Cylindrical Vessel One Half Full

The required diameter and length of a horizontal cylinder operating
one-half full of water can be determined from Stokes' Law as follows:

where d = vessel diameter, in.
Qw = water flow rate, bwpd

(i = water viscosity, cp
dm = oil droplet diameter, micron

Leff = effective length in which separation occurs, ft
AS.G. = difference in specific gravity between the oil and water

relative to water

Derivation of Equation 7-3

Oil droplets must settle vertically upward through horizontally flowing
water. t0 and tw are in s, dm in micron, \i in cp and d in inches.
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Use efficiency factor of 1.8 for turbulence and short circuiting.

Any combination of Leff and d that satisfies this equation will be suffi-
cient to allow all oil particles of diameter dm or larger to settle out of the
water. However, only those combinations that also satisfy the following
retention time criteria should be chosen:

where (tj.)w = retention time, minutes

This equation was derived in the chapter on two-phase separators.

The choice of correct diameter and length can be obtained by plotting
d versus Leff for both Equation 7-3 and 7-4. Any combination that satis-
fies both equations is acceptable.
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Horizontal Rectangular Cross Section Tank

Similarly, the required width and length of a horizontal tank of rectan-
gular cross section can be determined from Stokes' Law using an effi-
ciency factor of 1.9 for turbulence and short circuiting:

where W = width, ft
Leff= effective length in which separation occurs, ft

Derivation of Equation 7-5

Oil droplets must settle virtually upward through horizontally flowin
water. t0 and tw are in s, dm in micron, |i in cp, Leff, H and W in ft, Q i
ft3/s,Ainft2, Qwinbpd.

Using an efficiency factor of 1.9 for turbulence and short circuiting,
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Equation 7-5 is independent of height. Typically, the height of water
flow is limited to less than one-half the width to assure good flow distrib-
ution. With this assumption the following equation can be derived for
retention time criteria:

H is limited to 0.5 W; (tj.)w is in minutes.

W2Leff = 0.008 (gwQw

The choice of W and L that satisfies both requirements can be obtained
graphically. The height of water flow, H, is set equal to 0.5 W.

Vertical Cylindrical Tank

The required diameter of a vertical cylindrical tank can be deter-
mined from:

F is a factor that accounts for turbulence and short circuiting. For
small diameter vessels (48-inch or lower) F = 1.0. For larger diameter F
depends on the type of inlet and outlet spreaders, collectors, and baffles
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that are provided. Tanks 10 feet in diameter should be considered to have
an F = 2.0. Tanks greater than 10 feet in diameter should be discouraged
due to short circuiting.

Derivation of Equation 7-7

Oil droplets must settle vertically upward through vertically downward
flowing water. V0 and Vw are in ft/sec, dm in micron, |Ll in cp, Q in ft3/s, A
in ft2, Qw in bpd, d in inches.

The height of water column in feet can be determined from retention
time requirements:

Derivation of Equation 7-8

tw is in s, (t,.̂  in minutes, H in feet, Vw in ft/s.
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Plate Coalescers

Plate coalescers are skim tanks or vessels that use internal plates to
improve the gravity separation process. Various configurations of plate
coalescers have been devised. These are commonly called parallel plate
interceptors (PPI), corrugated plate interceptors (CPI), or cross-flow sep-
arators. All of these depend on gravity separation to allow the oil droplets
to rise to a plate surface where coalescence and capture occur. As shown
in Figure 7-4 flow is spilt between a number of parallel plates spaced a
short distance apart. To facilitate capture of the oil droplet the plates are
inclined to the horizontal.

Stokes' Law should apply to oil droplets as small in diameter as 1 to
10 microns. However, field experience indicates that 30 microns sets a
reasonable lower limit on the droplet sizes that can be removed. Below
this size small pressure fluctuations, platform vibration, etc., tend to
impede the rise of the droplets to the coalescing surface.

Parallel Plate Interceptor (PPI)

The first form of a plate coalescer was the parallel plate interceptor
(PPI). This involved installing a series of plates parallel to the longitudi-
nal axis of an API separator (a horizontal rectangular cross section skim-

Figure 7-4. Plate coalescers.
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mer) as shown in Figure 7-5. The plates form a "V" when viewed along
the axis of flow so that the oil sheet migrates up the underside of the coa-
lescing plate and to the sides. Sediments migrate towards the middle and
down to the bottom of the separator, where they are removed.

Corrugated Plate Interceptor (CPI)

The most common form of parallel plate interceptor used in oil facili-
ties is the corrugated plate interceptor (CPI). This is a refinement of the
PPI in that it takes up less plan area for the same particle size removal,
and has the added benefit of making sediment handling easier. Figure 7-6
illustrates a typical downflow CPI design and Figure 7-7 shows a typical
CPI pack.

In CPIs the parallel plates are corrugated (like roofing material) with the
axis of the corrugations parallel to the direction of flow. The plate pack is
inclined at an angle of 45° and the bulk water flow is forced downward.

The oil sheet rises upward counter to the water flow and is concentrated
in the top of each corrugation. When the oil reaches the end of the plate
pack, it is collected in a channel and brought to the oil-water interface.

Figure 7-5. Parallel plate interceptor.
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Figure 7-6. CPI flow pattern.

Figure 7-7. CPI plate pack.
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In areas where sand or sediment production is anticipated, the sand
should be removed prior to flowing through a standard CPI. Because of
the required laminar flow regime all plate coalescers are efficient sand
settling devices.

Experience has shown that oil wet sand may adhere to a 45° slope.
Therefore, there is the possibility that the sand will adhere to and clog the
plates. In addition, the sand collection channels installed at the end of the
plate pack cause turbulence that affects the treating process and are them-
selves subject to sand plugging. To eliminate the above problems, an
"upflow" CPI unit employing corrugated plates with a 60° angle of incli-
nation may be used.

For service temperatures less than 140°F, fiberglass with a steel frame
is used. For service temperatures greater than 140°F, corrosion-resistant
alloys or stainless steels are recommended.

Cross-Flow Devices

Equipment manufacturers have modified the CPI configuration for
horizontal water flow perpendicular to the axis of the corrugations in the
plates as shown in Figure 7-8. This allows the plates to be put on a steep-
er angle to facilitate sediment removal, and to enable the plate pack to be
more conveniently packaged in a pressure vessel. The latter benefit may
be required if gas blowby through an upstream dump valve could cause
relief problems with an atmospheric tank.

Figure 7-8. Cross-flow separator.



Produced-Water Treating Systems 211

Cross-flow devices can be constructed in either horizontal or vertical
pressure vessels. The horizontal vessels require less internal baffling as
the ends of nearly each plate conduct the oil directly to the oil-water inter-
face and the sediments to the sediment area below the water flow area.
However, the pack is long and narrow and, therefore, it requires an elabo-
rate spreader and collection device to force the water to travel across the
plate pack in plug flow. There is a possibility of shearing the inlet oil
droplets in the spreader, which would make separation more difficult.

Vertical units, although requiring collection channels on one end to
enable the oil to rise to the oil-water interface and on the other end to
allow the sand to settle to the bottom, can be designed for more efficient
sand removal. CPI separators are generally cheaper and more efficient at
oil removal than cross-flow separators. However, cross-flow should be
considered where the use of a pressure vessel is preferred and sediment
laden water is expected.

Performance

Advantages of plate coalescers are: (1) they require very little mainte-
nance, (2) they have a smaller size and weight than skim vessels, (3) they
are simple and inexpensive in comparison to some of the other types of
produced-water treating devices, (4) they have no moving parts and do
not require power, and (5) they are easy to install in a pressure vessel,
which helps to retain hydrocarbon vapors and protect against overpres-
sure due to failure of an upstream level control valve. Disadvantages are
that plate separators are not effective for streams with slugs of oil or
major surges in liquid flow rate and cannot effectively handle large
amounts of solids.

Coalescer Sizing Equations

The general sizing equation for a plate coalescer with flow either par-
allel to or perpendicular to the scope of the plates for droplet size
removal is:

where dm = design oil droplet diameter, micron
Qw = bulk water flow rate, bwpd

h = perpendicular distance between plates, in.



212 Design of OIL-HANDLING Systems and Facilities

\L= viscosity of the water, cp
9 = angle of the plate with the horizontal

H, W = height and width of the plate section perpendicular to
the axis of water flow, ft

L = length of plate section parallel to the axis of water flow,
ft

AS.G. = difference in specific gravity between the oil and water
relative to water

Derivation of Equation 7-9

The oil droplet must rise to the underside of the coalescing plate. ^
and tw in s, Vw in ft/s, Q in ft3/s, A in ft2, H, W and L in ft, Qw in bpd.

Leff = 0.7 L (That is, only 70% of the actual length of the pack is effec-
tive in the settling process.)

A = 0.9 H W (The plate material itself takes up 10% of the flow area.)

Experiments have indicated that the Reynolds number for the flow
regime cannot exceed 1,600 with four times the hydraulic radius as the
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characteristic dimension. Based on this correlation, the minimum H
times W for a given Qw can be determined from:

Derivation of Equation 7-10

\i' is in lb-sec/ft2, pw in lb/ft3, R in ft, D in ft

R = hydraulic radius

To account for surges from control valves, use a safety factor of two.
Therefore:

CPI Sizing

For CPIs, plate packs come in standard sizes with H = 3.25 ft, W =
3.25 ft, L = 5.75 ft, h = 0.69 in., and 6 = 45°. The size of the CPIs is
determined by the number of standard plate packs installed. To arrive at
the number of packs needed, the following equation is used:
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To assure that the Reynolds number limitation is met, the flow through
each pack should be limited to approximately 20,000 bwpd.

It is possible to specify a 60° angle of inclination to help alleviate the
solids plugging problem inherent in CPIs. This requires a 40% increase
in the number of packs according to the following equation:

Cross-Flow Device Sizing

Cross-flow devices obey the same general sizing equations as plate coa-
lescers. Although some manufacturers claim greater efficiency than CPIs,
the reason for this is not apparent from theory, laboratory, or field tests.

Both horizontal and vertical cross-flow separators require spreaders
and collectors to uniformly distribute the water flow among the plates.
For this reason, it is suggested that Equation 7-8 be modified to include a
75% spreader efficiency term so that the following equation is used:

Skimmer/Coalescers

Several designs that are marketed for improving oil-water separation rely
on installing plates within horizontal skimmers or free-water knockouts to
encourage coalescence and capture of the oil particles within the water con-
tinuous phase. The geometry of plate spacing and length can be analyzed
for each of these designs using the techniques previously discussed.

Coalescing packs use a cross-flow design rather than a downflow
design. The pack covers the entire inside diameter of the vessel unless
sand removal internals are required. Pack lengths range from 2 to 9 feet,
depending on the service. Coalescing pack materials include polypropy-
lene, polyvinyl chloride, stainless steel, and carbon steel.

Standard spacing of cross-flow plate packs is 0.80 inches, with option-
al available spacing of either 0.46 or 1.33 inches. The pack is inclined
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60° to lessen plugging. More coalescing sites are offered to the dispersed
oil droplets due to the hexagonal pattern of the pack.

Precipitators/Coalescing Filters

In the past, it was common to direct the water to be treated through a
bed of excelsior or another similar medium, as shown in Figure 7-9, to
aid in the coalescing of oil droplets. However, the coalescing medium
has a tendency to clog. Many of these devices in oil field service have
the medium removed. In such a case they actually act like a vertical
skimmer since the oil droplets must flow countercurrent to the downward
flow of the water through the area where the medium was.

Coalescing filters employing sand, anthracite, or a fibrous element to
catch the oil droplets and promote coalescence have been used. The filter
media are designed for automatic backwash cycles. They are extremely
efficient at water cleaning, but clog easily with oil and are difficult to back-
wash. The backwash fluid must be disposed of, which leads to further
complications. Some operators have had success with sand filters in
onshore operations where the backwash fluid can be routed to large settling
tanks, and where the water has already been treated to 25-75 mg/1 oil.

Free-Flow Turbulent Coalescers (SP Packs)

The gravity settling devices previously discussed make use of closely
spaced internals to reduce the distance an oil droplet must rise to meet a
coalescing surface. This is because within a tank or vessel there is very

Figure 7-9. Precipitafor schematic.
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little turbulence to promote coalescence. The SP Pack, developed by
Paragon Engineering Services and marketed by Modular Production
Equipment, Houston, creates turbulent flow by forcing the water to flow
through a serpentine pipe path. The path is sized to create turbulence of
sufficient magnitude to cause coalescence but not so great as to shear the
droplets below a specified size. The pipe path is similar in size to the
inlet piping and thus is not susceptible to plugging.

As shown in Figure 7-10, the SP Pack is placed inside of any gravity
settling device (skimmer, plate coalescer, etc.) and by growing a larger
drop size distribution, the gravity settler is more efficient at removing oil,
as shown in Figure 7-11.

Figure 7-10. Skim tank with SP Packs installed.

Figure 7-11. The SP pack grows a larger drop size distribution, allowing the
skimmer to remove more oil.
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Standard SP Pack sizes are shown in Table 7-2. They are designed to
grow a drop size distribution curve with 1,000-micron maximum drop
size. They are very efficient at removing oil when they are series staged,
as shown in Figure 7-12. In such an installation, an enhanced drop size
distribution is developed in the first pack, the larger drops are settled out.
As the water flows through the next pack some of the remaining oil is
coalesced, forming a second enhanced drop size distribution, and allow-
ing more oil to be settled.

Table 7-2
Standard SP Pack Free-Flow Coalescer Sizes

Optimum1

Flow BWPD

500-1,000
1,000-1,500
1,500-2,200
2,200-4,500
4,500-11,000

11,000-22,000
22,000-40,000
40,000-57,000

Model
Number

LAA
LA
LB
LC
ID
IE
IF

HG

Standard
Inlet/Outlet
Connections

\-K"
2"
3"
4"
6"
8"
10"
12"

Min. Tank
Size

100 bbl
100 bbl
100 bbl
100 bbl
100 bbl
210 bbl
500 bbl
500 bbl

Operating2

Range

400-2,500
1,000-5,000
1,300-10,000
1,700-18,000
2,500^0,000
3,500-70,000
4,500-100,000
6,000-150,000

Notes:
1. Optimum flow—range in which maximum oil removal efficiency occurs.
2. Operating range—broad range in which SP Pack free-flow coalescers can work

without adversely affecting process performance
All SP Pack free-flow coalescers can befitted through STD API tank openings.
For vessels, SP Pack freeflow coalescers can befitted through minimum 14" ID
manways.
For flows in excess of 57,000 BWPD please contact MPE at Houston office.
Courtesy of Modular Production Equipment, Inc.

Figure 7-12. SP Packs series staged in tanks.
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The efficiency in each stage is given by:

where Q = inlet concentration
C0 = outlet concentration

Since the drop size distribution developed by the SP Pack can be con-
servatively estimated as a straight line,

where dm = drop size that can be treated in the stage
dmax = maximum size drop created by the SP Pack. For standard

SP Packs, dm = 1,000 microns.

The overall efficiency of a series staged installation is then given by:

Flotation Units

Flotation units are the only commonly used water treating equipment
that do not rely solely on gravity separation of the oil droplets. Rotation
units employ a process in which fine gas bubbles are generated and dis-
persed in water, where they attach themselves to oil droplets or solid par-
ticulates. The gas bubbles then help to lift the oil to the water surface for
collection. Flotation aids such as coagulants, poly electrolytes, or demul-
sifiers are added to improve performance. Two distinct types of flotation
units have been used that are distinguished by the method employed in
producing the small gas bubbles needed to contact the water. These are
dissolved gas units and dispersed gas units.

Dissolved Gas Units

Dissolved gas designs take a portion of the treated water effluent and
saturate the water with natural gas in a contactor. The higher the pressure
the more gas can be dissolved in the water. Most units are designed for a
20 to 40 psig contact pressure. Normally, 20% to 50% of the treated
water is recirculated for contact with the gas. The gas saturated water is
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then injected into the flotation tank as shown in Figure 7-13. The dis-
solved gas breaks out of solution in small diameter bubbles that contact
the oil droplets in the water and bring them to the surface in a froth.

Dissolved gas units have been used successfully in refinery operations
where air can be used as the gas and where large areas are available. In
treating produced water for injection, it is desirable to use natural gas to
exclude oxygen. This requires the venting of the gas or installation of a
vapor recovery unit. Field experience with dissolved natural gas units
have not been as successful as experience with dispersed gas units.

Design parameters are recommended by the individual manufacturers
but normally range from 0.2 to 0.5 scf/barrel of water to be treated and
flow rates of treated plus recycled water of between 2 and 4 gpm/ft2.
Retention times of 10 to 40 minutes and depths of between 6 and 9 feet
are specified.

Dissolved gas units are common in chemical plant operations, but, for
the following reasons, they are seldom used in producing operations: (1)
they are larger than dispersed gas units and they weigh more, so they
have limited application offshore, (2) many production facilities do not
have vapor recovery units and, thus, the gas is not recycled, and (3) pro-
duced water has a greater tendency to cause scale in the bubble-forming
device than the fresh water that is normally found in plants.

Figure 7-13. Dissolved gas flotation process.
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Dispersed Gas Units

In dispersed gas units gas bubbles are dispersed in the total stream
either by the use of an inductor device or by a vortex set up by mechani-
cal rotors. Figure 7-14 shows a schematic cross section of a unit that
employs a hydraulic eductor. Clean water from the effluent is pumped to
a recirculation header (E) that feeds a series of venturo eductors (B).
Water flowing through the eductor sucks gas from the vapor space (A)
that is released at the nozzle (G) as a jet of small bubbles. The bubbles
rise causing flotation in the chamber (C) forming a froth (D) that is
skimmed with a mechanical device at (F).

Hydraulic eductor units are available with one, three, or four cells.
These devices use less power and less gas than mechanical rotor units.
Gas/water ratios are typically less than 10 ft2/bbl at design throughput.
The volume of gas dispersed in the water is not adjustable, so through-
puts less than design result in higher gas/water ratios.

Figure 7-14. Dispersed gas flotation unit with eduction.
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Figure 7-15 shows a cross section of a dispersed gas flotation cell that
utilizes a mechanical rotor. The rotor creates a vortex and vacuum within
the vortex tube. Shrouds assure that the gas in the vortex mixes with and
is entrained in the water. The rotor and draft inducer causes the water to
flow as indicated by the arrows in this plane while also creating a
swirling motion. A baffle at the top directs the froth to a skimming tray as
a result of this swirling motion.

Most dispersed gas units contain three or four cells. Bulk water moves
in series from one cell to the other by underflow baffles. Field tests have
indicated that the high intensity of mixing in each cell creates the effect
of plug flow of the bulk water from one cell to the next. That is, there is
virtually no short circuiting or breakthrough of a part of the inlet flow to
the outlet weir box.

Sizing Dispersed Gas Units

It can be shown mathematically that an efficient design must have a
high gas induction rate, a small diameter induced gas bubble, and rela-
tively large mixing zone. The design of the nozzle or rotor, and of the
internal baffles, is thus critical to the unit's efficiency.

Figure 7-15. Dispersed gas flotation unit with rotor (courtesy ofPetrolite Corp.).
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As measured in actual field tests, these units operate on a constant per-
cent removal basis. Within normal ranges their oil removal efficiency is
independent of inlet concentration or oil droplet diameter.

The nozzles, rotors, and baffles for these units are patented designs.
Field experiments indicate that these designs can be expected to have
removal efficiencies of about 50% per cell. Each cell is designed for
approximately one minute retention time to allow the gas bubbles to
break free of the liquid and form the froth at the surface. Each manufac-
turer gives the dimensions of this standard units and the maximum flow
rate based on his criteria.

From Equation 7-16, a three-cell unit can be expected to have an over-
all efficiency of 87% and a four-cell unit an efficiency of 94%. An effi-
ciency of 90% is usually used for design. The unit's actual efficiency will
depend on many factors that cannot be controlled or predicted in labora-
tory or field tests.

There are many different proprietary designs of dispersed gas units.
All require a means to introduce gas into the flowstream, a mixing region
where the gas can contact the oil droplets, a separation (flotation) region
that allows the gas bubbles to rise to the surface, and a means to skim the
froth. To operate efficiently, the unit must generate a large number of
small gas bubbles. Tests indicate that bubble size decreases with increas-

Figure 7-16. Vortoil hydrocyclone separator.
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ing salinity. At salinities above 3%, bubble size appears to remain con-
stant, but oil recovery often continues to improve.

Gas bubble/oil droplet attachment can be enhanced with the use of
polyelectrolyte chemicals. These flotation aid chemicals can also be used
to cause bubble/solid attachments, and thus flotation units can be used to
remove solids as well.

Oil removal is dependent to some extent on oil droplet size. Flotation
has very little effect on oil droplets that are smaller in diameter than 2 to
5 microns. Thus, it is important to avoid subjecting the influent to large
shear forces (e.g., level control valves) immediately upstream of the unit.
It is best to separate control devices from the unit by long lengths of pip-
ing (at least 300 diameters) to allow pipe coalescence to increase droplet
diameter before flotation is attempted. Above 10 to 20 microns, the size
of the oil droplet does not appear to affect oil recovery efficiency, and
thus elaborate inlet coalescing devices are not needed.

Skimmed oily water volumes are typically 2 to 5% of the machine's
rated capacity and can be as high as 10% when there is a surge of water
flow into the unit. Since skimmed fluid volume is a function of weir
length exposure over time, operation of the unit at less than design
capacity increases the water residence time but does not decrease the
skimmed fluid volumes.

Hydrocyclones

Hydrocyclones, sometimes called enhanced gravity separators, use
centrifugal force to remove oil droplets from oily water. As shown in
Figure 7-16, static hydrocyclones consist of the following four sections:
a cylindrical swirl chamber, a concentric reducing section, a fine tapered
section, and a cylindrical tail section. Oily water enters the cylindrical
swirl chamber through a tangential inlet, creating a high-velocity vortex
with a reverse-flowing central core. The fluid accelerates as it flows
through the concentric reducing section and the fine tapered section. The
fluid then continues at a constant rate through the cylindrical tail section.
Larger oil droplets are separated out from the fluid in the fine tapered
section, while smaller droplets are removed in the tail section. Cen-
tripetal forces cause the lighter-density droplets to move toward the low-
pressure central core, where axial reverse flow occurs. The oil is
removed through a small-diameter reject port located in the head of the
hydrocyclone. Clean water is removed through the downstream outlet.
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Static hydrocyclones require a minimum pressure of 100 psi to pro-
duce the required velocities. Manufacturers make designs that operate at
lower pressures, but these models have not always been as efficient as
those that operate at higher inlet pressures. If a minimum separator pres-
sure of 100 psi is not available, a low-shear pump should be used (e.g., a
progressive cavity pump) or sufficient pipe should be used between the
pump and the hydrocyclone to allow pipe coalescence of the oil droplets.
As is the case with flotation units, hydrocyclones do not appear to work
well with oil droplets less than 10 to 20 microns in diameter.

Performance is chiefly influenced by reject ratio and pressure drop
ratio (PDR). The reject ratio refers to the ratio of the reject fluid rate to
the total inlet fluid rate. Typically, the optimum ratio is between 1 and
3%. This ratio is also proportional to the PDR. Operation below the opti-
mum reject ratio will result in low oil removal efficiencies. Operation
above the optimum reject ratio does not impair oil removal efficiency,
but it increases the amount of liquid that must be recirculated through the
facility. The PDR refers to the ratio of the pressure difference between
the inlet and reject outlets and the difference from the inlet to the water
outlet. A PDR of between 1.4 and 2.0 is usually desired. Performance is
also affected by inlet oil droplet size, concentration of inlet oil, differen-
tial specific gravity, and inlet temperature. Temperatures greater than
80°F result in better operation.

Although the performance of hydrocyclones varies from facility to
facility (as with flotation units), an assumption of 90% oil removal is a
reasonable number for design. Often the unit will perform better than
this, but for design it would be unwise to assume this will happen. Per-
formance cannot be predicted more accurately from laboratory or field
testing because it is dependent on the actual shearing and coalescing that
occurs under field flow conditions and on impurities in the water, such as
residual treating and corrosion chemicals and sand, scale and corrosion
products, which vary with time.

Hydrocyclones are excellent coalescing devices, and they actually
function best as a primary treating device followed by a downstream
skim vessel that can separate the 500 to 1,000 micron droplets that leave
with the water effluent. A simplified P&ID for a hydrocyclone is shown
in Figure 7-17.

Advantages of static hydrocyclones include: (1) they have no moving
parts (thus, minimum maintenance and operator attention is required), (2)
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Figure 7-17. P&ID for a typical hydrocyclone system.

their compact design reduces weight and space requirements when com-
pared to those of a flotation unit, (3) they are insensitive to motion (thus,
they are suitable for floating facilities), (4) their modular design allows
easy addition of capacity, and (5) they offer lower operating costs when
compared to flotation units, if inlet pressure is available.

Disadvantages include the need to install a pump if oil is available
only at low pressure and the tendency of the reject port to plug with sand
or scale. Sand in the produced water will cause erosion of the cones and
increase operating costs.

Disposal Piles

Disposal piles are large diameter (24- to 48-inch) open-ended pipes
attached to the platform and extending below the surface of the water.
Their main uses are to (1) concentrate all platform discharges into one
location, (2) provide a conduit protected from wave action so that dis-
charges can be placed deep enough to prevent sheens from occurring dur-
ing upset conditions, and (3) provide an alarm or shutdown point in the
event of a failure causing oil to flow overboard.

Most authorities having jurisdiction require all produced water to be
treated (skimmer tank, coalescer, or flotation) prior to disposal in a dis-
posal pile. In some locations, disposal piles are permitted to collect
treated produced water, treated sand, liquids from drip pans and deck
drains, and as a final trap for hydrocarbon liquids in the event of equip-
ment upsets.
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Disposal piles are particularly useful for deck drainage disposal. This
flow, which originates either from rainwater or washdown water, typical-
ly contains oil droplets dispersed in an oxygen-laden fresh or saltwater
phase. The oxygen in the water makes it highly corrosive and commin-
gling with produced water may lead to scale deposition and plugging in
skimmer tanks, plate coalescers, or flotation units. The flow is highly
irregular and would thus cause upsets throughout these devices. Finally,
this flow must gravitate to a low point for collection and either be
pumped up to a higher level for treatment or treated at that low point.
Disposal piles are excellent for this purpose. They can be protected from
corrosion, they are by design located low enough on the platform to
eliminate the need for pumping the water, they are not severely affected
by large instantaneous flow rate changes (effluent quality may be affect-
ed to some extent but the operation of the pile can continue), they contain
no small passages subject to plugging by scale buildup, and they mini-
mize commingling with the process since they are the last piece of treat-
ing equipment before disposal.

Disposal Pile Sizing

The produced water being disposed of has been treated in vessels hav-
ing the capability of treating smaller droplets than those that can be pre-
dicted to settle out in the relatively slender disposal pile. Small amounts
of separation will occur in the disposal pile due to coalescence in the
inlet piping and in the pipe itself. However, no significant treating of pro-
duced water can be expected.

Most authorities having jurisdiction require that deck drainage be dis-
posed of with no free oil. If the deck drainage is merely contaminated
rain water, the disposal pile diameter can be estimated from the following
equation, assuming the need to separate 150-micron droplets:

where d = pile internal diameter, in.
Qw= produced water rate (if in disposal pile), bwpd
AD= plan area of the deck, ft2

Rw= rainfall rate, in./hr
= 2 in./hr for Gulf of Mexico

AS.G. = difference in specific gravity between oil droplets and
rain water
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QWD - washdown rate, bpd
= 1,500N

N = number of 50 gpm washdown hoses

Derivation of Equation 7-17

From the equation for a vertical skim tank with F = 1.0:

Qw = produced water rate if it is disposed in pile + rainfall rate or
washdown rate, bpd

In Equation 7-17 either the washdown rate or the rainfall rate should
be used as it is highly unlikely that both would occur at the same time.
The produced water rate is only used if produced water is routed to the
pile for disposal.

The disposal pile length should be as long as the water depth permits
in shallow water to provide for maximum oil containment in the event of
a malfunction and to minimize the potential appearance of any sheen. In
deep water, the length is set to assure that an alarm and then a shutdown
signal can be measured before the pile fills with oil.

These signals must be high enough so as not to register tide changes.
The length of pile submergence below the normal water level required to
assure that a high level will be sensed before the oil comes within 10 feet
of the bottom is given by:
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where L = depth of pile below MWL (submerged length), ft
Ht = normal tide range, ft
Hs = design annual storm surge, ft
HA = alarm level (usually 2 ft), ft

HSD = shutdown level (usually 2 ft), ft
(S.G.)o - specific gravity of the oil relative to water

Derivation of Equation 7-18

It is possible in shallow water to measure the oil-water interface for
alarm or shutdown with a bubble arrangement and a shorter pile. How-
ever, this is not recommended where water depth permits a longer pile.
To minimize wave action effects a minimum pile length of about 50 feet
is required.

Skim Pile

The skim pile is a type of disposal pile. As shown in Figure 7-18, flow
through the multiple series of baffle plates creates zones of no flow that
reduce the distance a given oil droplet must rise to be separated from the
main flow. Once in this zone, there is plenty of time for coalescence and
gravity separation. The larger droplets then migrate up the underside of
the baffle to an oil collection system.

Besides being more efficient than standard disposal piles, from an oil
separation standpoint, skim piles have the added benefit of providing for
some degree of sand cleaning. Most authorities having jurisdiction state
that produced sand must be disposed of without "free oil." It is doubtful
that sand from a vessel drain meets this criterion when disposed of in a
standard disposal pile.

Sand traversing the length of a skim pile will abrade on the baffles and
be water washed. This can be said to remove the free oil that is then cap-
tured in a quiescent zone.
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Figure 7-18. Skim pile flow
pattern (courtesy of
Engineering Specialists Inc.).

Skim Pile Sizing

The determination of skim pile length is the same as that for any other
disposal pile. Because of the complex flow regime a suitable equation
has yet to be developed to size skim piles for deck drainage. However,
field experience has indicated that acceptable effluent is obtained with 20
minutes retention time in the baffled section of the pile. Using this and
assuming that 25% of the volume is taken up by the coalescing zones:

where L' = Length of baffle section, ft. The submerged length is L' + 15
feet to allow for an inlet and exit from the baffle section.

Derivation of Equation 7-19
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DRAIN SYSTEMS

A drain system that is connected directly to pressure vessels is called a
"pressure" or "closed" drain system. A drain system that collects liquids
that spill on the ground is an "atmospheric," "gravity," or "open" drain.
The liquid in a closed drain system must be assumed to contain dissolved
gases that flash in the drain system and can become a hazard if not han-
dled properly. In addition, it must be assumed that a closed drain valve
could be left open by accident. Once the liquid has drained out of the
vessel, a large amount of gas will flow out of the vessel into the closed
drain system (gas blowby) and will have to be handled safely. Thus,
closed drain systems should always be routed to a pressure vessel and
should never be connected to an open drain system.

Liquid gathered in an open drain system is typically rain water or
washdown water contaminated with oil. With the oil usually circulated
back into the process, every attempt should be made to minimize the
amount of aerated water that is recycled with the oil. This goal is best
achieved by routing open drains to a sump tank that has a gas blanket and
operates as a skimmer. To keep gas from the skimmer from flowing out
the drain, a water seal should be built into the inlet to the sump tank.
Water seals should also be installed on laterals from separate buildings or
enclosures to keep the open drain system from being a conduit of gas
from one location in the facility to another.

INFORMATION REQUIRED FOR DESIGN

1. Effluent quality. The Environmental Protection Agency (EPA) estab-
lishes the maximum amount of oil and grease content in water that
can be discharged into navigable waters of the United States. In
other locations local governments or governing bodies will establish
this criterion.

Examples of worldwide produced water effluent oil concentration
limitations include:

Ecuador, Colombia, Brazil, Argentina,
Venezuela: 30 mg/1 all facilities
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Indonesia: 15 mg/1 new facilities
25 mg/1 "grandfathered" facilities

Malaysia, Middle East: 30 mg/1 all facilities
Nigeria, Angola, Cameroon,

Ivory Coast: 50 mg/1 all facilities
North Sea, Australia: 30 mg/1 all facilities
Thailand: 50 mg/1 all facilities
USA: 29 mg/1 OCS waters

Zero discharge inland waters

2. Produced water flow rate (Qw, bwpd).

3. Specific water gravity of produced water (S.G.)W. Assume 1.07 if
data are not available.

4. Waste water viscosity at flowing temperatures (|i, cp). Assume 1.0
cp if data are not available.

5. Concentration of oil in water to be treated (mg/1 or ppm). This is
best determined from field samples or laboratory data.

6. Specific gravity of oil at flowing temperature (S.G.)0.

7. Particle size distribution curve for oil droplets in the produced
water. This is best determined from field samples or laboratory data
and an analysis of drop size management due to dispersion and coa-
lescence in the piping system.

8. Design rainfall rate (Rw, in./hr). Assume 2 in./hr in the Gulf of
Mexico.

9. Flow rate for washdown (Qwo> bpd). Assume 1,500 bwpd per 50
gpm washdown hose.

10. Particle size distribution curve for "free oil" droplets in deck
drainage.

11. Concentration of soluble oil at discharge conditions (mg/1 or ppm).

INFLUENT WATER QUALITY

Produced Water

The first step in choosing a water treating system is to characterize the
influent water streams. It is necessary to know both the oil concentration
in this stream and the particle size distribution associated with this con-
centration. This is best determined from field samples and laboratory data.
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Various attempts have been made to develop design procedures to
determine oil concentration in water outlets from properly designed free-
water knockouts and treaters. A conservative assumption would be that
the water contains less than 1,000 to 2,000 mg/1 of dispersed oil.

It is possible to theoretically trace the particle size distribution up the
tubing, through the choke, flowlines, manifolds and production equip-
ment into the free-water knockout using equations presented in previous
sections. However, many of the parameters needed to solve these equa-
tions, especially those involving coalescence, are unknown.

Because of the dispersion through the water dump valve, the oil size
distribution at the outlet of a free-water knockout or heater treater is not a
significant design parameter. From the dispersion theory it can be shown
that after passing through the dump valve a maximum droplet diameter
on the order of 10 to 50 microns will exist no matter what the droplet
size distribution was upstream of this valve.

If there were sufficient time for coalescence to occur in the piping
downstream of the dump valve, then the maximum droplet diameter
would be defined by Equation 7-2 prior to the water entering the first
vessel in the water treating system.

The solution of this equation requires the determination of surface ten-
sion. The surface tension of an oil droplet in a water continuous phase is
normally between 1 and 50 dynes/cm. It is not possible to predict the
value without actual laboratory measurements in the produced water.
Small amounts of impurities in the produced water can lower the surface
tension significantly from what might be measured in synthetic water. In
addition, as these impurities change with time, so will the surface ten-
sion. In the absence of data it is recommended that a maximum diameter
of between 250 and 500 microns be used for design.

It is clear that there will be distribution of droplet sizes from zero to
the maximum size, and this distribution will depend upon parameters
unknown at the time of initial design. Experimental data indicate that a
conservative assumption for design would be to characterize the distribu-
tion by a straight line as shown in Figure 7-19.

Soluble Oil

In every system substances that show up as "oil" in the laboratory test
procedure will be dissolved in the water. This is especially true where
samples are acidized for "stabilization" prior to extraction with a sol-
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Figure 7-19. Droplet size distribution for design.

vent. This soluble oil cannot be removed by the systems discussed in
this chapter. The soluble oil concentration should be subtracted from the
discharge criteria to obtain a concentration of dispersed oil for design.
Soluble oil concentrations as high as 1,000 mg/1 have been measured on
rare occasions.

Deck Drainage

Federal regulations and most authorities having jurisdiction require
that "free oil" be removed from deck drainage prior to disposal. It is
extremely difficult to predict an oil drop size distribution for rainwater or
washdown water that is collected in an open drain system, and regula-
tions do not define what size droplet is meant by "free oil."

Long-standing refinery practice is to size the drain water treating
equipment to remove all oil droplets 150 microns in diameter or larger. If
no other data are available, it is recommended that this be used in sizing
sumps and disposal piles.

EQUIPMENT SELECTION PROCEDURE

It is desirable to bring information included earlier into a format that
can be used by the design engineer in selecting and sizing the individual
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pieces of equipment needed for a total water treating system. Federal reg-
ulations and most authorities having jurisdiction require that produced
water from the free-water knockout receive at least some form of prima-
ry treatment before being sent to a disposal pile or skim pile. Deck
drainage may be routed to a properly sized disposal pile that will remove
"free oil."

Every water treating system design must being with the sizing, for liq-
uid separation of a free-water knockout, heater treater, or three-phase
separator. These vessels should be sized in accordance with the proce-
dures discussed in previous chapters.

With the exception of these restraints the design engineer is free to
arrange the system as he sees fit. There are many potential combinations
of the equipment previously described. Under a certain set of circum-
stances, it may be appropriate to dump the water from a free-water
knockout directly to a skim tank for final treatment before discharge.
Under other circumstances, a full system of plate coalescers, flotation
units, and skim piles may be needed. In the final analysis the choice of a
particular combination of equipment and their sizing must rely rather
heavily on the judgment and experience of the design engineer. The fol-
lowing procedure is meant only as a guideline and not as a substitute for
this judgment and experience. Many of the correlations presented herein
should be refined as new data and operating experience become avail-
able. In no instance is this procedure meant to be used without proper
weight given to operational experience in the specific area.

1. Determine the oil content of the produced water influent. In the
absence of other information 1,000 to 2,000 mg/1 could be assumed.

2. Determine dispersed oil effluent quality. In the absence of other
information, use 23 mg/1 for design in the Gulf of Mexico and other
similar areas (29 mg/1 allowed less 6 mg/1 dissolved oil).

3. Determine oil drop size distribution in the influent produced water
stream. Use a straight-line distribution with a maximum diameter of
250 to 500 microns in the absence of better data.

4. Determine oil particle diameter that must be treated to meet effluent
quality required. This can be calculated as effluent quality divided
by influent quality times the maximum oil particle diameter calcu-
lated in step 3.

5. If there is a large amount of space available (as in an onshore loca-
tion), consider an SP Pack system. Proceed to step 10. If the answer
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to step 4 is less than 30 to 50 microns, a flotation unit or cyclone is
needed. Proceed to step 6. If the answer to step 4 is greater than 30
microns, a skim tank or plate coalescer could be used as a single
stage of treatment, but this is not really recommended. Proceed to
step 9.

6. Determine flotation cell influent quality from the required effluent
quality assuming 90% removal. Influent quality is effluent quality
desired times 10.

7. If required flotation cell influent quality is less than quality deter-
mined in step 1, determine the particle diameter that must be treated
in skim tank or plate coalescer to meet this quality. This can be cal-
culated as the flotation cell influent quality divided by the influent
quality determined in step 1 times the maximum particle diameter
calculated in step 3.

8. Determine effluent from hydrocyclone, assuming that it is 90% effi-
cient, and determine the particle diameter that must be treated in the
downstream skim vessel, assuming that dmax = 500. This value can
be calculated as 500 times the dispersed oil effluent quality (step 1)
divided by the effluent concentration from the hydrocyclone.

9. Determine skimmer dimensions.

a. Choose horizontal or vertical configuration.

b. Choose pressure vessel or atmospheric vessel.

c. Determine size. Refer to appropriate equations.

10. Determine overall efficiency required, efficiency per stage and
number of stages for an SP Pack system.

11. Determine plate coalescer dimensions.

a. Choose CPI or cross-flow configuration.

b. Determine size. Refer to appropriate equations.

12. Choose skim tank, SP Pack, or plate coalescer for application, con-
sidering cost and space available.

13. Choose method of handling deck drainage.

a. Determine whether rainwater rate or washdown rate governs
design.

b. Size disposal pile for drainage assuming 150-micron drop
removal. Refer to appropriate equations.
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c. If disposal pile diameter too large,

i. Size sump tank to use with disposal pile (refer to appropriate
equations), or

ii. Size skim pile (refer to appropriate equations).

EQUIPMENT SPECIFICATION

Once the equipment types are selected using the previous procedure,
the design equations presented in Chapter 6 can be used to specify the
main size parameters for each of the equipment types.

Skim Tank

1. Horizontal vessel design—The internal diameter and seam-to-seam
length of the vessel can be determined. The effective length of the
vessel can be assumed to be 75% of the seam-to-seam length.

2. Vertical vessel design—The internal diameter and height of the
water column can be determined. The vessel height can be deter-
mined by adding approximately 3 feet to the water column height.

SP Pack System

The number and size of tanks can be determined. Alternatively, the
dimensions and number of compartments in a horizontal flume can be
specified.

CPI Separator

The number of plate packs can be determined.

Cross-Flow Devices

The acceptable dimensions of plate pack area can be determined. The
actual dimensions depend on the manufacturers' standard sizes.

Flotation Cell

Information is given to select a size from the manufacturers' data.
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Disposal Pile

The internal diameter and length can be determined. For a skim pile
the length of the baffle section can be chosen.

Example 7-1: Design the Produced Water Treating System for
the Data Given.

Given: 40° API
5,000 bwpd
Deck size is 2,500 ft2

48 mg/1 discharge criteria
Water gravity-feeds to system

Step 1. Assume 6 mg/1 soluble oil, and oil concentration in produced
water is 1,000 mg/1.

Step 2. Effluent quality required is 48 mg/1. Assume 6 mg/1 dissolved
oil. Therefore, effluent quality required is 42 mg/1.

Step 3. Assume maximum diameter of oil particle (dmax) = 500
microns.

Step 4. Using Figure 7-19, the size of oil droplet that must be removed
to reduce the oil concentration from 1,000 mg/1 to 42 mg/1 is:

Step 5. Consider an SP series tank treating system. See step 10. If SP
packs are not used, since dm is less than 30 microns a flotation
unit or hydrocyclone must be used. Proceed to step 6. (Note:
since dm is close to 30 microns, it may be possible to treat this
water without a flotation unit. We will take the more conserva-
tive case for this example.)

Step 6. Since the flotation cell is 90% efficient in order to meet the
design requirements of 42 mg/1 it will be necessary to have an
influent quality of 420 mg/1. This is lower than the 1,000 mg/1
concentration in the produced water assumed to in step 1.
Therefore, it is necessary to install a primary treating device
upstream of the flotation unit.
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Step 7. Using Figure 7-19, the size of oil droplet that must be removed
to reduce the oil concentration from 1,000 mg/1 to 420 mg/1 is:

Step 8. Inlet to water treating system is at too low a pressure for a
hydrocyclone. Size a skim vessel upstream of the flotation unit.

Step 9. Skim vessel design. Pressure vessel needed for process consid-
erations (e.g., fluid flow, gas bio why).

a. Assume horizontal pressure vessel.

Settling equation

Assume various diameters (d) and solve for Leff.

d
in.

24
48
60

U
ft

19.7
9.8
7.9

Actual Length
ft

26.3
13.1
10.5

Retention time equation

Assume retention time of 10 minutes.
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d
in.

48
72
84
96

U
ft

30.4
13.5
9.9
7.6

Actual Length
ft

40.4
17.9
13.1
10.1

b. Assume vertical pressure vessel

Settling equation

Retention time equation

d
in.

60
66
72

H
ft

9.72
8.03
6.75

Seam-to-Seam Height
ft

12.7
11.0
9.8

A vertical vessel 60-in. X 12.5-ft or 72-in. X 10-ft would
satisfy all the parameters. Depending on cost and space con-
siderations, recommend 72-in. X 10-ft vertical skimmer ves-
sel for this application.

Step 10. Investigate SP Packs in tanks as an option. Calculate overall
efficiency required:

Assume 10-ft-diameter vertical tanks:
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Assume SP Pack grows 1,000 micron drops:

One acceptable choice is two 10-ft-diameter SP tanks in
series.

Step 11. Check for alternate selection of CPI.

Step 12. Recommended skimmer vessel over CPI as skimmer will take
up about same space, cost less, and not be susceptible to plug-
ging. Note that it would also be possible to investigate other
configurations such as skim vessel, SP Pack, CPI, etc., as
alternatives to the use of a flotation unit.

Step 13. Sump design: Sump is to be designed to handle the maximum
of either rain water or washdown hose rate.



Produced-Water Treating Systems 241

b. Washdown rate:

The minimum design usually calls for two hoses.

Because fresh water enters the sump via the drains, the
sump tank must be sized using a specific gravity of 1.0 and
a viscosity of 1.0 for fresh water.

c. Assume horizontal rectangular cross-section sump.

Settling equation:

W = Width, ft
Leff = Effective length in which separation occurs, ft

H = Height of tank, which is 1.5 times higher than water
level within tank, or 0.75 W

Tank Width
ft

4
5
6

Tank L^
ft

15.6
12.4
10.4

Seam-to- Seam

Length (1. 2 U)

20.2
16.2
13.5

Height
ft

3.0
3.8
4.5

A horizontal tank 6 ft X 14 ft X 5 ft would satisfy all
design parameters.

d. If it is determined that the dimensions of the sump tank are
inappropriately large for the platform, an SP Pack can be
added upstream of the sump tank to increase oil droplet
size by approximately two times the inlet droplet size.
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Therefore, the sump tank size with an SP Pack can be
determined by:

W = Width, ft
Leff = Effective length in which separation occurs, ft

H = Height of tank, which is 1.5 times higher than water
level within tank, or 0.75W

Tank Width
ft

3
4
5

TankU
ft

5.2
3.9
3.1

Seam-to-Seam
Length (1. 2 U)

6.7

5.1
4.0

Height
ft

2.3
3.0
3.8

A horizontal tank (with an SP Pack) 4 ft X 4 ft X 5 ft
would satisfy all design parameters. It can be seen that by
adding an SP Pack, sump tank sizes can be substantially
reduced.

Step 14. Recovered Oil Tank:

Assume a cylindrical tank with a retention time of 15 minutes
and a process flow of 10% of the design water flow for flota-
tion cells and a process flow of 5% of the design meter flow
for skim vessels.
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Assume various diameters (d) and solve for liquid heights
(H). Lss is to equal Leff + 3 ft

Vessel Diameter
in.

30
36
42

Effective Length
ft

8.8
6.1
4.5

Seam-to-Seam Length
ft

11.8

9.1

7.5

A vertical vessel 36 in. X 6 ft would satisfy all design para-
meters.



CHAPTER

8

Pressure Drop in
Piping*

INTRODUCTION

Piping design in production facilities involves the selection of a pipe
diameter and a wall thickness that is capable of transporting fluid from
one piece of process equipment to another, within the allowable pressure
drop and pressure rating restraints imposed by the process. The first step
in being able to make these changes is to understand how pressure drops
in these lines are calculated. This is discussed in this chapter, while the
next chapter discusses the concepts involved in choosing a line size and a
pressure rating.

While this chapter emphasizes piping that exists within a facility, the
concepts included on pressure drop are equally valid for determining the
pressure drop in flowlines, pipelines, gas transmission lines, etc.

This chapter first introduces the basic principles for determining pres-
sure drops in piping and then discusses the flow equations for liquid
flow, compressible flow, and two-phase flow. Finally, it shows how to
calculate pressure drop in valves and fittings when using the various flow
equations. The last part of this chapter includes some example calcula-
tions for determining the pressure drop in various types of pipe.

*Reviewed for the 1998 edition by Eric M. Barren of Paragon Engineering Services, Inc.
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BASIC PRINCIPLES

Reynolds Number

The Reynolds number is a dimensionless parameter that relates the
ratio of inertial forces to viscous forces. It can be expressed by the fol-
lowing general equation:

The Reynolds number can be expressed in more convenient terms. For
liquids, the equation becomes:

V* LA>

where (i = viscosity, cp
d = pipe ID, in.
V = velocity, ft/sec

S.G. = specific gravity of liquid relative to water
Qi = liquid flow rate, bpd

Derivation of Equations 8-2 and 8-3

fi is in cp, p in lb/ft3, d in inches



246 Design of OIL-HANDLING Systems and Facilities

where Qg = gas flow rate, MMscfd
S = specific gravity of gas at standard conditions (air =1)
d = pipe ID, in.
jl = viscosity, cp

Derivation of Equation 8-4

where Vact = actual gas velocity, ft/sec

T is in °R, d in inches, P is psia
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Flow Regimes

Flow regimes describe the nature of fluid flow. There are two basic
flow regimes for flow of a single-phase fluid: laminar flow and turbulent
flow. Laminar flow is characterized by little mixing of the flowing fluid
and a parabolic velocity profile. Turbulent flow involves complete mix-
ing of the fluid and a more uniform velocity profile. Laminar flow has
been shown by experiment to exist at Re < 2,000 and turbulent flow at
Re > 4,000. Reynolds numbers between 2,000 and 4,000 are in a transi-
tion zone, and thus the flow may be either laminar or turbulent.

Bernoulli's Theorem

It is customary to express the energy contained in a fluid in terms of
the potential energy contained in an equivalent height or "head" of a col-
umn of the fluid. Using this convention, Bernoulli's theorem breaks
down the total energy at a point in terms of

1. The head due to its elevation above an arbitrary datum of zero
potential energy.

2. A pressure head due to the potential energy contained in the pres-
sure in the fluid at that point.

3. A velocity head due to the kinetic energy contained within the fluid.
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Assuming that no energy is added to the fluid by a pump or compres-
sor, and that the fluid is not performing work as in a steam turbine, the
law of conservation of energy requires that the energy at point "2" in the
piping system downstream of point "1" must equal the energy at point
"1" minus the energy loss to friction and change in elevation. Thus,
Bernoulli's theorem may be written:

(Elevation Head)! (Elevation Head)2

+ (Pressure Head)! = + (Pressure Head)2

+ (Velocity Head)!2 + (Velocity Head)2
2

+ (Friction Head Loss)
or

where Z = elevation head, ft
P = pressure, psi
p = density, lb/ft3

V = velocity, ft/sec
g = gravitation constant

HL = friction head loss, ft

Darcy's Equation

This equation, which is also sometimes called the Weisbach equation
or the Darcy-Weisbach equation, states that the friction head loss
between two points in a completely filled, circular cross section pipe is
proportional to the velocity head and the length of pipe and inversely
proportional to the pipe diameter. This can be written:

where L= length of pipe, ft
D = pipe diameter, ft
f = factor of proportionality

Equations 8-5 and 8-6 can be used to calculate the pressure at any point
in a piping system if the pressure, flow velocity, pipe diameter, and eleva-
tion are known at any other point. Conversely, if the pressure, pipe diameter,
and elevations are known at two points, the flow velocity can be calculated.

In most production facility piping systems the head differences due to
elevation and velocity changes between two points can be neglected. In
this case Equation 8-5 can be reduced to:
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where AP = loss in pressure between points 1 and 2, psi

Substituting Equation 8-6 into Equation 8-7, we have:

where d = pipe diameter, in.

Moody Friction Factor

The factor of proportionality in the previous equations is called the
Moody friction factor and is determined from the Moody resistance dia-
gram shown in Figure 8-1. The friction factor is sometimes expressed in
terms of the Fanning friction factor, which is one-fourth of the Moody
friction factor. In some references the Moody friction factor is used, in
others, the Fanning friction factor is used. Care must be exercised to
avoid inadvertent use of the wrong friction factor.

In general, the friction factor is a function of the Reynolds number, Re,
and the relative roughness of the pipe, £/D. For Laminar flow, f is a func-
tion of only the Re:

For turbulent flow, f is a function of both pipe roughness and the
Reynolds number. At high values of Re, f is a function only of e/D.

Table 8-1 shows the relative roughness for various types of new, clean
pipe. These values should be increased by a factor of 2^ to allow for age
and use.



Figure 8-1. Friction
factor chart (courtesy of
API RP 74E).
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Table 8-1
Pipe Roughness

Type of Pipe
(New, clean condition)

Unlined Concrete
Cast Iron — Uncoated
Galvanized Iron
Carbon Steel
Fiberglass Epoxy
Drawn Tubing

Roughness
e(ft)

0.001-0.01
0.00085
0.0005
0.00015
0.000025
0.000005

Roughness
e (in.)

0.012-0.12
0.01
0.006
0.0018
0.0003
0.00006

Increase by factor of 2-4 to allow for age and use.

FLUID FLOW EQUATIONS

Liquid Flow

where AP = pressure drop, psi
f = Moody friction factor, dimensionless

L = length of pipe, ft
Qi = liquid flow rate, bpd

S.G. = specific gravity of liquid relative to water
d = pipe ID, in.

Derivation of Equation 8-10

p is in lb/ft3, L in ft, V in ft/s, d in inches.
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The most common use of Equation 8-10 is to determine a pipe diame-
ter for a given flow rate and allowable pressure drop. However, first, a
calculation of Reynolds number (Equation 8-2 or 8-3) to determine the
friction factor must be made. Since a Reynolds number depends on the
pipe diameter the equation cannot be solved directly. One method to
overcome this disadvantage is to assume a typical friction factor of
0.025, solve Equation 8-10 for diameter, compute a Reynolds number,
and then compare the assumed friction factor to one read from Figure 8-1.
If the two are not sufficiently close, it is possible to iterate the solution
until convergence.

Figure 8-2 is a curve that can be used to approximate pressure drop or
required pipe diameter. It is based on an assumed friction factor relation-
ship, which can be adjusted to some extent for liquid viscosity.

In an effort to void an iterative calculation, several empirical formulas
have been developed. The most common of these is the Hazen-Williams
formula, which can be expressed as follows:

where HL = head loss due to friction, ft
L = length, ft
C = friction factor constant, dimensionless

= 140 for new steel pipe
= 130 for new cast iron pipe
= 100 for riveted pipe

d = pipe ID, in.
gpm = liquid flow rate, gallons/minute

Q! = liquid flow rate, bpd



Figure 8-2. Pressure drop in liquid lines (courtesy of API RP 74£).
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This equation is based on water flowing under turbulent conditions
with a viscosity of 1.13 centipoise, which is the case for water at 60°F.
Since water viscosity varies appreciably from 32°F to 212°F, the friction
factor can decrease or increase as much as 40% between the two temper-
ature extremes.

The Hazen-Williams equation is frequently used for calculating pres-
sure losses and line capacities in water service. The discharge coefficient
"C" must be carefully chosen to reflect both fluid viscosity and pipe
roughness in a used condition. A "C" factor of 90 to 100 in steel pipe is
common for most produced liquid problems. Hazen-Williams factor "C"
must not be confused with the Moody friction factor "f," as these two
factors are not directly related to each other. Typical "C" factors for vari-
ous types of pipe are shown in Table 8-2.

Table 8-2
Hazen-Williams "C" Factors

Type of Pipe

Welded and Seamless Steel
Cement
Fibre
Cement-Lined Iron
Bitumastic-Enamel Lined Iron
Copper, Brass, Lead, Tin or Glass

RANGE*

150-80
160-140

—
—

160-130
150-120

Values of C
AVERAGE**

140
150
150
150
148
140

COMMON***

100
140
140
140
140
130

* high—best, smooth, well laid; low—poor or corroded
** value for good, clean, new pipe

*** value used for design purposes.

Gas Flow

The Darcy equation assumes constant density over the pipe section
between the inlet and outlet points. While this assumption is valid for liq-
uids, it is incorrect for pipelines flowing gases, where density is a strong
function of pressure and temperature. As the gas flows through the pipe it
expands due to the drop in pressure and thus tends to decrease in density.
At the same time, if heat is not added to the system, the gas will cool,
causing the gas to tend to increase in density. In control valves, where the
change in pressure is near instantaneous, and thus no heat is added to the
system, the expansion can be considered adiabatic. In pipe flow, howev-
er, the pressure drop is gradual and there is sufficient pipe surface area
between the gas and the surrounding medium to add heat to the gas and
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thus keep the gas at constant temperature. In such a case the gas can be
considered to undergo an isothermal expansion.

On occasion, where the gas temperature is significantly different from
ambient, the assumption of isothermal (constant temperature) flow is
not valid. In these instances greater accuracy can be obtained by break-
ing the line up into short segments that correspond to only small temper-
ature changes.

The general isothermal equation for the expansion of gas can be given
by:

where w = rate of flow, Ib/sec
g = acceleration of gravity, ft/sec2

A = cross-sectional area of pipe, ft2

YI = specific volume of gas at upstream conditions, ft3/lb
f = friction factor

L = length, ft
D = diameter of pipe, ft
P! = upstream pressure, psia
P2 = downstream pressure, psia

This equation assumes that

1. No work is performed between points 1 and 2, i.e., there are no
compressors or expanders and no elevation changes.

2. The gas is flowing under steady state conditions, i.e., no accelera-
tion changes.

3. The Moody friction factor, f, is constant as a function of length.
There is some change due to a change in Reynolds number, but this
is quite small.

For practical pipeline purposes,

With this assumption and substituting in Equation 8-13 for practical oil
field units:
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where Pl = upstream pressure, psia
P2 = downstream pressure, psia
S = gas specific gravity at standard conditions

Qg = gas flow rate, MMscfd
Z = compressibility factor for gas
Tj = flowing temperature, °R

f = Moody friction factor, dimensionless
d = pipe ID, in.

Derivation of Equation 8-14

Qe is in MMscfd, S is at STP, w in Ib/sec.
o



Pressure Drop in Piping 257

The "Z" factor will change slightly from point 1 to point 2. It is usual-
ly assumed to be constant and is chosen for an "average" pressure of:

Rearranging Equation 8-14 and solving for Qg we have:

An approximation of Equation 8-14 can be made when the change in
pressure is less than 10% of the inlet pressure. If this is true we can make
the assumption:

As was the case for liquid flow, in order to solve any of these equa-
tions for a pipe diameter to handle a given flow and pressure drop, it is
necessary to first guess the diameter and then compute a Reynolds num-
ber to determine the friction factor. Once the friction factor is known, a
pipe diameter can be calculated and compared against the assumed num-
ber. The process can be iterated until convergence.

Several empirical gas flow equations have been developed. These
equations are patterned after the general flow equation (Equation 8-16),
but make certain assumptions so as to avoid solving for the Moody fric-
tion factor. The three most common gas flow equations are described in
the following sections.



258 Design of OIL-HANDLING Systems and Facilities

Weymouth Equation

This equation is based on measurements of compressed air flowing in
pipes ranging from 0.8 in. to 11.8 in. in the range of the Moody diagram
where the e/d curves are horizontal (i.e., high Reynolds number). In this
range the Moody friction factor is independent of the Reynolds number
and dependent upon the relative roughness. For a given absolute rough-
ness, e, the friction factor is merely a function of diameter. For steel pipe
the Weymouth data indicate:

Substituting this into Equation 8-16, the Weymouth equation
expressed in practical oil field units is:

where Qg = flow rate, MMscfd
d = pipe ID, in.

P! and P2 = pressure at points 1 and 2 respectively, psia
L = length of pipe, ft
S = specific gravity of gas at standard conditions

T! = temperature of gas at inlet, °R
Z = compressibility factor of gas

Assuming a temperature of 520°R, a compressibility of 1.0 and a spe-
cific gravity of 0.6 the Weymouth equation can also be written:

This is the form of the equation given in the Gas Processors Suppliers
Association (GPSA) Engineering Data Book. The correction factors for
gravity and temperature are merely ratios of square roots of the assumed
values divided by the actual values.

It is important to remember the assumptions used in deriving this
equation and when they are appropriate. Short lengths of pipe with high
pressure drops are likely to be in turbulent flow and thus the assump-
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tions made by Weymouth are appropriate. Industry experience indicates
that Weymouth's equation is suitable for most piping within the pro-
duction facility. However, the friction factor used by Weymouth is gen-
erally too low for large diameter or low velocity lines where the flow
regime is more properly characterized by the sloped portion of the
Moody diagram.

Panhandle Equation

This equation was intended to reflect the flow of gas through smooth
pipes and is a reasonable approximation of partially turbulent flow
behavior. The friction factor can be represented by a straight line of con-
stant negative slope in the moderate Reynolds number region of the
Moody diagram.

A straight line on the Moody diagram would be expressed:

The Panhandle A equation applies to Reynolds numbers in the 5 X 106

to 11 X 106 range and assumes n = 0.146. The Panhandle B equation
assumes more fully developed turbulent flow (greater Reynolds number)
and assumes a lower slope of n = 0.039.

Using this assumption and assuming a constant viscosity for the gas,
the Panhandle A equation can be written:

Panhandle B can be written:

where E = efficiency factor
= 1.0 for brand new pipe
= 0.95 for good operating conditions
= 0.92 for average operating conditions
= 0.85 for unfavorable operating conditions
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Derivation of Equations 8-23 and 8-24

In practice, the Panhandle equations are commonly used for large
diameter, long pipelines where the Reynolds number is on the straight
line portion of the Moody diagram. It can be seen that neither the
Weymouth nor the Panhandle equations represent a "conservative"
assumption. If the Weymouth formula is assumed, and the flow is a
moderate Reynolds number, the friction factor will in reality be higher
than assumed (the sloped line portion is higher than the horizontal por-
tion of the Moody curve), and the actual pressure drop will be higher
than calculated. If the Panhandle B formula is used and the flow is
actually in a high Reynolds number, the friction factor will in reality
be higher than assumed (the equation assumes the friction factor con-
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tinues to decline with increased Reynolds number beyond the horizon-
tal portion of the curve), and the actual pressure drop will be higher
than calculated.

Spitzglass Equation

This equation is used for near-atmospheric pressure lines. It is derived
directly from Equation 8-16 by making the following assumptions:

With these assumptions, and expressing pressure drop in terms of
inches of water, the Spitzglass equation can be written:

where Ahw = pressure loss, inches of water

Derivation of Equation 8-25
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Application of Gas Flow Equations

The Weymouth and Spitzglass equations both assume that the friction fac-
tor is merely a function of pipe diameter. Figure 8-3 compares the friction
factors calculated from these equations with the factor indicated by the hori-
zontal line of the Moody diagram for two different absolute roughnesses.

Figure 8-3. Friction factor vs. pipe diameter for three correlations.
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In the small pipe diameter range (3-6 in.) all curves tend to yield iden-
tical results. For large diameter pipe (10 in. and larger) the Spitzglass
equation becomes overly conservative. The curve is going in the wrong
direction, thus the form of the equation must be wrong. The Weymouth
equation tends to become under-conservative with pipe greater than 20
inches. Its slope is greater than the general flow equation with e = 0.002
inch. This is merely a result of the way in which the Spitzglass and Wey-
mouth equations represent the Moody diagram.

The empirical gas flow equations use various coefficients and expo-
nents to account for efficiency and friction factor. These equations repre-
sent the flow condition upon which they were derived, but may not be
accurate under different conditions. Unfortunately, these equations are
often used as if they were universally applicable. The following guide-
lines are recommended in the use of gas flow equations:

1. The general gas flow equation is recommended for most general
usage. If it is inconvenient to use the iterative procedure of the gen-
eral equation and it is not known whether the Weymouth or the Pan-
handle equations are applicable, compute the results using both
Weymouth and Panhandle equations and use the higher calculated
pressure drop.

2. Use the Weymouth equation only for small-diameter, short-run pipe
within the production facility where the Reynolds number is expect-
ed to be high.

3. Use the Panhandle equations only for large-diameter, long-run
pipelines where the Reynolds number is expected to be moderate.

4. Use the Spitzglass equation for low pressure vent lines less than 12-
inches in diameter.

5. When using gas flow equations for old pipe, attempt to derive the
proper efficiency factor through field tests. Buildup of scale, corrosion,
liquids, paraffin, etc. can have a large effect on gas flow efficiency.

Two-Phase Flow

Two-phase flow of liquid and gas is a very complex physical process.
Even when the best existing correlations for pressure drop and liquid
holdup are used, predictions may be in error as much as ±20%. Neverthe-
less, as gas exploration and production have moved into remote offshore,
arctic, and desert areas, the number of two-phase pipelines has increased.
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To determine whether two-phase flow will exist in a pipeline, the
expected flowing pressure and temperature ranges in the line must be
plotted on a phase diagram for the fluid. Figure 8-4 shows that composi-
tion B will flow as a single-phase fluid as it enters the pipeline. However,
as the pressure drops it becomes a two-phase mixture through part of the
pipeline. On the other hand, composition A will flow as a single-phase
(dense fluid or gas) through the entire length of the line. Composition C
will flow as a liquid throughout the entire length of the line.

In most production situations the fluid coming out of the well bore will
be in two-phase flow. Once an initial separation is made, the gas coming
off the separator can be considered to be single-phase gas flow even
though it will have some entrained liquids. The liquid coming off the
separator is assumed to be in single-phase liquid flow even though it will
contain some gas after it has taken a pressure drop through a liquid con-
trol valve.

Other than well flowlines, the most common two-phase pipelines exist
in remote locations, especially offshore, where gas and oil that have been
separated and metered are combined for flow in a common line to a cen-
tral separation facility.

Figure 8-4. Typical hydrocarbon phase behavior.
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Horizontal Flow

When a gas-liquid mixture enters a pipeline, the two phases tend to
separate with the heavier liquid gravitating to the bottom. Figure 8-5
shows typical flow patterns in horizontal two-phase pipe flow. The type
of flow pattern depends primarily on the superficial velocities as well as
the system geometry and physical properties of the mixture. At very low
gas-liquid ratios, the gas tends to from small bubbles that rise to the top
of the pipe. As the gas-liquid ratio increases, the bubbles become larger
and eventually combine to form plugs. Further increases in the gas-liquid
ratio cause the plugs to become longer, until finally the gas and liquid
phases flow in separate layers; this is stratified flow. As the gas flow rate
is increased, the gas-liquid interface in stratified flow becomes wavy.
These waves become higher with increasing gas-liquid ratios, until the
crest of the waves touches the top of the pipe to form slugs of liquid
which are pushed along by the gas behind them. These slugs can be sev-
eral hundred feet long in some cases. Further increases in the gas-liquid
ratio may impart a centrifugal motion to the liquid an result in annular
flow. At extremely high gas-liquid ratios, the liquid is dispersed into the
flowing gas stream.

Figure 8-6 shows how the flow regime for horizontal pipes depends
primarily on the superficial gas and liquid flow rates. Experience has
shown that generally flow regime maps such s Figure 8-6 are not very
accurate, but they can be used as qualitative guides.

Figure 8-5. Two-phase flow patterns in horizontal flow.
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Figure 8-6. Flow regime for horizontal pipes. (Reprinted with permission from
InternationalJoumal of Multiphase Flow, Vol. 1, J. M. Mandhane, G. A. Gregory,
and K. Aziz, "A Flow Pattern Map for Gas-Liquid Flow in Horizontal Pipes/7 1974,
Pergamon Press, Ltd.)

In most two-phase flow lines in the field, slug flow is predominant in
level and uphill lines. In downhill lines, stratified flow is predominant.
However, if the slope of the downhill line is not very steep and the gas
velocity is high, slug flow may be observed. The criterion for transition
from stratified to slug flow in downhill lines is not well defined.

Vertical Flow

The two-phase flow patterns in vertical flow are somewhat different
from those occurring in horizontal or slightly inclined flow. Vertical two-
phase flow geometries can be classified as bubble, slug-annular, transi-
tion, and annular-mist, depending on the gas-liquid ratio. All four flow
regimes could conceivably exist in the same pipe. One example is a deep
well producing light oil from a reservoir that is near its bubble point. At
the bottom of the hole, with little free gas present, flow would be in the



Pressure Drop in Piping 267

bubble regime. As the fluid moves up the well, the other regimes would
be encountered because gas continually comes out of solution as the
pressure continually decreases. Normally flow is in the slug regime and
rarely in mist, except for condensate reservoirs or steam-stimulated
wells. The different flow regimes are shown in Figure 8-7. Figure 8-8
gives approximate flow regimes as a function of superficial gas and liq-
uid flow rates. These flow regimes are described below:

1. Bubble Flow: The gas-liquid ratio is small. The gas is present as
small bubbles, randomly distributed, whose diameters also vary ran-
domly. The bubbles move at different velocities depending upon
their respective diameters. The liquid moves up the pipe at a fairly
uniform velocity, and except for its density, the gas phase has little
effect on the pressure gradient.

2. Slug Flow: In this regime the gas phase is more pronounced. Although
the liquid phase is still continuous, the gas bubbles coalesce and form
stable bubbles of approximately the same size and shape, which are
nearly the diameter of the pipe. They are separated by slugs of liquid.
The bubble velocity is greater than that of the liquid and can be pre-
dicted in relation to the velocity of the liquid slug. There is a film of
liquid around the gas bubble. The liquid velocity is not constant;
whereas the liquid slug always moves upward (in the direction of bulk
flow), the liquid in the film may move upward, but possibly at a lower
velocity, or it may even move downward. These varying liquid veloci-

Figure 8-7. Two-phase flow patterns in vertical flow.
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Figure 8-8. Vertical multiphase flow map (from AlChEJ., Y. Yaifel, D. Borneo, and
A. E. Duckler, "Modeling Flow Pattern Transitions for Steady Upward Gas-Liquid
Flow in Vertical Tubes/' May 1980).

ties not only result in varying wall friction losses, but also result in liq-
uid holdup, which influences flowing density. At higher flow veloci-
ties, liquid can even be entrained in the gas bubbles. Both the gas and
liquid phases have significant effects on pressure gradient.

3. Transition Flow: The change from a continuous liquid phase to a
continuous gas phase occurs in this region. The liquid slug between
the bubbles virtually disappears, and a significant amount of liquid
becomes entrained in the gas phase. In this case, although the
effects of the liquid are significant, the gas phase is predominant.
Transition flow is also known as "churn flow."

4. Annular-Mist Flow: The gas phase is continuous. The bulk of the
liquid is entrained and carried in the gas phase. A film of liquid wets
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the pipe wall, but its effects are secondary. The gas phase is the control-
ling factor.

Pressure Drop

Pressure drop in two-phase flow is the sum of the pressure drop due to
acceleration, friction losses, and elevation changes.

In most pipelines, the pressure loss due to acceleration is small. Pres-
sure drop due to friction is typically several times larger in two-phase
flow than the sum of the pressure drops of the equivalent two single phas-
es. The additional frictional pressure drop in two-phase flow is attributed
to irreversible energy transfer between phases at the interface and to the
reduced cross-sectional area available for the flow to each phase.

Pressure drop due to elevation changes is also significant in two-phase
flow. In an uphill line, the pressure drop due to elevation change is mere-
ly the average density of the two-phase mixture in the uphill line multi-
plied by the change in elevation. Since the average density depends on
the liquid holdup, the static head disadvantage in an uphill line also
depends on the average liquid holdup for the segment.

In cross-country lines that consist of a number of uphill and downhill
segments, the worst case for pressure drop occurs at low gas flow rates,
where each uphill segment fills with liquid. That is, in these segments the
liquid holdup approaches the volume of the pipe and the gas is in bubble
flow. When this happens, the pressure drop in each uphill segment is
given by:

where APZ = pressure drop due to elevation increase in the segment,
psi

AZn = increase in elevation for segment n, ft
S.G. = specific gravity of the fluid in the segment relative to

water

Derivation of Equation 8-26
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In downhill lines, flow is normally stratified, and the liquid flows as fast
or faster than the gas. The depth of the liquid layer adjusts to the critical
depth at which the static head advantage due to the downhill run balances
the frictional losses and the pressure loss can be considered to be zero. If
slug flow exists in the downhill segment due to a slight slope and/or high
gas velocity, the static head advantage will generally be less than the fric-
tional pressure drop, resulting in a net pressure loss. In cross-country lines
the static head advantage is normally neglected, and in hand calculations
no pressure recovery due to the decrease in elevation is considered.

The net effect of a pressure loss due to an increase in elevation on each
uphill segment and no pressure recovery on each downhill segment can
be quite severe. In a single-phase line only the net change in elevation
from the beginning of the line to the end of the line need be considered.
In a two-phase line Equation 8-26 states the pressure lost in each uphill
segment, but this is not balanced by a pressure gain in each downhill seg-
ment. Thus, the pressure lost due to elevation changes is the sum of the
pressure lost in each uphill segment. It is possible in hilly terrain to have
a line that flows from a high point to a lower elevation, but which,
because it crosses a valley, will still have a loss in pressure due to eleva-
tion changes.

There are numerous computer programs available that calculate pres-
sure drops in two-phase flow. If these programs are available, by all
means, use them. However, in the absence of these programs, hand cal-
culation methods have been developed to calculate pressure drops in
two-phase flow. One equation presented in the American Petroleum Insti-
tute's Recommended Practice API RP 14E entitled "Design and Installa-
tion of Offshore Production Piping Systems," is:

where L = length, ft
W = rate of flow of liquid and vapor, Ib/hr
pm = density of the mixture, lb/ft3

d = pipe ID, in.

For f = 0.015
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This equation is derived from the general equation for isothermal flow
by making the following assumptions:

1. AP is less than 10% of inlet pressure

2. Bubble or mist flow exists

3. No elevation changes

Derivation of Equations 8-27 and 8-28
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The rate of flow of the mixture to use in this equation can be calculat-
ed as follows:

where Qg = gas flow rate, MMscfd
Q! = liquid flow rate, bpd
S = specific gravity of gas at standard conditions (air =1)

(S.G.) = specific gravity of liquid relative to water

Derivation of Equation 8-29

L is liquid flow rate in Ib/hr, Q! in bpd

The density of the mixture to use in Equations 8-27 and 8-28 is given by:

where P = operating pressure, psia
R = gas/liquid ratio, ft3/bbl
T = operating temperature, °R
Z = gas compressibility factor

Derivation of Equation 8-30
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1 is in ft3/sec, Qj in bpd,

Factor out Qg, multiply top and bottom by R X P and rearrange

HEAD LOSS IN VALVES AND PIPE FITTINGS

In many piping problems, especially those associated with offshore
production facilities where space limitation are important, the pressure
drop through valves, bends, tees, enlargements, contractions, etc.
becomes very important. The three most common ways of handling these
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additional pressure drops are by use of resistance coefficients, flow coef-
ficients, and equivalent lengths.

Resistance Coefficients

Darcy's equation can be rewritten as:

where Kr= resistance coefficient
= fL/D

Although Kr depends on the Reynolds number and surface roughness
as well as on the geometry of the elbow or couplings, this dependence i
usually neglected. Approximate values of Kr are given in Table 8-3 fo
various pipe fittings. Figures 8-9 and 8-10 show resistance coefficient
for sudden contractions and expansions, and for entrances and exits. Not
that the friction factor (ft) in Figure 8-9 assumes fully turbulent flo\
through standard tees and elbows and is the same factor as stated previ
ously in the text.

Table 8-3
Resistance Coefficients for Pipe Fittings

Global Valve, wide open
Angle Valve, wide open
Gate Valve, wide open
Gate Valve, half open
Return Blend
Tee
90° Elbow
45° Elbow

10.0
5.0
0.2
5.6
2.2
1.8
0.9
0.4

The total head loss for the entire piping system can be determined
from the following equation:

Flow Coefficient

The pressure drop characteristics of control valves are often expressed
in terms of Cv, the flow coefficient. The flow coefficient is measured
experimentally for each valve or fitting and is equal to the flow of water,
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90° PIPE BENDS AND
FLANGED OR BUTT-WELDING 90° ELBOWS

The resistance coefficient, Kg, for pipe bends othc
than 90° may be determined as follows:

n = number of 90° bends
K = resistance coefficient for one 90° bends (per table)

Figure 8-9. Representative resistance coefficients (K) for fittings (courtesy of Crane
Technical Paper 470).

Figure 8-10. Resistance in pipe due to sudden enlargements and contractions.
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in gpm, at 60°F for a pressure drop of one psi. It can be shown from
Darcy's equation that with Cv measured in this manner:

where D = fitting equivalent ID, ft
d = fitting equivalent ID, in.
L = fitting equivalent length, ft

Derivation of Equation 8-33

Q! is in bpd, Cv in gpm, AP in psi, d in inches, D in ft,

It follows from the definition of Kr that the relationship between Cv

and Kr is:

The pressure drop for any valve or fitting for which Cv is known is
derived as follows:

where Q! = Liquid flow rate, BPD
S.G. = Liquid specific gravity relative to water
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Derivation of Equation 8-35

Q! is in BPD, AP in psi

Equivalent Length

It is often simpler to treat valves and fittings in terms of their equiva-
lent length of pipe. The equivalent length of a valve or fitting is the
length of an equivalent section of pipe of the same diameter that gives
the same head loss. Total head loss or pressure drop is determined by
adding all equivalent lengths to the pipe length. The equivalent length,
Le, can be determined from Kr or Cv as follows:
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Table 8-4 summarizes the equivalent length for various commonly
used valves and fittings. Figures 8-11 and 8-12 show equivalent lengths
of various fabricated bends.

Laminar Flow Coefficient

Equivalent lengths that are usually published in tables are for turbulent
flow. The following equation is used when the flow is laminar, that is, the
Reynolds number is less than 1,000:

where (Le)laminar = equivalent length to be used in pressure drop calcu-
lations (never less than actual fitting length)

Le = equivalent length of the valve or fitting if flow were
turbulent

EXAMPLE PRESSURE DROP CALCULATIONS

Example 8-1: Pressure Drop in Liquid Line

Problem: Solve for pressure drop in a 2-inch and 4-inch I.D. line using
the general equation and Hazen-Williams.



Table 8-4
Equivalent Length of Valves and Fittings in Feet
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Figure 8-11. Equivalent length of 90° bends (courtesy of Crane Technical
Paper 470).

Figure 8-12. Equivalent length of mitre bends (courtesy of Crone Technical
Paper 4 70).
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Re
e/d
f (from chart)
AP

Diameter
2-in.

14.4 X 103

0.002
0.032
78psi

4-in.

7.2 X 103

0.001
0.034
2.6 psi

Example 8-2: Pressure Drop in Gas Line
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Inlet pressure = 900 psi
Temperature = 80°F

Problem: Solve for pressure drop in a 4-in. and 6-in. ID line using the:

1. General equation

2. Assumption of AP < 10% P!

3. Panhandle B Equation

4. Weymouth Equation.

Solution to Example 8-2

1. General Equation

Specific gravity of liquid:

Re
e/d
f (from chart)
Pi2-P2

2

P2
AP

Diameter
4-in.

7.6 X 106

0.001
0.0198

555 X 103

505
395 psi

6-in.

5.0 X 106

0.0007
0.0180

66 X 103

863
37 psi
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P2
AP

4-in.

753
147

Diameter
6-in.

882 psi
18psi

4. Weymouth

P2
AP

Diameter
4-in.

476
424 psi

6-in.

862 psi
38 psi
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Example 8-3: Pressure Drop in Two-Phase Line

Given: Same conditions as Examples 8-1 and 8-2

Problem: Solve for the pressure drop with both liquid and gas flow in
a single 4-in., 6-in., or 8-in. line.

Solution to Example 8-3

Specific gravity of liquid = 0.91 (from before)

Density of mixture (compute at 900 psi):

Line ID
4 in.
6 in.
Sin.

AP
392 psi
52 psi
12 psi

It may be desirable to iterate using an average density for each case.



CHAPTER

9

Choosing a Line
Size and Wall

Thickness*

INTRODUCTION

Chapter 8 discussed the basic principles for determining pressure drop
in piping. Flow equations for liquid flow, compressible flow, and two-
phase flow, and how pressure drops in valves and fittings are calculated
when using the various flow equations were discussed. This chapter dis-
cusses the concepts involved in choosing a line size and determining the
wall thickness of the pipe.

The first part of this chapter introduces the basic concept of erosional
flow and discusses velocity and pressure drop criteria used to determine
the required inside diameter for liquid, gas, and two-phase flow piping.
The second part discusses criteria for selecting the wall thickness
required so that a pipe of a given diameter is capable of containing a
specified pressure. The third part discusses pressure rating classes used
for fittings and valves to withstand a specified pressure. The last part of

*Reviewed for the 1998 edition by Robert S. Ferguson of Paragon Engineering Services,
Inc.
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this chapter includes some example calculations for choosing a line size
and wall thickness.

LINE SIZE CRITERIA

When choosing a line size it is necessary to consider both pressure
drop and velocity of flow. The line needs to be large enough so that the
pressure available will drive the fluid through the line. Normally, pres-
sure drop is not a governing criterion in production facility piping sys-
tems, since most of the pressure drop occurs across a control valve and
there is relatively little pressure drop in the line compared to that avail-
able in the process.

Pressure drop for a given line diameter can be calculated using the
techniques discussed in Chapter 8. Pressure drop is a particularly impor-
tant criterion for long lines or those flowing between pieces of equipment
operating at the same or nearly the same pressure. In calculating pressure
drop, especially for flow between low pressure and atmospheric vessels,
equivalent lengths and elevation changes must be considered.

Line diameter must also be sized for a minimum and a maximum
velocity. The fluid must be kept below some maximum velocity to pre-
vent such problems as erosion, noise, and water hammer. The fluid must
also be kept above some minimum velocity to minimize surging and to
transport sand and other solids.

Erosional Flow

Fluid erosion occurs when liquid droplets impact the wall with enough
force to erode the products of corrosion, exposing the metal to the fluid
and allowing more corrosion to occur. At even higher impact forces it is
possible for the steel itself to be eroded. The higher the velocity of flow,
the greater the tendency for fluid erosion to occur. Experiments in two-
phase flow systems indicate that erosion of the products of corrosion
occurs when the velocity of flow exceeds the value given by:

where Ve = erosional flow velocity, ft/sec
pm = density of the fluid, lb/ft3

C = empirical constant
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Before 1990, API Recommended Practice 14E, "Design and Installation
of Offshore Production Platform Piping Systems," suggested a value of C =
100 for continuous service and 125 for non-continuous service. Analysis of
field data indicates that constants higher than 100 can be used if corrosion is
controlled. In 1990, API RP 14E was rewritten; the newer edition suggests
that values of C from 150 to 200 may be used for continuous, non-corrosive
or corrosion controlled services, if no solids are present. For solids-free
intermittent services, API RP 14E states that industry experience shows that
values of C up to 250 have been used successfully. Where sand production
is anticipated, fluid velocities should be reduced, and periodic surveys of
the pipe wall thickness should be considered. Pipe designs should include
the use of sand probes, a 3-foot minimum run of straight pipe downstream
of choke outlets, long-radius ells, or target tees.

Although no universally accepted system for erosional velocity exists
to date, conclusions can be drawn from a recent Southwest Research
Institute (SwRI) project for API RP 14E [1]. SwRI suggests that the ero-
sional velocity equation (9-1) is not appropriate for all possible flow
regimes. SwRI recommends dividing the erosional velocity criteria into
four different groups:

• Clean service—no solids or corrosion present

• Erosive service—solids present in the flow stream with no corrosion

• Corrosive service—corrosion present without solids

• Erosive and corrosive service—both solids and corrosive media present

Clean service test results conclude that erosional velocity limitations
are not required. Velocities for this flow condition should be limited to 60
ft/sec to prevent excessive noise.

For erosive service, the erosional velocity can be determined from the
following equation:

where Ve = fluid erosional velocity, ft/sec
Ks = fitting factor from Table 9-1
d = pipe inside diameter, in

Qs = solids (sand) flow rate, ft3/day
Table 9-1 lists the appropriate values of Ks to be used in Equation 9-2.

Experimental test results for corrosive service and erosive/corrosive ser-
vice are not yet available.
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Table 9-1
Erosive Service Fitting Factor Table

Fitting
Type

Elbow

Radius to
Diameter Ratio

1.5

2.0

2.5

3.0

3.5

4.0

4.5

5.0

Plugged Tee —

Vortice Elbow

Kc Factor
Material

ASTM 216-WBC
ASTM A234-WPB
ASTM 216-WBC

ASTM A234-WPB
ASTM A216-WBC
ASTM A234-WPB
ASTM 216-WBC

ASTM A234-WPB
ASTM 216-WBC

ASTM A234-WPB
ASTM 216-WBC

ASTM A234-WPB
ASTM 216-WBC

ASTM A234-WPB
ASTM 216-WBC

ASTM A234-WPB
ASTM 216-WBC

ASTM A234-WPB
ASTM 216-WBC

Dry Gas Flow

0.95

1.00

1.08

1.15

1.28

1.48

1.68

1.99

8.73

15.94

1.49

1.58

1.69

1.95

2.10

2.23

2.38

12.85

Mist Flow

0.84

0.91

1.00

1.10

1.23

1.41

1.60

1.90

5.56

1.34

1.46

1.60

1.73

1.90

2.01

2.12

2.28

7.04

Liquid Flow

44.51

44.51

44.51

37.62

16.14

14.07

14.07

14.07

20.75

26.60
14.07

(Courtesy of Southwest Research Institute)

Erosion of the pipe material itself can occur if solids are present in the
fluid. There is no minimum velocity at which this will occur. One equa-
tion proposed to evaluate the erosion of metal is:

where vol = volume of metal eroded
V = particle velocity
P = penetration hardness of the material
p = a value between 0.5 and 1.0 depending upon the impinge-

ment angle of the particle
K = erosive wear coefficient

W = total weight of impinging solids particles

The form of this equation indicates that there is no threshold velocity
at which erosion starts. Rather, erosion occurs at even small velocities
and the amount of erosion increase with the square of the velocity. It can
be seen from Equation 9-3 that the velocity for a given erosion rate is a
function of 1/W. Since the percent of solids impinging on any surface is
inversely proportional to the density of the fluid, the erosional velocity
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can be expected to be proportional to the fluid density. This is contrary to
the form of Equation 9-1. Thus, it is not correct to use Equation 9-1 with
a low "C" value when solids are present as suggested by API RP 14E.

The rate of erosion depends on both the concentration of solids in the
flow stream and the way in which these particles impinge upon the wall.
At an ell, one would expect centrifugal force to cause a high percentage
of the particles to impinge on the wall in a concentrated area. It can be
shown that with a solids concentration of 10 Ib/month in the flow stream
the velocity for a 10 mil/year erosion rate in an ell can be as low as 5
ft/sec. At higher concentrations the erosional velocity would be even
lower. For this reason, where sand production is anticipated, it is usually
recommended that right angle turns in the pipe be accomplished with
very long radius fabricated bends or target tees.

Figure 9-1 shows a target tee, and Figure 9-2 shows the greater life
that can be expected through the use of a target tee instead of a long-
radius ell.

Liquid Lines

The maximum velocity used in sizing liquid lines is on the order of 15
ft/sec. Experience has shown that this limit is normally sufficient to mini-

Figure 9-1. Target tee.
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Figure 9-2. Wear-rate comparison for standard fittings.

mize noise, water hammer, and erosion. Although Equation 9-1 was
developed for two-phase flow, 15 ft/sec corresponds to a "C" value of
125 and is therefore consistent with the erosional criteria of Equation 9-1
in the limit as the gas flow rate approaches zero.

Liquid lines are normally sized to maintain a velocity sufficient to
keep solid particles from depositing. If sand is transported in a pipe it
will deposit on the bottom until a velocity of flow ("equilibrium veloci-
ty") builds up over the bed. At this point sand grains are being eroded
from the bed at the same rate that they are being deposited. If the flow
rate is increased the bed will be eroded until a new equilibrium velocity
is reached and the bed is once again stabilized. If the flow rate is
decreased, sand is deposited until a new equilibrium velocity is estab-
lished and the bed stabilized. The equilibrium velocity follows a complex
relationship and is reported in the literature [2]. In most practical cases a
velocity of 3 to 4 ft/sec is sufficient to keep from building a sufficiently
high bed to affect pressure drop calculations. For this reason a minimum
velocity of 3 ft/sec is normally recommended.

Fluid velocity, expressed in oil field units, can be determined from the
following equation:
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where V = fluid velocity, ft/sec
Qi = liquid flow rate, bpd
d = pipe ID, in.

Derivation of Equation 9-4

Q is in ftVsec, A in ft2, d in inches, V in ft/sec.

Equation 9-4 is expressed graphically in Figure 9-3 for different size
pipe.

Gas Lines

As with liquid lines, one must make certain there is enough pressure
available to move the gas through the pipe. Typically, this is a problem in
either long gas gathering or transmission systems or in relief/vent piping
where there is a very large instantaneous flow rate. Most other lines are
so short that when they are sized for velocity considerations, pressure
drop is not a problem.

For some lines the pressure lost due to friction must be recovered by
recompressing the gas. When this is the case, it is possible to strike an
economic balance between the cost of a larger pipe to minimize the pres-
sure drop versus the cost of additional compression. Figure 9-4 is an
approximate curve that attempts to strike this balance. In most cases, Fig-
ure 9-4 has little significance since the bulk of the pressure loss is due to
a pressure control device, and the size and operating pressure of the com-
pressor is not that closely controlled.



Figure 9-3. Velocity in liquid lines (courtesy of API RP 74E).
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Figure 9-4. Acceptable pressure drop for short lines.

where d = pipe ID, in.
(S.G.) = specific gravity of gas (air =1)

T = temperature, °R
f = Moody friction factor

Qg = gas flow rate, MMscfd
P = pressure, psia

AP/100 ft= desired pressure drop per 100 ft from Figure 9-4

As in liquid lines, gas lines must be kept between some maximum and
minimum velocity. It is recommended that a minimum velocity of 10-15
ft/sec be maintained so as to minimize liquid settling out in low spots.
Typically, gas velocities are normally kept below 60-80 ft/sec so as to
minimize the effect of noise and corrosion.

Although the erosional criterion was derived for two-phase flow, we
should check that in the limit as the liquid flow approaches zero this cri-
terion is still met. Erosional velocity due to small amounts of liquid in
the gas can be calculated from Equation 9-1 as:

where Ve = erosional velocity, ft/sec
C = erosional flow constant
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T = temperature, °R
S = specific gravity of gas at standard conditions

(ak=l)
P = pressure, psia

Derivation of Equation 9-6

For most instances with pressures less than 1,000 to 2,000 psi, the ero-
sional velocity will be greater than 60 ft/sec and thus the erosional crite-
ria will not govern. At high pressures, it may be necessary to check for
erosional velocity before sizing lines for 60 ft/sec maximum velocity. In
systems with CO2 present in amounts as low as 1 to 2%, velocity should
be limited to less than 50 ft/sec. Field experience has indicated that is it
difficult to inhibit for CO2 corrosion at higher velocities.

Actual gas velocity, expressed in oil field units, can be determined by

where Qg = gas flow rate, MMscfd
T = temperature, °R
d = pipe ID, in.
P = pressure, psia
V = gas velocity, ft/sec
Z = gas compressibility factor
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Derivation of Equation 9-7

V is in ft/sec, Q in ft3/sec, A in ft2, d in inches, Qg in MMscfd.

Two-Phase Flow

Typically, flowlines from wells, production manifolds, and two-phase
gas/liquid pipelines are sized as two-phase lines. Gas outlets from sepa-
rators or other process equipment contain some small amount of liquids
in them but they are not considered two-phase lines. Similarly, liquid
outlets from separators or other process equipment are usually consid-
ered single-phase liquid lines even though the pressure decreases across a
liquid control valve or pressure loss in the line causes gas to evolve. The
amount of gas evolved in liquid outlet lines will rarely be sufficient to
affect a pressure loss calculation based on an assumption of liquid flow.
A relatively large pressure drop is needed to evolve enough gas to affect
this calculation. When a large pressure drop occurs in liquid system,
maximum velocity is normally the governing criterion.

Since most two-phase lines operate at high pressure within the facility,
pressure drop is usually not a governing criterion in selecting a diameter.
However, pressure drop may have to be considered for some long flow-
lines from wells and in most two-phase gas/liquid pipelines.

It is recommended that a minimum flow velocity of 10-15 ft/sec be
maintained to keep liquids moving in the line and thus minimize slugging
of separator or other process equipment. This is very important in long
lines with elevation changes. The maximum allowable velocity would be
set by the minimum of 60 ft/sec for noise, 50 ft/sec if it is necessary to
inhibit for CO2 corrosion, or the erosional velocity. For two-phase flow the
general erosional velocity equation, Equation 9-1, is usually expressed as:
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where pm = average density of the mixture at flowing pressure and tem-
perature, lb/ft3

The density of the mixture may be expressed by the following equa-
tion, which was derived in Chapter 8:

where S.G. = specific gravity of the liquid relative to water (use the aver-
age gravity for the hydrocarbon and water mixture)

R= gas/liquid ratio, ft3/bbl
T= operating temperature, °R
S = specific gravity of the gas, at standard conditions

(air=l)

It can be shown that the minimum cross-sectional area of pipe for a
maximum allowable velocity can be expressed as:

where a = minimum required cross-sectional area, in.2

Q! = liquid flow rate, bpd
V = maximum allowable velocity, ft/sec

This can be solved for pipe inside diameter:

Derivation of Equations 9-10 and 9-11

A is in ft2, Q is in ft3/sec, V is in ft/sec, R in ft3/bbl

From the derivation of Equation 8-30.,
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Substitute and factor out Qj and multiply top and bottom by 1,000

Figure 9-5 is a chart developed to minimize the calculation procedure.
Care must be taken when utilizing this chart, as it is based on the



Figure 9-5. Erosional velocity chart (courtesy of API RP ME).
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4. Determine the minimum ID from Equation 9-11.

5. Check pressure drop, if applicable, to make certain there is enough
driving force available.

WALL THICKNESS CRITERIA

After selecting the appropriate inside diameter, it is necessary to
choose a pipe with enough wall thickness that it can withstand the inter-
nal pressure.

Standards and Requirements

There are different standards used throughout the world in calculating
the required wall thickness of a pipe. The following is a list of the stan-
dards used in the United States. There are the ones most commonly used
in oil production facility design and are similar to national standards that
exist in other parts of the world.

1. ANSI B 31.1—Power Piping. This standard deals with steam and is
required by the U.S. Coast Guard on all rigs.

2. ANSI B 31.3—Chemical Plant and Petroleum Refinery Piping. This
standard is required by the U.S. Minerals Management Service for
offshore platforms in federal waters. It is also used extensively for
offshore facilities in state waters and for offshore facilities in other
parts of the world.

3. ANSI B 31.4— Liquid Petroleum Transportation Piping Systems.
This standard is normally used in onshore oil production facilities.

4. ANSI B 31.8—Gas Transmission and Distribution Piping Systems.
This standard is normally used for gas lines in onshore production
facilities and when transporting or distributing gas. In general, the
U.S. Department of Transportation (DOT) has adopted this standard
for gas pipelines, although it has modified some sections. The DOT
regulations are in 49 CFR 192.

ANSI B 31.1 and ANSI B 31.3 use the same equation to calculate the
required wall thickness. ANSI B 31.4 is actually a subset of ANSI B 31.8
when it comes to calculating wall thickness. Therefore, from a wall
thickness standpoint, only ANSI B 31.3 and ANSI B 31.8 are in common
use. In general, but not always, ANSI B 31.3 is the more severe in calcu-
lating required wall thickness.
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General Hoop Stress Formula for Thin Wall Cylinders

Before discussing the determination of pipe wall thickness in accor-
dance with the standards, it is necessary to introduce the concept of hoop
stress. Figure 9-6 is a free body diagram of a length of pipe that was cut
in half. The hoop stress in the pipe is considered a uniform stress over the
thickness of the wall for a thin wall cylinder. Therefore, the force equilib-
rium equation can be expressed

where a = hoop stress in the pipe wall, psi
t = pipe wall thickness, in.

P = internal pipe pressure, psi
d0 = outside diameter of pipe, in.
L = pipe length, ft

Rearranging and solving for required wall thickness the equation
reduces to

when only considering hoop stress. The standards build upon this for-
mula.

ANSI B 31.3

The wall thickness specified by ANSI B 31.3 for a given pipe can be
calculated by:

Figure 9-6. General hoop stress free body
diagram.



Choosing a Line Size and Wall Thickness 301

where t = required wall thickness to be specified in ordering the pipe,
in.

tc = corrosion allowance, in. (normally 0.05 in.)
tth = thread or groove depth, in. (Table 9-2)
P = internal pipe pressure, psi

d0 = pipe outside diameter, in.
S = allowable stress for pipe material, psi (Tables 9-3 and 9-4)

Table 9-2
Thread Allowance for Pipe Wall Thickness Calculations ANSI B 31.3

Nominal Pipe Size
On.)

%-3A
*-%
1-2

2^-20

tth

0.05
0.06
0.08
0.11

Table 9-3
Basic Allowable Stress for Grade B Seamless Pipe, psi

Temperature, °F

-20 to 100
200
300
400
500
600
650

ASTMA106

20,000
20,000
20,000
20,000
18,900
17,300
17,000

API5L

20,000
19,100
18,150
17,250
16,350
15,550
15,000

Note: For additional information, see ANSI B 31.3, Appendix A

Table 9-4
Basic Allowable Stress for Other Grades of Pipe, ANSI B 31.3

Grade

API5L
API 5LX-42
API 5LX-46
API 5LX-52
ASTMA-106B
ASTM A-333-6
ASTM A-369-FPA
ASTM A-524-FPB
ASTM A-524-I
ASTM A-524-II

Minimum
Temperature (°F)

-20
-20
-20
-20
-20
-50
-20
-20
-20
-20

Allowable Stress
Min. Temperature

tolOO°F

20,000
20,000
21,000
24,000
20,000
20,000
16,000
20,000
20,000
18,300
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E = longitudinal weld joint factor
= 1.00 for seamless
= 0.85 for ERW

Y = factor
= 0.4 for ferrous materials below 900°F

Tol= manufacturers' allowed tolerance
= 12.5% for API 5L pipe up to 20-in. diameter
=10% for API 5L pipe greater than 20-in. diameter

In comparing Equations 9-13 and 9-14, it can be seen that the general
hoop stress formula is contained in the code with the product of S times
E, which can be considered an "allowable" stress, being set equal to the
hoop stress. A factor, "Y," is added to account for deviation from the thin
wall cylinder approximation used in deriving the hoop stress formula.
The code requires that the wall thickness specified be sufficient so that,
even in its assumed corroded condition where a thread or groove is cut,
the hoop stress will not exceed the allowable. For this reason, tc and t^
must be added to the hoop stress.

Manufacturers are allowed to furnish pipe with slightly less than the
specified wall thickness as long as the pipe meets the tolerance require-
ments of the code under which the pipe is manufactured (normally API
5L). For this reason, ANSI B 31.3 makes the additional conservative
assumption that one must specify a wall thickness so that at all locations
in the pipe the stress is less than allowable. This is why the correction for
tolerance appears in Equation 9-14.

ANSI B 31.3 allows for occasional variations above the allowable
stress in accordance with the following criteria:

1. When the variation lasts no more than 10 hours at any one time and
no more than 100 hours per year, it is permissible to exceed the
pressure rating or the allowable stress for pressure design at the
temperature of the increased condition by not more than 33%.

2. When the variation lists no more than 50 hours at any one time and
not more than 500 hours per year, it is permissible to exceed the
pressure rating or the allowable stress for pressure design at the
temperature of the increased condition by not more than 20%.

For ease in picking a pipe wall thickness, tables such as Table 9-5 are
published, giving the maximum allowable working pressure for standard
pipe diameters and wall thicknesses as calculated from Equation 9-14 for
a given grade of pipe.
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Table 9-5
Maximum Allowable Working Pressures—Platform Piping

ASTM A106, Grade B, Seamless Pipe
(Stress Values from ANSI B 31.3—1980)

(Includes Corrosion/Mechanical Strength Allowance of 0.050 inches)

1 2 3

Nominal
Nominal Outside Wall
Size Diameter Thickness
In. In. In.

2

21A

3

4

6

8

10

2.375 0.218
0.344
0.436

2.875 0.276
0.375
0.552
0.750

3.500 0.300
0.438
0.600

4.500 0.237
0.337
0.438
0.531
0.674

6.625 0.280
0.432
0.562
0.719
0.864*

8.625 0.277
0.322
0.406
0.500
0.594
0.719
0.812*
0.875*
0.906*

10.750 0.250
0.279
0.307
0.365
0.500
0.594
0.719
0.844*
1.000*
1.125*

4
Nominal
Weight

Per
Foot

Lb

5.02
7.46
9.03

7.66
10.01
13.70
17.02

10.25
14.31
18.58

10.79
14.98
18.98
22.52
27.54

18.97
28.57
36.42
45.34
53.16

24.70
28.55
35.66
43.39
50.93
60.69
67.79
72.42
74.71

28.04
31.20
34.24
40.48
54.74
64.40
77.00
89.27

104.13
115.65

5

Weight
Class

XS

—xxs
XS
—

xxs
—
XS
—

xxs
STD
XS

XXS

STD
XS

xxs

STD

XS

xxs

STD
XS

XXS

5

Schedule
No.

80
160
—

80
160
—
—

80
160
—

40
80

120
160

40
80

120
160

30
40
60
80

100
120
140

160

20

30
40
60
80

100
120
140
160

7 8 9 10

MAXIMUM ALLOWABLE WORKING
PRESSURES— PSIG

-20/400°F 401/500°F 501/600T 601/650"F

2489
4618
6285

2814
4194
6850
9772

2553
4123
6090

1439
2276
3149
3979
5307

1206
2062
2817
3760
4660

908
1098
1457
1864
2278
2838
3263
3555
3700

636
733
827

1023
1485
1811
2252
2700
3271
3737

2352
4364
5939

2660
3963
6473
9423

2412
3896
5755

1360
2151
2976
3760
5015

1139
1949
2663
3553
4404

858
1038
1377
1762
2153
2682
3084
3359
3496

601
693
781
967

1403
1712
2128
2552
3091
3531

2153
3994
5436

2434
3628
5925
8625

2208
3566
5268

1245
1969
2724
3442
4591

1043
1784
2437
3252
4031

786
950

1260
1612
1970
2455
2823
3075
3200

550
634
715
885

1284
1567
1948
2336
2829
3232

2115
3925
5342

2392
3565
5822
8476

2170
3504
5176

1223
1934
2676
3382
4511

1025
1753
2395
3196
3961

111
934

1238
1584
1936
2413
2774
3022
3145

541
623
703
869

1262
1540
1914
2295
2780
3176

*All welds must be stress relieved. Continued
(Courtesy ofAPIRP 14E)
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Table 9-5
Continued

1

Nominal
Size
In.

12

14

16

18

2

Outside
Diameter

In.

12.750

14.000

16.000

18.000

3

Nominal
Wall

Thickness
In.

0.250
0.330
0.375
0.406
0.500
0.562
0.688
0.844*
1.000*
1.125*
1.312*

0.250
0.312
0.375
0.438
0.500
0.594
0.750
0.938*
1.094*
1.250*
1.406*

0.250
0.312
0.375
0.500
0.656
0.843*
1.031*
1.218*
1.437*

0.250
0.312
0.375
0.438
0.500
0.562
0.718
0.937*
1.156*
1.343*

4
Nominal
Weight

Per
Foot

Lb

33.38
43.77
49.56
53.56
65.42
73.22
88.57

107.29
125.49
139.68
160.33

36.71
45.68
54.57
63.37
72.09
85.01

106.13
130.79
150.76
170.22
189.15

42.05
52.36
62.58
82.77

108.00
137.00
165.00
193.00
224.00

47.39
59.03
70.59
82.06
93.45

105.00
133.00
171.00
208.00
239.00

5 5 7 8 9 10

MAXIMUM AUOWABLf WORKING
PRESSURES— PSIG

Weight
Class

—

STD
—
xs

xxs

STD

XS

STD
XS

STD

XS

Schedule
No.

20
30
—
40
—
60
80

100
120
140
160

10
20
30
40

60
80

100
120
140
160

10
20
30
40
60
80

100
120
140

10
20

30

40
60
80

100
120

-20/400°F

535
760
888
976

1246
1425
1794
2258
2730
3114
3700

487
645
807
971

1132
1379
1794
2304
2734
3171
3616

425
564
705
988

1345
1780
2225
2675
3212

378
501
626
752
876

1001
1319
1771
2232
2632

401/500°F

506
719
839
923

1177
1347
1695
2133
2579
2943
3496

460
610
763
917

1070
1303
1696
2177
2584
2997
3417

402
533
666
934

1271
1682
2103
2528
3036

357
473
591
710
828
946

1246
1674
2109
2487

501/600°F

463
658
768
845

1078
1233
1552
1953
2361
2694
3200

421
558
698
840
979

1193
1552
1993
2365
2743
3128

368
488
610
855

1164
1540
1925
2314
2779

327
433
541
650
758
866

1141
1532
1931
2277

601/650"F

455
646
755
830

1059
1212
1525
1919
2320
2647
3145

414
549
686
825
962

1172
1525
1958
2324
2696
3074

362
479
599
840

1143
1513
1891
2274
2731

321
425
532
639
745
851

1121
1506
1897
2237

* All welds must be stress relieved.
(Courtesy ofAPIRP 14E)
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ANSIS 31.8

The wall thickness specified by ANSI B 31.8 and by 49 CFR 192 for a
given pipe can be calculated by:

where t = required wall thickness to be specified in ordering pipe, in.
P = internal pipe pressure, psi

d0 = pipe OD, in.
S = minimum yield strength of pipe, psi
F = design factor (Table 9-6)
E = longitudinal joint factor

= 1.0 for seamless, ERW, and flash weld
= 0.80 for furnace lap and electrical fusion welded pipe
= 0.60 for furnace butt welded pipe

T = temperature derating factor (Table 9-7)

Table 9-6
Design Factor, F

Location Class Class Location Design Factor
(B 3 1.8 Definition) (DOT CFR 192) (F) General Description*

Location Class 1,
Division 1

Location Class 1,
Division 2

Location Class 2
Location Class 3
Location Class 4

Not Applicable

Class Location 1
Class Location 2
Class Location 3
Class Location 4

0.8

0.72
0.6
0.5
0.4

Sparsely populated areas, farmland, deserts

Sparsely populated areas, farmland, deserts
Fringe areas around cities and towns
Residential and industrial areas
Dense areas with multi-story buildings

* These descriptions are general in nature. A more specific description of locations for
use of the different factors is included in ANSI B 31.8 and Department of
Transportation requirements.

Table 9-7
Temperature Derating Factor/ T

Temperature, °F

-20 to 250
300
350
400
450

Derating Factor

1.000
0.967
0.933
0.900
0.867
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In Equation 9-15, the term F times E times T times S represents an
allowable stress. That is, the approximate safety factors for location
class, joint type and temperature are applied to the yield strength of the
pipe material to obtain an allowable stress. Equation 9-15 is merely a
thin wall cylinder hoop stress equation with the assumption that (o + P) =
a. This is a conservative assumption in that it overstates the wall thick-
ness required.

Equations 9-14 and 9-15 are slightly different in form because of the
different types of piping systems each was intended to cover. In Equation
9-15, no special provision is made for corrosion or thread allowance.
Most gas distribution systems are large diameter, welded pipe. ANSI B
31.8 does not have a section on threaded or grooved joints as it assumes
that all pipe is welded. If threaded pipe is used, consideration should be
given to adding an allowance for thread or groove depth, as specified in
ANSI B 31.3 (Table 9-2).

Most gas transmission lines handle a relatively "clean" product and so
no specific wall thickness allowance is suggested for internal corrosion
in ANSI B 31.8. In chemical plants and refineries a more corrosive prod-
uct is normally handled. ANSI B 31.3 specifically states that an
allowance should be included for corrosion and erosion. API Recom-
mended Practice 14E for Offshore Production Platform Piping Systems
suggests that a corrosion/mechanical strength allowance of 0.05 in. be
used for carbon steel piping. This has become more or less a standard for
production facility piping.

The main difference between Equations 9-14 and 9-15 is that Equation
9-14 uses a single allowable stress for a pipe material, whereas Equation
9-15 uses different design factors ("F") for different "location classes."
That is, the assumption is made in ANSI B 31.3 that the cost of failure of
a piping system is the same no matter where the chemical plant or refin-
ery is located. On the other hand, ANSI B 31.8 recognizes that some gas
transmission lines are located in sparsely settled areas where the cost of
failure is low, others may be located in the middle of a suburban area
where the potential for loss of life is greater, and still others may be
located adjacent to large concentrations of people where the risk of loss
of life is even greater. Thus, along the length of a gas transmission line,
several different safety factors may be appropriate. This is considered by
multiplying the pipe yield strength by a factor appropriate for a specific
risk rather than specifying a single allowable stress for the material. Fac-
tors range from the most liberal (F = 0.8) to the most severe (F = 0.4).
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The greater the consequence of failure, the lower the design factor, and
thus the greater the required wall thickness.

Table 9-6 shows in general terms the location class and design factor,
F, to use in different instances. A more specific description of locations
for use of the different design factors comes from the ANSI code and
Department of Transportation requirements. To determine the design fac-
tor it is necessary to first define a location class for the area in question.
Unfortunately, the definition of location class is somewhat different
between the ANSI Code and the Department of Transportation.

ANSI B 31.8 applies to gathering lines offshore and onshore, unless
within a city or subdivision. The Code defines location class in terms of a
"one-mile section."

To calculate the one-mile section layout, use a section one mile long
and one-quarter mile wide along the pipeline route, with the pipeline on
the center of the section. Count the dwellings intended for human occu-
pancy. Each separate dwelling unit in a multiple dwelling is counted as a
separate building intended for human occupancy.

Before 1989, ANSI B 31.8 designated the design factor by a construc-
tion type as either A, B, C or D. In 1989, the ANSI B 31.8 code was
revised, and the term "construction type" was eliminated. The new desig-
nation is called the "location class." There are four classes of locations
for ANSI B 31.8:

1. Location Class 1
Location Class 1 refers to any one-mile section that has 10 or fewer
buildings intended for human occupancy. This category includes
areas such as wastelands, deserts, rugged mountains, grazing land,
and farmland.

Class 1 Division 1
Location Class 1 Division 1 allows a maximum design factor (F)
of 0.8 and requires a hydrostatic test pressure of 1.25 times the
maximum operating pressure of the pipe.

Class 1 Division 2
Location Class 1 Division 2 allows a maximum design factor (F)
of 0.72 and requires a hydrostatic test pressure of 1.1 times the
maximum operating pressure of the pipe.

2. Location Class 2
Location Class 2 refers to any one-mile section that has more than
10 but fewer than 46 buildings intended for human occupancy. This
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category includes fringe areas around cities and towns, industrial
areas, ranches, and country estates.

3. Location Class 3

Location Class 3 refers to any one-mile section that has 46 or more
buildings intended for human occupancy. This category includes
suburban housing developments, shopping centers, residential areas,
and industrial areas.

4. Location Class 4

Location Class 4 includes locations where multistory buildings are
prevalent, traffic is heavy or dense, and numerous utilities may be
located underground.

The class location onshore for the Department of Transportation is the
same as that for ANSI B 31.8, except that there is no Class 1 Division 1,
and thus the highest design factor is 0.72.

There are several class boundaries. When a cluster of buildings intend-
ed for human occupancy requires a Class 2 or Class 3 location, the loca-
tion ends 220 yards from the nearest building in the cluster. A Class 4
location ends 200 yards from the nearest building with four or more sto-
ries above ground.

The design factor for both ANSI B 31.8 and 49 CFR 192 is a function
of the location class (or the class location). In populated areas, however,
a different design factor may be required for pipelines located near roads,
highways, and railroads. Table 9-8 shows the required design factors for
both codes to be used for various locations.

Table 9-8
Design Factors for Steel Pipe Construction

Location
Class 1,

Facility Division 1

Pipelines, mains and service lines

Crossings of roads, railroads without casing:
(a) Private roads
(b) Unimproved public roads
(c) Roads, highways, or public streets,

with hard surface and railroads
Crossings of roads, railroads with casing:

(a) Private roads
(b) Unimproved public roads
(c) Roads, highways, or public streets, with

hard surface and railroads

0.8

0.8
0.6

0.6

0.8
0.72

0.72

Location
Class 1,

Division 2

0.72

0.72
0.6

0.6

0.72
0.72

0.72

Location
Class 2

0.6

0.6
0.6

0.5

0.6
0.6

0.6

Location
Class 3

0.5

0.5
0.5

0.5

0.5
0.5

0.5

Location
Class 4

0.4

0.4
0.4

0.4

0.4
0.4

0.4
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Table 9-8
Continued

Facility

Parallel encroachment of pipelines and
mains on roads and railroads:

(a) Private roads
(b) Unimproved public roads
(c) Roads, highways, or public streets,

with hard surface and railroads

Fabricated assemblies

Pipelines on bridges

Compressor station piping

Near concentration of people in Location
Class 1 and 2

Location
Class 1,

Division 1

0.8
0.8

0.6

0.6

0.6

0.5

0.5

Location
Class 1,

Division 2

0.72
0.72

0.6

0.6

0.6

0.5

0.5

Location
Class 2

0.6
0.6

0.6

0.6

0.6

0.5

0.5

Location
Class 3

0.5
0.5

0.5

0.5

0.5

0.5

0.5

Location
Class 4

0.4
0.4

0.4

0.4

0.4

0.4

0.4

(Courtesy ofANSI/ASME)

Table 9-9 lists allowable working pressures calculated from Equation
9-15 for various pipe grades, construction types, and normally available
pipe diameters and wall thicknesses.

ANSI B 31A

The required wall thickness equation for ANSI B 31.4 is the same as
that for ANSI B 31.8 except the safety factor is fixed at F = 0.72 and
there is no temperature derating factor. This is because the consequences
of a leak in an oil line are not as severe as the consequences of a leak in a
gas line. It is possible for a gas leak to lead quickly to an explosion and
loss of life if a combustible cloud of gas comes in contact with a spark.
An oil leak, on the other hand, provides a visual warning of its presence.
It will typically spread more slowly to a source of combustion, giving
ample warning to personnel in the vicinity to escape. While it may catch
fire, it is unlikely to result in an explosion.

ANSI B 31.4 does not have a temperature derating factor ("T"), as it
states that it is only applicable to temperatures between -20°F and 250°F.

Comparison of ANSI B 31.3 and B 31.8

ANSI B 31.8 requires a design factor of 0.5 for a compressor station.
Figure 9-7 and 9-8 compare the wall thickness required for piping in a

(text continued on page 313)



Table 9-9
Gas transmission and distribution piping code for pressure piping ANSI B 31.8-1982

Carbon steel and high yield strength pipe
Values apply to A106, API 5L and API 5LX pipe having the same specified minimum yield strength as shown

NOM
PIPE
SIZE

2

3

4

6

(STD)
2.375

3.500
(STD)

4.500
(STD)

6.625
(STD)

WALL
O.D. THK. TYPE A, F = 0.72*

GR.B
35,000 42,000 46,000 52,000 60,000

.154 3268

.218 4626

.125 1800

.156 2246

.188 2707

.216 3110

.250 3600

.281 4046

.300 4320

.125 1400 1680 1840

.156 1747 2097 2296

.188 2105 2526 2767

.219 2453 2943 3223

.237 2654 3185 3488

.250 2800 3360 3680

.281 3147 3776 4136

.312 3494 4193 4593

.337 3774 4530 4961

.156 1187 1424 1560 1763

.188 1429 1716 1880 2124

.219 1666 2000 2190 2475

.250 1902 2282 2500 2826

.280 2130 2556 2799 3164

.312 2373 2848 3120 3527

.375 2853 3424 3750 4237

.132 3287 3943 4319 4883

ALLOWABLE WORKING PRESSURES UP TO 250°F, in PSIG
CONSTRUCTION TYPE DESIGN FACTORS

TYPE B, F = 0.60

GR.B
35,000 42,000 46,000 52,000 60,000

2723
3855

1500
1872
2256
2592
3000
3372
3600

1167 1400 1533
1456 1747 1913
1754 2105 2306
2044 2453 2686
2212 2654 2907
2333 2800 3067
2623 3147 3447
2912 3494 3827
3145 3775 4134

989 1187 1300 1469
1192 1430 1567 1770
1388 1666 1825 2063
1585 1902 2083 2355
1775 2130 2333 2637
1978 2374 2600 2933
2377 2853 3125 3531
2739 3286 3599 4069

TYPE C, F = 0.50

GR.B
35,000 42,000 46,000 52,000 60,000

2270
3213

1250
1560
1880
2160
2500
2810
3000

973 1167 1278
1214 1456 1595
1462 1755 1922
1704 2044 2239
1844 2212 2423
1945 2333 2556
2186 2622 2873
2427 2912 3190
2621 3146 3445

824 989 1083 1224
993 1192 1306 1475
1157 1389 1521 1719
1321 1585 1736 1963
1479 1775 1944 2198
1649 1978 2167 2449
1981 2378 2604 2943
2283 2738 3000 3391

TYPE D, F = 0.40

GR.B
35,000 42,000 46,000 52,000 60,000

1816
2570

1000
1248
1504
1728
2000
2248
2400

778 933 1022
971 1165 1276
1170 1404 1537
1363 1635 1791
1475 1770 1938
1556 1869 2044
1748 2098 2298
1941 2330 2552
2097 2516 2756

659 791 866 980
794 954 1044 1180
926 1111 1216 1375
1057 1268 1389 1570
1183 1420 1555 1758
1319 1582 1733 1959
1585 1902 2083 2354
1826 2191 2400 2713



Table 9-9
Continued

8

10

12

8.625
(STD)

10.750

(STD)

12.750

(STD)

.156 912 1094 1198 1354

.188 1098 1318 1444 1632

.203 1186 1424 1559 1762

.219 1280 1535 1681 1901

.250 1461 1753 1920 2170

.277 1618 1942 2128 2405

.312 1823 2189 2396 2709

.322 1882 2258 2473 2796

.344 2011 2412 2642 2988

.375 2191 2628 2880 3256

.438 2560 3071 3364 3803

.500 2922 3506 3840 4341

.188 881 1058 1158 1310

.203 959 1143 1251 1415

.219 1026 1231 1348 1525

.250 1172 1407 1540 1741

.279 1309 1570 1719 1944

.307 1440 1728 1892 2138

.344 1613 1935 2120 2396

.365 1711 2054 2249 2542

.438 2054 2464 2700 3051

.500 2344 2813 3081 3483

.188 743 892 977 1104

.203 803 963 1055 1193

.219 866 1039 1138 1287

.250 988 1186 1299 1468

.281 1111 1332 1460 1651

.312 1233 1480 1620 1832

.330 1305 1566 1715 1939

.344 1359 1631 1786 2020

.375 1482 1779 1948 2202

.406 1606 1926 2110 2385

.438 1732 2077 2275 2572

.500 1976 2377 2598 2936

760 912 998 1128
915 1098 1203 1360
989 1186 1299 1469
1067 1280 1401 1584
1217 1461 1600 1809
1349 1618 1773 2004
1520 1823 1997 2258
1568 1882 2061 2329
1676 2011 2202 2490
1826 2191 2399 2713
2133 2560 2804 3170
2435 2922 3200 3617

733 881 965 1091
794 952 1043 1179
855 1026 1124 1271
977 1172 1284 1451
1091 1309 1433 1620
1200 1440 1577 1782
1344 1613 1767 1997
1426 1711 1874 2119
1712 2054 2250 2543
1953 2344 2567 2902

619 743 814 920
689 803 879 995
722 866 948 1073
824 988 1082 1224
926 1111 1217 1376
1028 1233 1350 1527
1088 1305 1430 1616
1133 1359 1488 1683
1235 1482 1624 1835
1338 1606 1758 1988
1443 1732 1896 2144
1647 1976 2165 2447

633 760 832 940
763 915 1003 1133
824 989 1083 1224
889 1067 1168 1320
1014 1217 1333 1507
1124 1349 1478 1670
1266 1520 1664 1881
1307 1568 1717 1941
1396 1676 1835 2075
1521 1826 1999 2261
1778 2133 2336 2641
2029 2435 2667 3014

612 735 804 909
661 794 869 983
713 855 936 1059
814 977 1070 1209
909 1091 1194 1350
1000 1200 1314 1486
1120 1344 1473 1664
1188 1426 1562 1766
1426 1712 1875 2119
1628 1953 2140 2419

516 619 678 767
558 669 733 829
601 722 790 894
686 824 902 1020
771 926 1014 1146
856 1028 1125 1273
906 1088 1191 1346
944 1133 1240 1403
1029 1235 1353 1529
1115 1338 1465 1656
1203 1443 1580 1786
1373 1647 1804 2039

506 608 666 7512
610 732 802 907
659 791 866 979
711 853 934 1056
812 974 1067 1206
899 1079 1182 1336
1013 1216 1331 1505
1045 1254 1374 1553
1117 1340 1468 1660
1217 1460 1599 1808
1422 1706 1869 2113
1623 1948 2133 2412

490 588 644 728
529 635 695 786
570 684 749 847
651 781 856 967
727 872 955 1080
800 960 1051 1189
896 1075 1178 1331
951 1141 1249 1412
1141 1369 1500 1695
1302 1563 1712 1935

413 495 543 613
446 535 586 663
481 577 632 715
549 659 722 816
617 740 811 917
685 822 900 1018
725 870 953 1077
755 906 992 1122
824 988 1082 1224
892 1070 1172 1325
962 1154 1264 1429
1098 1318 1443 1631

Type A construction also applicable to "Liquid Petroleum Transportation Piping Code," ANSI B 31.4-1971
(Courtesy GPSA Engineering Data Book)
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Figure 9-7. Wall thickness for 1,480 psi pressure API 5L-Grade B.

Figure 9-8. Wall thickness for 1,480 psi pressure API 5L-Grade X52.
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(text continued from page 309)

compressor station depending upon which code is used. It can be seen
that the B 31.3 code is more conservative than the B 31.8 code, especial-
ly when higher yield strength pipe material is used. This difference cre-
ates a problem in choosing the interface between a production facility
designed to B 31.3 and a pipeline designed to B 31.8 or B 31.4. The loca-
tion of the transition varies from company to company but it is usually at
the plant fence for an onshore facility and at the first flange above the
water on an offshore platform.

PRESSURE RATING CLASSES

Industry Standards

When designing piping systems one must consider piping components
such as pipe flanges, fittings, and valves. These piping components must be
able to withstand the stresses imposed by internal pressure. Unlike pipe,
they are not straight cylinders but are of complex geometry and require a lot
of study in order to determine the pressures they can withstand. Rather than
requiring every designer to perform finite element analysis on each compo-
nent, industry has developed standards on pipe flanges, fittings, and valves.
The goal of the standards is to provide interchangeability between manufac-
turers, set dimensional standards, specify allowable service ratings for pres-
sure and temperature ranges, specify material properties, and specify meth-
ods of production and quality control. The ANSI B 16.5 and API 6A
specifications are the most commonly used. By specifying a specific pres-
sure rating class that is rated for a pressure equaling or exceeding the maxi-
mum working pressure of the particular piping system, the designer is
assured that all flanges, fittings, and valves furnished by any manufacturer
will contain the pressure and have interchangeable dimensions.

The ANSI B 16.5 specification has seven classes of piping: 150, 300,
400, 600, 900, 1,500, and 2,500. Historically, the class designation was
the allowable working pressure at 850°F. For example, the 300 ANSI
class rating had a primary pressure rating of 300 psi at 850°F. The maxi-
mum non-shock pressure rating would increase as the temperature
became cooler. With time, however, this distinction has become clouded
and is no longer true.

Table 9-10 is a listing of the maximum non-shock working pressure rat-
ing for Material Group 1.1, as listed in the 1988 edition of ANSI B 16.5.
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Table 9-TO
Summary ANSI Pressure Ratings

Material Group 1.1

Class

150
300
400
600
900

1,500
2,500

-20 to 100

285
740
990

1,480
2,220
3,705
6,170

100 to 200

260
675
900

1,350
2,025
3,375
5,625



Table 9-11A
American National Standard Pipe Flanges and Flanged Fittings (ANSI B 16.5-1988)

Mat'l
Group

1.1

1.2

1.3

1.4

1.5

1.7

1.9

1.10

1.13
1.14

Materials!4)
(Spec-Grade)

A105, A181-II, A216-WCB, A515-70
A5 16-70
A350-LF2,A537-C1.1
A203-B, A203-E, A216-WCC
A350-LF3, A352-LC2, A352-LC3
A352LCB
A203-A, A203-D, A5 15-65
A5 16-65
A181-I,A515-60
A5 16-60
A350-LF1
A182-F1, A204-A, A204-B, A217-WC1
A352-LC1
A204-C
A182-F2, A217-WC4
A217-WC5
A182-F11, A182-F12, A387-11, C1.2
A217-WC6
A182-F22, A387-22,C1.2
A217-WC9
A182-F5a, 217-C5
A182-F9, A217-C12

See
Notes

(a)(h)
(a)(g)

(d)
(a)(h)

(d)
(a)
(a)

(a)(j)
(a)(h)
(a)(g)

(d)
(b)(h)

(d)
(g)
(h)
(i)
(c)
<J)
(c)
0)
—
—

Mat'l
Group

2.1

2.2

2.3

2.4

2.5

2.6
2.7

Materials!4)
(Spec-Grade)

A182-F304,A182-F304H
A240-304,A351-CF8
A351-CF3
A182-F316, A182-F316H, A240-316
A240-317,A351-CF8M
A351-CF3M
A182-F304L, A240-304L
A182-F316L, A240-316L
A182-F321,A240-321
A182-F321H, A240-321H
A182-F347,A240-347
A182-F347H, A240-347H
A182-F348, A240-348
A182-F348H, A240-F348H
A240-309S, A351-CH8, A351-CH20
A182-F310,A240-310S
A351-CK20

See
Notes

—
—
(f)
—
—

(g)
(0
(g)
(h)
—
(h)
—
(h)
—
—
(k)
—

(table continued on next page)



Table 9-11A
Continued

Mat'l
Group

3.1

3.2
3.4

3.5
3.6

Materials'4)
(Spec-Grade)

B462, B463
A351-CN7M
B160-N02200,B162
B564-N04400,B127
B164-N04405
B564-N06600,B168
B564-N08800, B409-N08800

See Mafl
Notes Group

(m) 3.7
(o) 3.8
(m)
(m)
(m)
(m)
(m)

Materials!4)
(Spec-Grade)

B335-N10665, B333-N10665
B574-N10276, B575-N10276
B574-N06455, B575-N06455
B446, B443
B335-N10001, B333-N10001
B573, B434, B572, B435

See
Notes

(o)
(o)
(o)
(m)
(m)
(m)

NOTES:
1. Ratings shcrWn apply to other material groups where column dividing lines have been omitted.
2. Provisions of Section 2 apply to all ratings.
3. Temperature notes for all Material Groups, tables 2-150 through 2-5,000:
4. See table 1A for additional information and notes relating to specific materials.
(a) permissible but not recommended for prolonged use above about 800°F
(b) permissible but not recommended for prolonged use above about 850°F
(c) permissible but not recommended for prolonged use above about 1,100°F
(d) not to be used over 650°F
(f) not to be used over 800°F
(g) not to be used over 850°F
(h) not to be used over 1,000°F
(i) not to be used over 1,050°F
(j) not to be used over 1,100°F
(k) for service temperature 1,050°F and above, should be used only when assurance is provided that grain size is not finer than ASTM No. 6.
(m) use annealed material only
(o) use solution annealed material only



Table 9-1 IB
Class 150 Pressure-Temperature Ratings

Pressures are in Ibs/in.2, gauge (psig)

Mafl Group

Materials

Temp °F

-20 to 100
200
300
400
500
600
650
700
750
800
850
900
950

1000

1.1 1.2 1.3 1.4

Carbon Steel

285
260
230

290
260
230

265
250
230

235
215
210

1.5

C
'/Mo

265

1.7

'/Kr-
KMo

Ni-Cr-
Mo

1.9

1
l/<Cr-
mo

1.10

2'/4Cr-
IMo

1.13

5Cr-
!4Mo

1.14

9G-
IMo

290
260
230

200
170
140
125
110
95
80
65
50
35
20

2.1

Type
304

275
235
205
180

2.2

Type
316

275
240
215
195

170
140
125
110
95
80
65
50
35
20

2.3

Type
304L

"Type"
316L

230
195
175
160
145
140
125
110
95
80
65

2.4

Type
321

275
235
210
190

2.5

Types
347
348

275
245
225

2.6

Type
309

2.7

Type
310

260
230
220

200
170
140
125
110
95
80
65
50
35
20

3.1

Cr
Fe
Mo
Cu
Cb

20Cb

230
215
200

3.2

Nkkel
Alloy
200

140
140
140
140
140
140

3.4

Ni
Cu

Alloys
400
405

230
200
190
185

3.5

Ni
Cr
Fe

Alloy
600

275
260
230

3.6

Ni
Fe
Cr

Alloy
800

275
255
230

2C

3.7 3.8

Ni Nic-
Mo kel

Alloy Al-
B2 leys

290
260
230

0
170
140
125
110
95
80

Temper-
ature

°F

100
200
300
400
500
600
650
700
750
800
850
900
950

1000

NOTES:
1. Ratings shown apply to other material groups where column dividing lines have been omitted.
2. Provisions of Section 2 apply to all ratings.
3. See Temperature Notes for all Material Groups, Tables 2-150 through 2-2500.



Table 9-11C
Class 300 Pressure-Temperature Ratings

Pressures are in Ibs/in.2, gauge (psig)• • W^^WI w« «•• «^ ••• ••*«/ •••• / «y«a«**y*» l|^«i«y|

Mafl Group

Materials

Temp. °F

-20 to 100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500

1.1 1.2 1.3 1.4

Carbon Steel

740
675
655
635
600
550
535
535
505
410

750
750
730
705
665
605
590
570
505
410
270
170
105
50

695
655
640
620
585
535
525
520
475
390

620

1.5

C

1.7

'/*Cr-
!4Mo

Ni-Cr-
Mo

1" 750
560 750
550 730
530
500
455
450
450
445
370

640
620

705
665

1.9

1
IKCr-
'AMo

750
710
675
660

1.10

TACr-
IMo

1.13

5Cr-
'XMo

1.14

9Cr-
IMo

750 750
715 750
675 730
650 705

640 665
605
590
570
530
510
485
450

280
165

345
215
190

380
225
140
95
50
35

270
200
115
105
55

500
440
355
260
190
140
105
70
45

510
485
450
370
290
190
115
75
50

NOTES:

1 . Ratings shown apply to other material groups where column
dividing lines have been omitted.

2. Provisions of Section 2 apply to all ratings.
3. See Temperature Notes for all Material Groups, Tables 2-150.

2.1

Type
304

720
600
530
470
435
415
410
405
400
395
390
385
375
325
310
260
195
155
110
85
60
50
35
25

2.2

Type
316

720
620
560
515
480
450
445
430
425
415
405
395
385
365
360
325
275
205
180
140
105
75
60
40

2.3

Type
304L
Type
316L

600
505
455
415
380
360
350
345
335
330

"320"

2.4

Type
321

720
610
545
495
460
435
430
420
415
415
410
405
385
355
345
300
235
180
140
105
80
60
50
40

2.5

Types
347
348

720
635
590
555
520
490
480
470
460
455
445
430
385
365
360
325
275
170
125
95
70
50
40
35

2.6

Type
309

2.7

Type
310

670
605
570
535
505
480
465
455
445
435
425
415
385

335
290
225
170
130
100
80
60
45
30
25

350
335
290
245
205
160
120
80
55
40
25

3.1

Cr
Fe
Mo
Cu
Cb

20Cb

600
555
525

3.2

Nickel
Alloy
200

360
360
360

3.4

Ni
Cu

Alloys
400
405

600
530
495
480
480
480
480
480
470
460

3.5

Ni
Cr
Fe

Alloy
600

720
670
640
615
595
575
565
555
530
510

3.6

Ni
Fe
Cr

Alloy
800

720
660
625
600
580
575
570
565
530
505

3.7

Ni
Mo

Alloy
B2

3.8

Nic-
kel
Al-
loys

750
750
730
705
665
605
590
570
530
510

Temper-
ature

°F

100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500



Table 9-1 ID
Class 400 Pressure-Temperature Ratings

Pressures are in Ibs/in.2, gauge (psig)
Maf 1 Group

Materials

Temp. °F

-20 to 100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500

1 i 1.2 1.3 1.4

Carbon Steel

990
900
875
845
800
730
715
710
670
550

1000
1000
970
940
885
805
785
755
670
550

925
875
850
825
775
710
695
690
630
520

825
750
730
705
665
610
600
600
590
495

355
230
140
70

1.5

C
m<>

925
905
870
855
830

1.7

</Kr-
%Mo

Ni-Cr-
Mo

1000
1000
970
940
885

1.9

1
UiCr-
>AMo

1000
950
895
880

1.10

2'/4Cr-
IMo

1000
955
905
865

855

1.13

5Cr-
mo

1 14

9Cr-
IMo

1000
1000
970
940
885

805
785
755
710
675
650
600

375
220

460
285
250

* Do not use ASTM A181
Grade I or II material.

505
300
185
130
70
45

355
265
150
140
75

665
585
470
350
255
190
140
90
60

675
650
600
495
390
250
150
100
70

NOTES:

1 . Ratings shown apply to other material groups where column
dividing lines have been omitted.

2. Provisions of Section 2 apply to all ratings.
3. See Temperature Notes for all Material Groups.

2.1

Type
304

960
800
705
630
585
555
545
540
530
525
520
510
500
430
410
345
260
205
145
110
85
65
45
30

72

Type
316

960
825
745
685
635
600
590
575
565
555
540
525
515
485
480
430
365
275
245
185
140
100
80
55

2.3

Type
304L
Type
316L

800
675
605
550
510
480
470
460
450
440
430"

2.4

Type
321

960
815
725
660
610
585
570
560
555
550
545
540
515
475
460
400
315
240
185
140
110
80
65
50

2.5

Types
347
348

960
850
785
740
690
655
640
625
615
610
590
575
515
485
480
430
365
230
165
125
90
70
55
45

2.6

Type
309

2.7

Type
310

895
805
760
710
670
635
620
610
595
580
565
555
515

450
390
300
230
175
135
105
80
60
40
30

465
445
390
330
275
215
160
105
75
50
30

3.1

Cr
Fe
Mo
Cu
Cb

20Cb

800
740
700

3.2

Nickel
Alloy
200

480
480
480
480
480
480

3.4

Ni
Cu

Alloys
400
405

800
705
660
635
635
635
635
635
625
610

3.5

Ni
Cr
Fe

Alloy
600

960
895
850
820
790
765
750
740

3.6

Ni
Fe
Cr

Alloy
800

960
885
830
800
770
765
760
750

3.7 3.8

Ni Nic-
Mo kel

Alloy Al-
B2 loys

1000
1000
970
940
885
805
785
755

710
675

Temper-
ature

°F

100
200
300
400

500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500



Table 9-1 IE
Class 600 Pressure-Temperature Ratings

Pressures are in Ibs/in.2, gauge (psig)

Maf 1 Group

Materials

Temp. °F

-20 to 100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500

1.1 1.2 1.3 1.4

Carbon Steel

1480
1350
1315
1270
1200
1095
1075
1065
1010
825

1500
1500
1455
1410
1330
1210
1175
1135
1010
825
535
345
205
105

1390
1315
1275
1235
1165
1065
1045
1035
945
780

1235
1125
1095
1060
995
915
895
895
885
740

1.5

C
'XMo

1390
1360
1305
1280
1245

1.7

KG-
'A Mo

Ni-Cr-
Mo

1500
1500
1455
1410
1330

1.9

1
ItfCr-
HMo

1500
1425
1345
1315
1285

1.10

2'/4&-
IMo

1500
1430
1355
1295
1280

1.13

5Cr-
14Mo

1.14

9Cr-
IMo

1500
1500
1455
1410
1330

1210
1175
1135
1065
1015
975
900

560
330

685
425
380

755
445
275
190
105
70

535
400
225
205
110

995
880
705

520
385
280
205
140
90

1015
975
900

740
585
380
225
150
105

NOTES:

1. Ratings shown apply to other material groups where column
dividing lines have been omitted.

2. Provisions of Section 2 apply to all ratings.
3. See Temperature Notes for all Material Groups, Tables 2-150.

2.1

Type
304

1440
1200
1055
940

875
830
815
805
795
790
780
770
750
645
620
515
390
310
220
165
125
90
70
50

2.2

Type
316

1440
1240
1120
1030
955
905
890
865
845
830
810
790
775
725
720
645
550
410
365
275
205
150
115
85

2.3

Type
304L
Type
316L

1200
1015
910
825
765
720
700
685
670
660

"645

2.4

Type
321

1440
1220
1090
990
915
875
855
840
830
825
815
810
775
715
695
605

475
365
280
210
165
125
95
75

2.5

Types
347
348

1440
1270
1175
1110
1035
985
960
935
920
910
890
865
775
725
720
645

550
345
245
185
135
105
80
70

2.6

Type
309

2.7

Type
310

1345
1210
1140
1065
1010
955
930
910
895
870
850
830
775

670
585
445

345
260
200
160
115
90
60
50

700
665
585

495
410
325
240
160
110
75
50

3.1

Cr
Fe
Mo
Cu
Cb

20Cb

1200
1115
1045

3.2

Nickel
Alloy
200

720
720
720
720
720
720

3.4

Ni
Cu

Alloys
400
405

1200
1055
990
955
950
950
950
950
935
915

3.5

Ni
Cr
Fe

Alloy
600

1440
1345
1275
1230
1185
1145
1130
1115

3.6

Ni
Fe
Cr

Alloy
800

1440
1325
1250
1200
1155
1145
1140
1130

3.7

Ni
Mo

Alloy
B2

3.8

Nic-
kel
Al-
loys

1500
1500
1455
1410
1330
1210
1175
1135

1065
1015

Temper-
ature

°f

100
200
300
400

500
600
650
700
750
800
850
900

950
1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500



Table 9-1 IF
Class 900 Pressure-Temperature Ratings

Pressures are in Ibs/in.2, gauge (psig)
Mafl Group

Materials

Temp. °F

-20 to 100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500

1.1 1.2 1.3 1.4

Carbon Steel

2220
2025
1970
1900
1795
1640
1610
1600
1510
1235

2250
2250
2185
2115
1995
1815
1765
1705
1510
1235

2085
1970
1915
1850
1745
1600
1570
1555
1420
1175

1850
1685
1640
1585
1495
1370
1345
1345
1325
1110

805
515
310
155

1.5

C
'/Mo

2085
2035
1955
1920
1865

1.7

!*G"
14 Mo

Ni-Cr-
Mo

2250
2250
2185
2115
1995

1.9

1
I'/xCr-
J4Mo

2250
2135
2020
1975
1925

1.10

2'/4Cr-
IMo

2250
2150
2030
1945
1920

1.13

5Cr-
'AMo

1.14

9Cr-
IMo

2250
2250
2185
2115
1995

1815
1765
1705
1595
1525
1460
1350

845
495

1030
640
565

1130
670
410
290
155
105

805
595
340
310
165

1490
1315
1060
780
575
420
310
205
135

1525
1460
1350
1110
875
565
340
225
155

NOTES:

1. Ratings shown apply to other material groups where column
dividing lines have been omitted.

2. Provisions of Section 2 apply to all ratings.
3. See Temperature Notes for all Material Groups, Tables 2-150.

2.1

Type
304

2160
1800
1585
1410
1310
1245
1225
1210
1195
1180
1165
1150
1125
965
925
770
585
465
330
245
185
145
105
70

2.2

Type
316

2160
1860
1680
1540
1435
1355
1330
1295
1270
1245
1215
1180
1160
1090
1080
965
825
620
545
410
310
225
175
125

2.3

Type
304L
Type
316L

1820
1520
1360
1240
1145
1080
1050
1030
1010
985

"965"

2.4

Type
321

2160
1830
1635
1485
1375
1310
1280
1260
1245
1240
1225
1215
1160
1070
1040
905
710
545
420
320
245
185
145
115

2.5

Types
347
348

2160
1910
1765
1665
1555
1475
1440
1405
1385
1370
1330
1295
1160
1090
1080
965
825
515
370
280
205
155
125
105

2.6

Type
309

2.7

Type
310

2015
1815
1705
1600
1510
1435
1395
1370
1340
1305
1275
1245
1160

1010
875
670
515
390
300
235
175
135
95
70

1050
1000
875
740
620
485
360
235
165
115
70

3.1

Cr
Fe
Mo
Cu
Cb

20Cb

1800
1670
1570

3.2

Nickel
Alloy
200

1080
1080
1080
1080
1080
1080

3.4

Ni
Cu

Alloys
400
405

1800
1585
1485
1435
1435
1435
1435
1435
1405
1375

3.5

Ni
Cr
Fe

Alloy
600

2160
2015
1915
1845
1780
1720
1690
1670

3.6

Ni
Fe
Cr

Alloy
800

2160
1990
1870
1800
1735
1720
1705
1690

3.7

Ni
Mo

Alloy
B2

3.8

Nic-
kel
Al-
loys

2250
2250
2185
2115
1995
1815
1765
1705

1595
1520

Temper-
ature

°F

100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500



Table 9-11G
Class 1500 Pressure-Temperature Ratings

Pressures are in Ibs/in.2 gauge (psig)

Mafl Group

Materials

Temp. °F

-20 to 100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
14^0i^tJU
1500

1.1 1.2 1.3 1.4

Carbon Steel

3705
3375
3280
3170
2995
2735
2685
2665
2520
2060

3750
3750
3640
3530
3325
3025
2940
2840
2520
2060

3470
3280
3190
3085
2910
2665
2615
2590
2365
1955

3085
2810
2735
2645
2490
2285
2245
2245
2210
1850

1340
860
515
260

1.5

C
UMo

3470
3395
3260
3200
3105

1.7

!4O-
KMo

Ni-Cr-
Mo

3750
3750
3640
3530
3325

1.9

1
IJiCr-
'XMo

3750
3560
3365
3290
3210

1.10

2MCr-
IMo

3750
3580
3385
3240
3200

1.13

5Cr-
XMo

1.14

9Cr-
IMo

3750
3750
3640
3530
3325

3025
2940
2840
2660
2540
2435
2245

1405
825

1715
1065
945

* Do not use ASTM A181
Grade I or II material.

1885
1115
685
480
260
170

1340
995
565
515
275

2485
2195
1765
1305
960
705
515
345
225

2540
2435
2245
1850
1460
945
565
380
260

NOTES:

1 . Ratings shown apply to other material groups where column
dividing lines have been omitted.

2. Provisions of Section 2 apply to all ratings.
3. See Temperature Notes for all Material Groups, Tables 2-150.

2.1

Type
304

3600
3000
2640
2350
2185
2075
2040
2015
1990
1970
1945
1920
1870
1610
1545
1285
980
770
550
410
310
240
1701 i\J

120

2.2

Type
316S

3600
3095
2795
2570
2390
2255
2220
2160
2110
2075
2030
1970
1930
1820
1800
1610
1370
1030
910
685
515
380
9QOZ;?U

205

2.3

Type
304L

"Type"
316L

3000
2530
2270
2065
1910
1800
1750
1715
1680
1645
1610"

2.4

Type
321

3600
3050
2725
2470
2290
2185
2135
2100
2075
2065
2040
2030
1930
1785
1730
1510
1185
910
705
530
410
310
240
190

2.5

Types
347
348

3600
3180
2940
2770
2590
2460
2400
2340
2305
2280
2220
2160
1930
1820
1800
1610
1370
855
615
465
345
255
205
170

2.6

Type
309

2.7

Type
310

3360
3025
2845
2665
2520
2390
2330
2280
2230
2170
2125
2075
1930

1680
1460
1115
860
650
495
395
290
225
155
120

1750
1665
1460
1235
1030
805
600
395
275
190
120

3.1

Cr
Fe
Mo
Cu
Cb

20Cb

3000
2785
2615

3.2

Nickel
Alloy
200

1800
1800
1800
1800
1800
1800

3.4

Mo
Cu

Alloys
400
405

3000
2640
2470
2390
2375
2375
2375
2375
2340
2290

3.5

Ni
Cr
Fe

Alloy
600

3600
3360
3190
3070
2965
2870
2820
2785
2660
2540

3.6

Ni
Fe
Cr

Alloy
800

3600
3310
3120
3000
2890
2870
2845
2820
2650
2535

3.7

Ni
Mo

Alloy
B2

3.8

Nic-
kel
Al-
loys

3750
3750
3640
3530
3325
3025
2940
2840
2660
2540

Temper-
ature
f

100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500



• • W99WI W« %•• ̂  III 99* &/ •••* / MVWMv Ir 9|

Mafl Group

Materials

Temp.°F

-20 to 100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500

1.1 1.2 1.3 1.4

Carbon Steel

6170
5625
5470
5280
4990
4560
4475
4440
4200
3430

6250
6250
6070
5880
5540
5040
4905
4730
4200
3430

_5785
5470
5315
5145
4850
4440
4355
4320
3945
3260

5145
4680
4560
4405
4150
3805
3740
3740
3685
3085

2230
1430
860
430

1.5

C
UMo

5785
5660
5435
5330
5180

1.7

!4Cr-
KMo

Ni-Cr-
Mo

6250
6250
6070
5880
5540

1.9

1
ItfCr-
>AMo

6250
5930
5605
5485
5350

1.10

2!4Cr-
IMo

6250
5965
5640
5400
5330

1.13

5Cr-
'/iMo

1.14

9Cr-
IMo

6250
6250
6070
5880
5540

5040
4905
4730
4430
4230
4060
3745

2345
1370

2860
1770
1570

*DonotuseASTMA181
Grade I or II material.

3145
1860
1145
800
430
285

2230
1660
945
860
460

4145
3660
2945
2170
1600
1170
860
570
370

4230
4060
3745
3085
2430
1570
945
630
430

NOTES:

1. Ratings shown apply to other material groups where column
dividing lines have been omitted.

2. Provisions of Section 2 apply to all ratings.
3. See Temperature Notes for all Material Groups, Tables 2-150.

2.1

Type
304

6000
5000
4400
3920
3640
3460
3400
3360
3320
3280
3240
3200
3120
2685
2570
2145
1630
1285
915
685
515
400
285
200

2.2

Type
316S

6000
5160
4660
4280
3980
3760
3700
3600
3520
3460
3380
3280
3220
3030
3000
2685
2285
1715
1515
1145
860
630
485
345

2.3

Type
304L
Type
316L

5000
4220
3780
3440
3180
3000
2920
2860
2800
2740

r2680"

2.4

Type
321

6000
5080
4540
4120
3820
3640
3560
3500
3460
3440
3400
3380
3220
2970
2885
2515
1970
1515
1170
885
685
515
400
315

2.5

Types
347
348

6000
5300
4900
4620
4320
4100
4000
3900
3840
3800
3700
3600
3220
3030
3000
2685
2285
1430
1030
770
570
430
345
285

2.6

Type
309

2.7

Type
310

5600
5040
4740
4440
4200
3980
3880
3800
3720
3620
3540
3460
3220

2800
2430
1860
1430
1085
830
660
485
370
260
200

2915
2770
2430
2060
1715
1345
1000
660
460
315
200

3.1

Cr
Fe
Mo
Cu
Cb

20Cb

5000
4640
4360

3.2

Nickel
Alloy
200

3000
3000
3000
3000
3000
3000

3.4

Ni
Cu

Alloys
400
405

5000
4400
4120
3980
3960
3960
3960
3960
3000
3820

3.5

Ni
Cr
Fe

Alloy
600

6000
5600
5320
5120
4940
4780
4700
4640

3.6

Ni
Fe
Cr

Alloy
800

6000
5520
5200
5000
4820
4780
4740
4700

3.7

Ni
Mo

Alloy
B2

3.8

Nic-
kel
Al-
loys

6250
6250
6070
5880
5540
5040
4905
4730

4430
4230

Temper-
ature

"F

100
200
300
400
500
600
650
700
750
800
850
900
950

1000
1050
1100
1150
1200
1250
1300
1350
1400
1450
1500
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(text continued from page 314)

for pipe, flanges, fittings, bolts, nuts, and gaskets, material and construc-
tion for each valve used in the piping, welding certification and inspec-
tion requirements, and design details, (e.g., branch connections, pipe
support spacing, clearances, and accessibility). Each pipe class in the
job is assigned a designation that indicates its pressure rating and ser-
vice. A separate table is prepared for each designation that lists the
details of pipe material, end connection, acceptable valves of each type,
fittings, etc. for the specific pipe designation. Often, each valve type is
assigned a symbol or designation number that is referenced on the
mechanical flow sheets. Tables 9-12 and 9-13 are examples of pipe,
valve, and fittings tables.

A pipe, valve, and fitting specification differs from the industry stan-
dard pressure rating standards in that it addresses the quality of the pip-
ing components an construction details. It may require greater wall
thicknesses than may be calculated from either ANSI B 31.3 or B 31.8.
This is especially true for small diameter pipes where mechanical
integrity can be more important than ability to withstand internal pres-
sure. It designates the particular type of joint (e.g., flange, socket weld,
screwed), that is required for each service and the quality of the valves
and fittings to be purchased.

A discussion of each of the details in developing a pipe, valve, and fit-
ting specification is beyond the scope of this chapter. A general descrip-
tion of items to consider is contained in API RP 14E.

EXAMPLES

Example No. 9-1: Liquid Line

Given: Same as Example 8-1.
Liquid flow to a low pressure separator operating at 150 psi.
Line is rated for 1,480 psi.

Problem: Choose a line size and wall thickness using B 31.3, B 31.4,
and B 31.8.

(text continued on page 328)
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Table 9-12
Example Pipe/ Valves, and Fittings Table

150LBANSI
Non-Corrosive Service1

Temperature Range -20 to 650°F
Maximum Pressure ...Depends on flange raring

at service tempertaure

Size Ranges General Specifications Platform Service

Pipe Grade Depends on Service ASTM A106, Grade B,
Seamless3

%" and smaller nipples threaded and coupled Schedule 160 or XXH
1M" and smaller pipe threaded and coupled Schedule 80 min
2" through 3" pipe beveled end Schedule 80 min
4" and larger pipe beveled end See Table 2.4
Valves (Do not use for temperatures above maximum indicated.)
Ball
'A" and smaller 1500 Ib CWP AISI 316 SS screwed, Manufacturers Figure

regular port, wrench operated, No. (300°F)
Teflon seat

y" throughl!^" 1500 Ib CWP, CS, screwed, Manufacturers Figure
regular port, wrench operated, No. or Figure
Teflon seat No. (450°F)

2" through 8" 150 Ib ANSI CS RF Etc.
flanged, regular port, lever
or hand wheel operated,
trunnion mounted

10" and larger 150 Ib ANSI CS RF Etc.
flanged, regular port,
gear operated, trunnion
mounted

Gate
VL" and smaller 2000 Ib GWP, screwed, bolted Etc.

bonnet, AISI 316 SS
y" through VA" 2000 Ib CWP, screwed, bolted Etc.

bonnet, forged steel
2" through 1 2" 1 50 Ib ANSI CS RF Etc.

flanged, standard trim,
handwheel or lever operated

Globe
1M" and smaller 2000 Ib CWP CS screwed Etc.
(Hydrocarbons)
VA" and smaller 2000 Ib CWP CS socketweld Etc.
(Glycol)
2" and larger 150 Ib ANSI CS RF Etc.

flanged, handwheel operated
Check
1 VT and smaller 600 Ib ANSI FS screwed, Etc.

bolted bonnet4, standard trim
2" and larger 150 Ib ANSI CS RF Etc.

flanged, bolted bonnet,4

swing check, standard trim
Reciprocating 300 Ib ANSI CS RF Etc.
Compressor Discharge flanged, piston check,

bolted bonnet4

Lubricated Plug
Not normally used

(table continued on next page)
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Table 9-12
Continued

Size Ranges

Non-Lubricated Plug
1/4" through 6"

Compressor Laterals

Needle
V/' through M"

Fittings5

Ells and Tees
%" and smaller
1" through VA"
2" and larger

Unions
%" and smaller

1" through 1M"

2" and larger
Couplings
1" and smaller
VA"
Plugs
VA" and smaller
2" and larger
Screwed Reducers
%" and smaller
1" through VA"
Flanges5

lM"and smaller
2" and larger

Bolting
Studs

Nuts

Gaskets

Thread Lubricant

General Specifications

150 Ib ANSI CS RF
flanged, bolted bonnet

Use ball valves

6000 Ib CWP, bar stock
screwed, AISI 316 SS

6000 Ib FS screwed
3000 Ib FS screwed
Butt weld, seamless, wall
to match pipe

6000 Ib FS screwed,
ground joint, steel to
steel seat
3000 Ib FS screwed,
ground joint, steel to steel seat
Use flanges

6000 Ib FS screwed
3000 Ib FS screwed

Solid bar stock, forged steel
X-Strong seamless, weld cap

Sch. 160 seamless
Sch. 80 seamless

150 Ib ANSI FS RF screwed
150 Ib ANSI FS RF weld
neck, bored to pipe schedule

Class 2 fit, threaded
over length
Class 2 fit, heavy
hexagon, semi-finish
Spiral wound asbestos

Conform to API Bulletin 5A2

Platform Service

Etc.

Etc.

ASTM A 105-71
ASTM A 105-71
ASTM A234, Grade WPB

ASTMA105-71

ASTMA105-71

ASTMA105-71
ASTMA105-71

ASTMA105-71
ASTM A234, Grade WPB

ASTMA105-71
ASTMA105-71

ASTMA105-71
ASTMA105-71

ASTM A193, Grade B74

ASTM A194, Grade 2H4

Spiral Wound Mfg.
Type or
Mfg. No.
w/AISI 304 SS windings
Mfg. No.

NOTES:
1. For glycol service, all valves and fittings shall be flanged or socketweld.
2. See Table 3.1 for pressure-temperature ratings.
3. API 5L, Grade B, Seamless may be substituted if ASTM A106, Grade B, Seamless is not available.
4. Studs and nuts shall be hot-dip galvanized in accordance with ASTM A153.
5. Fittings and flanges that do not require normalizing in accordance with ASTM A105-71, due to size or

pressure rating, shall be normalized when used for service temperatures from -20°F to 60°F. Fittings and
flanges shall be marked HT, N, * or with some other appropriate marking to designate normalizing.

(Courtesy ofAPIRP 14E)
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Table 9-13
Example Pipe, Valves/ and Fittings Table

PIPING MATERIAL
SPECIFICATION SHEET

CLASS A
Service:

HYDROCARBONS, DESIGN
NON-CORROSIVE Max. Press. Max. Temp. Limited Bv
GLYCOL 285PSIG 100°F FLANGES (4)

SIZE
PIPE

Joint Const.

Fittings

Flanges

Unions

Plugs

Thrd. Nipp
& Swages

Ball

Check

Gate

Needle

Globe

Butterfly
Diaphragm

X X I IX 2 3
SCH80

4 6 8 10 12
STD

Page 1 of 1

Rating:

150#RF, C.S.

Corr. Allow. 0.05"

A-106-B-SMLS.

T&C (8)
3000#FSScrd.
A105 (9)
ANSI 150# RF Scrd.
A105 (9) (1)
3000#FSGJScrd.
Int. seats, A 105 (9)
Hex head scrd., A105 (9)
Sch 160 (5)
A-106 (8)
VBT-60-1
VBS-60-1

VBT-60-2

VCT-60-1
VCS-60-1

VGT-60-1
VGS-60-1

Butt welded and flanged

A234 WPB smls. buttweld sch. to match pipe (9)

ANSI 150# RFWN (3) A105 (9)

Flanges (3)

VBF-15-1 (6) VBF-15-2 (6)

VCF-15-1

VGF-15-1

VNT-500-1
VNT-500-2
VOT-60-1
VOS-60-1

VOF-15-1

Bolting-STUDS-A193-B7, NUTS-A194-2H CADMIUM PL ATED [Gaskets— JT FLEXITALLIC CG or Equal
Miscellaneous — See Instrument Spec, for Size and Type of Instrument Connection

NOTES
l.)Use only to match equip, and

special items.
- 2.) Rat face to be used only to match

equip.
3.) Flange bore to match pipe I.D.
4.) See ANSI B 16.5 and B 31.3 for

pressure and temp, limitations.
5.) All thread pipe nipp. are not

acceptable.
6.) Valves listed may require a gear

operator. See valve legend for
requirement.

7.) TOL, SOL & WOL to be A105
8.) Glycol service piping to be socket

welded or buttwelded.
9.) Fittings and figs shall be

normalized and marked when
serv. temps, are -20 to 60°F.
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(text continued from page 324)

Solution

Criteria

Pressure Drop

From Example 8-1, the pressure drop in 2-in. line is acceptable. For
flexibility and mechanical strength, it would probably be better to use a
2-in. line than a 1-in. or 1%-in. line.

B31.3

Would probably use a standard weight pipe for mechanical strength.

B31.8

Outside the facility use F = 0.72, wall thickness same as above. Within
the facility use F = 0.6.

t = 0.0837 in.
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Example No. 9-2: Gas Line

Given: Same as Example 8-2.
Gas flows to dehydrator, which operates at 800 psi.
Line is rated for 1,480 psi.

Problem: Choose a line size and wall thickness using B 31.3 and
B31.8.

Solution

Criteria

At this low a pressure, erosional velocity is not important.

Velocity

Maximum velocity occurs at the dehydrator.

Pressure Drop

From Example 8-2 pressure drop in 4-in. line is not acceptable, but is
acceptable in a 6-in. line. This also gives reasonable velocities (between
15 and 60 ft/s).

Use 6-inch XS. Could use 6-inch 0.375 wall if available.
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B31.8

Outside facility:

Use 6-in. std. Could use 6-in. 0.219 wall if available.

Inside facility:

Example No. 9-3: Two-Phase Line

Given: Same as Example 8-3.
Fluid flows to separator, which operates at 800 psi.
Line is rated for 1,480 psi.

Problem: Choose a line size and wall thickness using B 31.3 and
B31.8.

Solution

Criteria

Critical condition occurs at lowest pressure but for computing Ve use
900 psi to be conservative.

pm = 6.93 lb/ft3 from Example 8-3.
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c
80

100
120
140

ve
30.4
38.0
45.6
53.2

Minimum ID

Z = 0.67 (from Chapter 3)

V
10
15
38
46
53

ro^
7.9
6.5
4.1
3.7
3.4

Pressure Drop

From Example 8-3 a 4-in. line is not acceptable, a 6-in. line is margin-
al and an 8-in. line is probably okay.

Use 8-in. XS. Could use 8-in. 0.438 wall if available.
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Use 8-inch, 0.277 wall. With a slight deration, one could use an 8-
inch, 0.250 wall.

Inside facility:

Use 8-in. std. One could use an 8-in., 0.312 wall if available.

REFERENCES

1. Svedeman, Steven J. "Experimental Study of the Erosional/Corrosion-
al Velocity Criterion for Sizing Multiphase Flow Lines," Submitted to
American Petroleum Institute, 1993.

2. Wicks, Moye, "Transport of Solids at Low Concentrations in Horizon-
tal Pipes," Advances in Solid-Liquid Flow in Pipes and its Application,
Iraj Zandi, Pergamon Press, 1971.



CHAPTER

10

Pumps *

INTRODUCTION

Pumps are used in production facilities to move liquid from a low
pressure or low elevation location to one of a higher pressure or eleva-
tion. Wherever possible it is usually advantageous to locate equipment
and select operating pressures in such a manner as to minimize the need
for pumping or to minimize the volume for pumping. For example, if
produced water is to flow from a CPI to a flotation unit, it is beneficial
to locate the flotation unit at a lower elevation and remove the necessity
for pumping.

This chapter discusses the classification of pump types, basic princi-
ples for selecting pumps, and concepts for pump type selection. Subse-
quent chapters discuss in more detail the various types of centrifugal and
reciprocating pumps and the details of their construction.

PUMP CLASSIFICATION

Pumps are classified as either "kinetic" or "positive displacement"
pumps. In a kinetic pump, energy is added continuously to increase the
fluid's velocity within the pump to values in excess of those that exist in

*Reviewed for the 1998 edition by Kirk L. Trascher of Paragon Engineering Services,
Inc.
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the discharge pipe. Passageways in the pump then reduce the velocity
until it matches that in the discharge pipe. From Bernoulli's law, as the
velocity head of the fluid is reduced, the pressure head must increase.
Therefore, in a kinetic pump the kinetic or velocity energy of the fluid is
first increased and then converted to potential or pressure energy. Almost
all kinetic pumps used in production facilities are centrifugal pumps in
which the kinetic energy is imparted to the fluid by a rotating impeller
generating centrifugal force.

In a positive displacement pump the volume containing the liquid is
decreased until the resulting liquid pressure is equal to the pressure in the
discharge system. That is, the liquid is compressed mechanically, causing
a direct rise in potential energy. Most positive displacement pumps are
reciprocating pumps where the displacement is accomplished by linear
motion of a piston in a cylinder. Rotary pumps are another common type
of positive displacement pump, where the displacement is caused by cir-
cular motion.

CENTRIFUGAL PUMPS

Centrifugal pumps are classified as either radial flow or axial flow.
Figure 10-1 shows a radial flow pump. Flow enters the center of the
rotating wheel (impeller) and is propelled radially to the outside by cen-

Figure 10-1. Radial flow pump.
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trifugal force. Within the impeller the velocity of the liquid is increased,
and this is converted to pressure by the case.

A typical axial flow pump is shown in Figure 10-2. Flow is parallel to
the axis of the shaft. A velocity is imparted by the impeller vanes, which
are shaped like airfoils.

Most pumps are neither radial flow nor completely axial flow but have
a flow path somewhere in between the two extremes. Radial flow pumps
develop a higher head per stage and operate at slower speeds than axial
flow pumps. Therefore, axial flow designs are used in very high flow
rate, very low head applications.

Figure 10-3 shows a typical head-capacity curve for a centrifugal
pump. At a constant speed (i.e., rotational velocity), as the head required
to be furnished by the pump efficiency curve. For a given impeller shape,
the efficiency is a maximum at a design throughput rate. As the rate
varies upward and downward from this point the efficiency decreases.

By varying the pump speed the throughput at a given head or the head
for a given throughput can be changed. In Figure 10-4 as the speed
decreases from N\ to N2 to N3, the flow rate decreases if the head
required is constant, or the head decreases if the flow rate is constant.

In most piping systems both the head and the flow rate vary because
the system has its own required pump head for a given flow rate. This
can be seen by the example in Figure 10-5 where the head required by
the system for the pump to provided is merely the friction drop in the
pipeline between points A and B. This is a function of flow rate and can

Figure 10-2. Axial flow pump.
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Figure 10-3. Centrifugal pump performance curves.

Figure 10-4. Effect of pump speed on a centrifugal pump.
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Figure 10-5. System-pump interaction.

therefore be plotted as a "system curve" on the pump-head-flow-rate
curve. For this system, as the pump is speeded up or slowed down a new
equilibrium of head and flow rate is established by the intersection of the
system curve with the pump curve.

Figure 10-6 shows how the throughput can be changed by imposing an
artificial backpressure on the pump. By adjusting its orifice, the control
valve can shift the system curve, establishing new head-flow-rate equi-
libria. As the pressure drop across the control valve increases from APj to
AP2 to AP3 the flow rate through the system decreases from Qi to Q2 to
Q3-

The advantages of centrifugal pumps are:

1. They are relatively inexpensive.

2. They have few moving parts and therefore tend to have greater
onstream availability and lower maintenance costs than positive dis-
placement pumps.

3. They have relatively small space and weight requirements in rela-
tion to throughput.

4. There are no close clearances in the fluid stream and therefore they
can handle liquids containing dirt, abrasives, large solids, etc.
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Figure 10-6. System-pump interaction.

5. Because there is very little pressure drop and no small clearances
between the suction flange and the impeller, they can operate at low
suction pressures (we will define a term, "net positive suction
head," shortly).

6. Due to the shape of the head-capacity curve, centrifugal pumps
automatically adjust to changes in head. Thus, capacity can be con-
trolled over a wide range at constant speed.

Although several impellers can be installed in series to create large
heads, centrifugal pumps are only practical for achieving high pressure
when there are large flow rates. In addition centrifugal pumps have low
maximum efficiencies when compared to reciprocating pumps. Since the
efficiency also declines as the flow rate varies from the design point, in
actual operation, the pump will operate at still lower efficiencies. Effi-
ciencies between 55% and 75% are common.
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RECIPROCATING PUMPS

In reciprocating pumps, energy is added to the fluid intermittently by
moving one or more boundaries linearly with a piston, plunger, or
diaphragm in one or more fluid-containing volumes. If liquid is pumped
during linear movement in one direction only then the pump is classified
"single acting." If the liquid is pumped during movement in both direc-
tions it is classified as "double acting."

Figure 10-7 shows both a single-acting and a double-acting pump. As
the plunger, A, moves to the right in the single acting pump the fluid is
compressed until its pressure exceeds the discharge pressure and the dis-
charge check valve, B, opens. The continued movement of the plunger to
the right pushes liquid into the discharge pipe. As the plunger begins to
move to the left, the pressure in the cylinder becomes less than that in the
discharge pipe and the discharge valve closes. Further movement to the

Figure 10-7a. Double-acting piston pump.

Figure 10-7b. Single-acting plunger pump.
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left causes the pressure in the cylinder to continue to decline until it is
below suction pressure. At this point the suction check valve, C, opens.
As the plunger continues to move to the left the cylinder fills with liquid
from the suction. As soon as the plunger begins to move to the right it
compresses the liquid to a high enough pressure to close the suction
valve and the cycle is repeated. Thus, liquid is discharged only when the
plunger moves to the right.

In a double-acting pump the plunger is replaced by a piston, D. When
the piston moves to the right, the liquid in the cylinder to the right of the
piston, E, is discharged and the cylinder to the left of the piston, F, is
filled. When the direction of the piston is reversed the liquid in F is dis-
charged and the cylinder at E is filled with suction fluid. Thus, liquid is
pumped when the cylinder moves in either direction.

Reciprocating pumps are also classified by the number of cylinders
they have. If the liquid is contained in one cylinder it is called a simplex
pump, two cylinders a duplex, three cylinders a triplex, five cylinders a
quintuplex, seven cylinders a septuplex, and so forth.

The head-flow-rate curve is a nearly straight vertical line. That is, no
matter how high a head is required, the plunger will displace a given vol-
ume of liquid for each rotation. The flow rate through the pump can only
be varied by changing the pump speed. A throttling valve that changes
the system head-flow-rate curve will have no effect on the flow rate
through the pump.

Since the pump will attempt to match whatever system pressure is
required, it is necessary that a relief valve be installed on the pump dis-
charge. This assures that the pump will not overpressure itself or the dis-
charge pipe.

The advantages of reciprocating pumps are:

1. The efficiency is high regardless of changes in required head. Effi-
ciencies on the order of 85% to 95% are common.

2. The efficiency remains high regardless of pump speed, although it
tends to decrease slightly with increasing speed.

3. Reciprocating pumps run at much lower operating speeds than cen-
trifugal pumps and thus are better suited for handling viscous fluids.

4. For a given speed the flow rate is constant regardless of head. The
pump is limited only by the power of the prime mover and the
strength of the pump parts.
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Because of the nature of their construction, reciprocating pumps have
the following disadvantages when compared to centrifugal pumps:

1. They have higher maintenance cost and lower availability because
of the pulsating flow and large number of moving parts.

2. They are poorer at handling liquids containing solids that tend to
erode valves and seats.

3. Because of the pulsating flow and pressure drop through the valves
they require larger suction pressures (net positive suction head) at
the suction flange to avoid cavitation.

4. They are heavier in weight and require more space.

5. Pulsating flow requires special attention to suction and discharge
piping design to avoid both acoustical and mechanical vibrations.

In reciprocating pumps, the oscillating motion of the plungers creates
disturbances (pulsations) that travel at the speed of sound from the pump
cylinder to the piping system. These pulsations cause the pressure level of
the system to fluctuate with respect to time. In order to lessen potentially
damaging pulsations in piping from this pressure fluctuation, pulsation
dampeners may be installed in the suction and/or discharge piping of the
reciprocating pump. Pulsation dampeners are recommended for all major
multi-pump installations, unless computer analog studies indicate that they
are not needed. There are basically four types of pulsation dampeners: liq-
uid-filled, gas-liquid interface, gas-cushioned, and tuned acoustical filter.

Liquid-filled dampeners (Figure 10-8a) are large surge vessels located
close to the pump. The volume of the vessel is normally ten times the
pump throughput per minute. Liquid-filled dampeners are maintenance-
free and incur no pressure drop. They are heavy when filled with liquid,
however, and they tend to require a lot of space.

A gas-liquid interface pulsation dampener (Figure 10-8b) consists of a
vessel that is partially filled with liquid and partially filled with gas. This
pulsation dampener is effective because the high compressibility of the
gas absorbs the pressure pulses. Due to the compressibility of the gas,
these dampeners are much smaller than liquid-filled dampeners. Howev-
er, since the gas could be dissolved slowly in the liquid that is being
pumped, the gas-liquid interface must be monitored. In addition, these
dampeners are impractical at locations where pressures vary widely.

Gas-cushioned pulsation dampeners (Figure 10-8c) use a pressure
bladder to keep gas from being absorbed in the liquid. These dampeners
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Figure 10-8a. Liquid-filled pulsation dampener.

Figure 10-8b. Gas-liquid interface pulsation dampener.

Figure 10-8c. Gas-cushioned pulsation dampener.
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are generally small and inexpensive, but they cannot be used in applica-
tions where temperatures are above 300°F. In addition, like gas-liquid
interface dampeners, these dampeners are impractical at locations where
pressures vary greatly.

Tuned acoustical filters (Figures 10-8d and 10-8e) are generally of two
types: Type I and Type II. In Type I, two liquid-filled dampeners are con-
nected by a short section of small-diameter pipe called a choke tube; in
Type II, the choke tube is installed between the one liquid-filled dampen-
er and the piping system. Both dampening systems are best designed
through the use of digital or analog simulation. Tuned acoustical filters
can suppress pulsations at all frequencies. In addition, they incur low
maintenance costs, and their performance is not affected by temperature.
Still, these filters require ample space and are relatively expensive. They
also require a pressure drop across the choke tube, thereby limiting
applicability in low-NPSH situations.

Figure 10-8d. Type I tuned acoustical filter.

Figure 10-8e. Type II tuned acoustical filter.
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DIAPHRAGM PUMPS

These pumps are a special type of reciprocating pump that utilize the
action of a diaphragm moving back and forth within a fixed chamber.
Sometimes the diaphragm is used to power a reciprocating pump with air
or natural gas. Figure 10-9 shows a typical diaphragm pump where flex-
ure of the diaphragm creates the pumping action. When gas pressure is
applied against either diaphragm it forces liquid out. When the gas is
relieved the diaphragm flexes under the pressure in the suction line and
allows liquid to enter.

The advantages of a diaphragm pump are that it can handle large
amounts of suspended solids, is inexpensive to repair, can handle low
flow rates inexpensively, and can run periodically without any liquid.
However, diaphragm pumps require frequent maintenance because they
are reciprocating pumps and because the diaphragm has a tendency to
fatigue with time. They generally cannot handle very high flow rates, or
discharge pressures. A patent-pending high-pressure diaphragm pump is
currently being offered by a leading diaphragm pump manufacturer.

Figure 10-9. Diaphragm pump.
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Claims of discharge pressures of up to 250 psig (with 80 psig air/gas sup-
ply) have been advertised, and flow rates of up to 96 gpm are reported.
High-pressure output is obtained through the use of a surface area differ-
ential to intensify pressure output. When a diaphragm action is used to
power a reciprocating plunger pump it is possible to handle large dis-
charge pressures, but only if the flow rate is very small. Be careful that
any mixing of power gas and pumped fluid does not create a hazard in
case there is leakage through the diaphragm.

ROTARY PUMPS

These pumps operate by having a rotating member turn inside a hous-
ing in such a way as to create trapped liquid through the pump. Figure
10-10 shows several configurations of rotary pumps. Although these
pumps may look like centrifugal pumps, their action is that of a positive
displacement pump in that the liquid is continually compressed to a high
pressure without first being given a high kinetic energy.

Rotary pumps have the same characteristics as reciprocating pumps,
except that at low speed leakage between the cavities increases. At very
low speeds the reduction in efficiency can be very significant. When
compared to reciprocating pumps, rotary pumps require less space, and
deliver relatively pulsation-free flow. Their main advantage is that unlike
reciprocating and centrifugal pumps, their construction subjects the
pumped fluid to a minimum amount of shear or turbulence. Thus, they
tend to be used in process applications where one of the other pump
types could be expected to shear and disperse one liquid into another
making subsequent treating more difficult.

Their disadvantages are that they have close clearances that require
that the liquids being pumped have a lubricating value, be non-corrosive,
and contain few solids. Therefore, they tend to be limited to relatively
solids-free oil or emulsion streams.

In addition to the standard rotary pumps shown in Figure 10-10, another
type of positive displacement rotary pump exists in which the pump,
motor, and pumped liquid are completely contained within a closed vessel
(Figure 10-11). This type of pump is known as a "canned" rotary pump
since the motor/pump package is contained within the closed vessel, or
"can." This type of pump is essential for pumping toxic liquids, radioactive
waste water, and other liquids that pose serious risks if a shaft seal failure
occurs. Although canned centrifugal pumps have existed for many years,
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Figure 10-10. Typical types of rotary pumps.

Figure 10-11. Canned rotary pump (courtesy of Imo Pump).
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they were inefficient and—in some cases—not able to reasonably handle
more viscous fluids. Today's canned rotary pumps are able to accommo-
date highly viscous fluids. As for pricing, the current canned motor/pump
package compares well with conventional shaft-sealed pumps that are flex-
ibly coupled to standard industrial three-phase AC motors.

MULTIPHASE PUMPS

Multiphase fluids typically produced from an oil well consist of hydro-
carbon liquid, hydrocarbon gas, and an immiscible water phase. These
fluids historically must be processed by a multiphase production system
near the wells. This arrangement is needed because transfer of the multi-
phase fluids is achieved through the use of reservoir energy and, in most
cases, this energy is insufficient to transfer fluids over any considerable
distance. The inherent problem with processing multiphase fluids close
to the wells is the high capital and operating cost experienced (both
onshore and offshore). A solution to this problem is to obtain a pump that
can handle unprocessed multiphase fluids and transport them over con-
siderable distances; the multiphase pump can do this task. This pump is
able to boost the pressure of wellhead fluids over considerable distances
to a central processing facility, thereby eliminating several smaller local
processing facilities. In addition to providing for economic savings from
consolidation of surface and offshore facilities, the use of multiphase
pumps makes the development of satellite fields more economically
attractive. Multiphase pumps also aid in increasing well production rates
by lowering required back-pressure on wells.

Multiphase pumps are applicable in services where the gas volume
fraction (GVF) is as high as 95%. To determine the GVF, divide the actu-
al gas flow rate by the total mixed flow rate. For a GVF above 95%, the
volumetric efficiency decreases, and more fluids (gas) slip back to the
pump inlet. Slower speed and higher pressure boost also increase slip,
and thus decrease volumetric efficiency. A typical twin-screw multiphase
pump is shown in Figure 10-12.

BASIC PRINCIPLES

Head

The pressure that a pump must put out is usually expressed in head, or
the pressure generated by an equivalent height of liquid. The head
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Figure 10-12. A twin-screw multiphase pump (courtesy of Ingersoll-Dresser
Pumps).

required to pump a fluid between two points in a piping system can be
calculated by rearranging Bernoulli's law:

where Hp = head required for the pump, ft
H! = total fluid head (elevation plus pressure plus velocity) at

point 1, ft
H2 = total fluid head at point 2, ft
Hf = head lost due to friction between points 1 and 2, ft

By substituting for each of the terms in total fluid head and rearranging
terms:

where p = density of the fluid, lb/ft3

PI, P2 = pressure, psi
Zb Z2 = elevation, ft
Vi, V2 = velocity, ft/sec

g = 32.2 ft/sec2

In most pumping installations the difference in velocity head can be
ignored. If Equation 10-2 indicates Hp = 0, then the piping is in equilibri-
um and no pump energy is needed to obtain the desired flow. If Hp < 0,
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this means that the system is not in equilibrium and flow will increase,
causing Hf to increase until Hp = 0 and equilibrium is established. If
increased flow is not desirable, a restriction must be placed in the pipe to
cause an artificially high friction drop.

Horsepower

The hydraulic horsepower that must be developed by the pump is
given by:

H D p Q
HHP = p K (10-3)

550

where HHP = hydraulic horsepower where one horsepower equals 550
ft-lb/sec

Hp = pump head, ft
p = density of liquid, lb/ft3

Q = flow rate, ft3/sec

By making the appropriate unit conversions Equation 10-3 may be
expressed as:

(S.G.)q'H0HHP = - - — — 2- (10-4)
3,960

(10-5)
1,714

58,766

where S.G. = specific gravity relative to water
q" = flow rate, gpm

Q! = flow rate, bpd
AP = pressure increase, psi

The input horsepower to the shaft of the pump is called the brake
horsepower, and it is given by:

(10-7)

where BHP = brake horsepower
E = pump efficiency
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Net Positive Suction Head (NPSH)

Each pump requires a certain minimum pressure at its suction flange
to assure that no vapor is flashed between the pump suction and the
cylinder or entrance to the impeller vane. If a lower pressure is supplied,
vapor could be liberated by the liquid in the form of small bubbles that
would then collapse in an "implosion" as the liquid is pressured in the
pump. This is called cavitation and results in noise, vibration, greatly
increased wear, and reduced pressure or throughput capacity.

The definition of NPSH is the net pressure above the vapor pressure of
the liquid being pumped. When a liquid's pressure falls below its vapor
pressure, gas if flashed. Since cavitation is first and foremost the forma-
tion of gas, we can avoid cavitation by assuring that the liquid's pressure
does not drop below its vapor pressure anywhere as it passes through the
pump.

The minimum pressure required at the pump flange is expressed in
feet of liquid and is called the Net Positive Suction Head (NPSH). It is
specified by the manufacturer for each pump. It is determined by measur-
ing the NPSH at the flange, which results in a 3% reduction in through-
put capacity when the pump is handling water at 60°F. When the water is
flowing at a higher temperature or when hydrocarbons are flowing, it is
possible to recalculate the reduced NPSH requirement. Reductions to as
low as 10 ft or 50% of that required for cold water are possible. It should
be remembered that while these reductions are theoretically permissible,
they should not be counted on for most practical design applications
because they are not precise and because they do provide a type of safety
margin to the design.

The required NPSH is higher for reciprocating pumps due to valve and
fluid acceleration losses within the pump. Because the effects of cavitation
can be severe, it is recommended that pumps be specified with a required
NPSH that is 3 to 5 ft less than the NPSH available from the system.

The NPSH available from the system can be calculated from:

where NPSHa = net positive suction head available, ft
Hp = absolute pressure head on surface of liquid in feed

tank, ft
Hvpa = absolute vapor pressure of liquid at flow conditions, ft

Hst = static head of inlet above pump centerline, ft
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Hf = friction head loss, ft
Hvh = velocity head, ft

= Xl'
~ 2 g

Ha = acceleration head, ft

The relationship between Hp and Hvpa depends upon the process condi-
tions to which the liquid has been subjected. In most oilfield processes
the liquid has always been in equilibrium with a gas phase and no matter
what the pressure is on the surface of the feed tank any lowering of pres-
sure would cause gas to flash. Thus, in these cases Hp = Hvpa. In some
instances the liquid has already been flashed at a lower pressure and the
process has kept gas from being redissolved in the liquid when the pres-
sure is increased. In these cases Hp > Hvpa.

The velocity head is normally small in relation to the other factors and
can be ignored. The friction head loss can be calculated from pressure
drop considerations. The acceleration head is zero for centrifugal pumps.
For reciprocating pumps it can be calculated from:

where L = actual length of suction pipe, ft
V = average liquid velocity, ft/sec

Rp = pump speed, rpm
C = pump type factor

= 0.200 simplex double-acting
= 0.200 duplex double-acting
= 0.115 duplex single-acting
= 0.066 triplex
= 0.040 quintuplex
= 0.028 septuplex

K = compressibility factor
= 1.4 no compressibility
= 1.5 amine, lean glycol, produced water
= 2.0 crude oil
= 2.5 relatively compressible liquids (e.g., hot oil, ethane)
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BASIC SELECTION CRITERIA

In order to make a selection of the pump required for a specific instal-
lation it is necessary to first determine the desired flow rate or head. The
NPSH available should be determined, and if a centrifugal selection is
possible, a system head-flow-rate curve should be developed.

Figure 10-13. Guide for selecting the most economical pump.
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Generally, positive displacement pumps are better suited for high head
and low flow-rate applications. Figures 10-13 and 10-14 can be used as
guides for the type of pump that will probably be found to be most eco-
nomical. Naturally, the economics and thus the choice of pump type will
vary from installation to installation. Figures 10-13 and 10-14 should be
used merely to provide general guidance and not to justify any one spe-
cific decision.

In choosing a pump type it is necessary to consider the physical con-
straints of the system. Space availability or weight limitations may dictate
a centrifugal or rotary pump; the need to pump solids may dictate a cen-
trifugal or rotary pump; the need to pump solids may dictate a centrifugal
or diaphragm pump; and the need to run dry may dictate a diaphragm
pump. Where discharge pressures vary over a large range, but flow must
remain constant, a positive displacement pump is probably a good choice.

In many high-head applications requiring a reciprocating pump the
NPSH available may not be sufficient for a straightforward pump choice.

Figure 10-14. Pump selection guide (from Gas Processors Suppliers Association).
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In these cases low NPSH centrifugal pumps are sometimes used as
"charge" pumps to feed the suction of the reciprocating pump.

The number of pumps required for a given installation depends on a
balance of capital cost and operating flexibility. For most small installa-
tions a choice must be made whether the cost of a standby pump is justi-
fied by the potential foregone income if the pump must be shut down for
maintenance. On larger installations several other alternatives should be
investigated. These could include:

1. One pump rated at 100% throughput.

2. Two pumps rated at 100% throughput each (one pump is standby).

3. Two pumps rated at 50% throughput each (if one pump is down,
throughput is decreased to 50% of design).

4. Three pumps rated at 50% throughput each (two operate, one is
standby).

5. Three pumps rated at 33% throughput each.

In making the selection it is important to consider the actual through-
put requirements over the life of the installation and not merely the
peak design throughputs. Finally, the choice should consider the avail-
ability of spare parts and service at the location and the preferences of
operating personnel.



CHAPTER

11

Centrifugal
Pumps *

INTRODUCTION

This chapter discusses practical aspects of centrifugal pump selection.
It covers the main operating characteristics that affect these pumps' per-
formance. Also covered are topics such as multiple pump installations,
specific speed, the generic types of centrifugal pumps in common oilfield
use, the differences between the ANSI and API standards, bearing, seal
and wear ring options, and installation considerations. The purpose of
this chapter is to familiarize the project engineer with the major options
and choices available. There is much more detail that could be written
about centrifugal pump design and selection of manufacturing detail. On
large complex installations this is best left to a mechanical engineer who
is knowledgeable in this area and aware of the current specific detail dif-
ferences between manufacturers. However, the information in this chap-
ter should provide the information that the project engineer must know if
he is going to analyze vendor proposals on simple jobs, or communicate
effectively with mechanical engineers on more complex installations.

*Reviewed for the 1998 edition by Fernando C. De La Fuente of Paragon Engineering
Services, Inc.
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MULTIPLE PUMP INSTALLATIONS

In designing multiple centrifugal pump installations it is necessary to
keep in mind the interaction between the pump curves and the system
curve. That is, throughput cannot be doubled by adding an identical pump
in parallel, and head is not doubled by adding an identical pump in series.

The effect of adding two identical pumps in parallel can be seen in
Figure 11-1. Curve A is the pump curve for one pump. Curve B is con-
structed by doubling the flow rate at a given head to show how the
pumps behave in parallel operation. Curve C shows a system curve
where the addition of the second pump adds only about 50% to system
throughput. Curve D shows a steeper system curve where the system
throughput is only increased about 20%.

Figure 11-2 shows the effect of installing two pumps in series. Curve
A is the head-flow-rate curve for one pump. The combined curve for both
pumps, B, is constructed by doubling the head of Curve A at each value
of flow rate. The benefit of the additional pump can be seen by inspect-
ing the intersection of the system curves, C and D, with the pump curves.

The choice of whether to add an additional pump in series or in paral-
lel is illustrated by Figure 11-3. If the system curve is shallow, more
throughput is obtained from parallel operation. If the system curve is
steep, more throughput can be obtained by series installation.

Figure 11-1. Two identical pumps in parallel.
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Figure 11 -2. Two identical pumps in series.

Figure 11 -3. Series vs. parallel operation.
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PUMP SPECIFIC SPEED

In comparing similar centrifugal pumps it is often useful to use a para-
meter called specific speed. For similar designs major pump dimensions
are proportional to specific speed. Thus, if the performance curve is
known for one pump, it can be estimated for another pump of similar
design but different impeller diameter.

The specific speed is given by the following formula:

where Ns = pump specific speed
Rp = pump speed, rpm
q' = flow rate, gpm

Hp = pump head, ft

A pump's specific speed is always calculated at its point of maximum
efficiency. It is not a dimensionless number, so that it is critical that the
units used in calculating the specific speed be known.

Specific speed is used by pump designers to help determine the
required impeller geometry. The lower the specific speed, the more the
impeller shape will approach true radial flow. The higher the specific
speed, the more closely the impeller needs to approach true axial flow.

Specific speed is also useful in estimating maximum attainable pump
efficiency. This is done from Figure 11-4, which is published by the
Hydraulic Institute. This figure is useful to help estimate brake horse-
power and to help validate vendor's quoted efficiencies.

CODES AND STANDARDS

The two common codes used for centrifugal pumps are API-610 "Cen-
trifugal Pumps for General Refinery Services" and ANSI B73.1 "Specifica-
tions for Horizontal, End Suction Centrifugal Pumps for Chemical
Process." The API is more stringent in design requirements and quality con-
trol and is normally used for critical services where reliability is important.

Table 11-1 shows a comparison of some of the major requirements of
these two standards. It can be seen that the API requirements are more
stringent. ANSI pumps, or "ANSI type" pumps for pressure ratings in
excess of the 150 Class, are less expensive and much more readily avail-



Centrifugal Pumps 359

Figure 11 -4. Maximum pump efficiency.

able. Wherever service conditions allow, considerable savings and time
are possible by specifying an ANSI pump.

GENERIC TYPES OF CENTRIFUGAL PUMPS

Centrifugal pumps are separated into generic types according to their
physical construction, number of impellers, or the standard under which
they are constructed. The common types and their applications are
described below:

ANSI Pump (Figure 11-5)

Description

Mounting = Horizontal

Casing split = Radial

Impeller type = Radial

Mounting feet = Bottom of pump casing

No. of stages = Single
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Table 11-1
Comparison of API and ANSI Pump Standards

Pressure
Rating

Pump Casings

Impellers

Wear Rings

Mechanical Seals
Shaft Critical

Speed

Bearings

Baseplates

Testing

API -6 10

• All pressures and tempera-
tures normally encountered

• ASME Section VIII, Div. 1
• Carbon or alloy steel re-

quired in flammable or
toxic service

• Single piece castings
• Secured to shaft with a key
• Minimum hardness of 400

BHN or hardness differ-
ence of 50

• Required
• Lateral critical speed

greater than 120% of
maximum pump speed

• Three-year life for ball
bearings

• Hydrodynamic and thrust
bearings where bearing
diameter (mm) X pump
rpm > 300,000 or, pump
rated hp X pump rpm >
2.7 X 106

• Drip lip or drain pan
required

• Adequate to limit shaft
displacement at coupling
to 0.005 in.

• Hydrostatic test to 1 .5
times allowable casing
pressure for 30
minutes

• Performance test required

ANSI B73.1

• ANSI Class 150 and tempera-
tures up to 500°F

• Ductile iron, carbon steel
or alloy steel required
for flammable or toxic
service

• May be keyed or threaded
to shaft

• No requirements

• No requirements
• No requirements

• Ball bearings with two-
year life

• No requirements

• Hydrostatic test to 1 .5 times
allowable casing pressure for
10 minutes

• No performance test required

Applications

Flow conditions: Low head, moderate flow rate

Service rating: Non-critical

Typical uses: 1. Service water

2. LACT charge pump

3. Oil transfer
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Figure 11-5. ANSI pump (courtesy of Goulds Pump, Inc.).

Single-Stage API Pump (Figure 11 -6)

Description

Mounting = Horizontal

Casing split = Radial

Impeller type = Radial

Mounting feet = Centerline of pump casing

No. of stages = Single
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Figure 11-6. Single-stage API pump (courtesy of Bingham-Williamette Pumps, Inc.).

Applications

Flow conditions: Low head, moderate flow rate, high temperature

Service rating: Critical

Typical uses: 1. Hot oil pumps

2. Rich oil pumps

3. Raw products pumps

Vertical In-Line Pump (Figure 11 -7)

Description

Mounting = Vertical, in-line with piping

Casing split = Radial

Impeller type = Radial

Mounting feet = None

No. of stages = Single
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Figure 11-7. Vertical in-line pump (courtesy of Goulds Pump, Inc.).

Applications

Flow conditions: Low head, moderate flow rate

Service rating: Non-critical

Typical uses: 1. Service water

2. LACT charge pump

3. Oil transfer
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API Multistage Split Case Pump (Figure 11 -8)

Description

Mounting = Horizontal

Casing split = Axial

Impeller type = Radial

Mounting feet = Centerline of pump casing

No. of stages = Multiple

Applications

Flow conditions: High head and flow rate, high specific gravity

Service rating: Critical

Typical uses: 1. Pipeline booster

2. Water flood

3. Hot oil pumps

API Barrel Pump (Figure 11-9)

Description

Mounting = Horizontal

Casing split = Radial

Figure 11 -8. API multistage split case pump.
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Figure 11 -9. API—barrel pump (courtesy of Bingham-Williamette Pumps, Inc.).

Impeller type = Radial

Mounting feet = Centerline of pump casing

No. of stages = Multiple

Applications

Flow conditions: High head and flow rate, all specific gravities

Service rating: Critical

Typical uses: 1. Pipeline booster

2. Water flood

3. Lean oil pumps

Sump Pump (Figure 11-10)

Description

Mounting = Vertical

Casing split = Radial

Impeller type = Radial

Mounting feet = Mounting plate

No. of stages = Single



366 Design of OIL-HANDLING Systems and Facilities

Figure 11-10. Sump pump (courtesy ofAfton
Pumps, Inc.).

Applications

Flow conditions: Low head and moderate flow rate

Service rating: Non-critical

Typical uses: Primarily used to pump water or hydrocarbons
from shallow pits or compartments

API Vertical Turbine or Can Pump (Figure 11-11)

Description

Mounting = Vertical

Casing split = Radial

Impeller type = Mixed or radial

Mounting feet = Mounting plate

No. of stages = Multiple

Applications

Flow conditions: High head and high flow rate, low NPSH available
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Figure 11 -11. API vertical turbine or can
pump (courtesy of Hydraulic Institute).

Service rating: Critical

Typical uses: 1. Firewater pump offshore

2. Pipeline pump

Submersible Pump (Figure 11-12)

Description

Mounting = Vertical

Casing split = Radial

Impeller type = Radial

Mounting feet = Mounting plate

No. of stages = Multiple

Applications

Flow conditions: High head and moderate flow rate, low NPSH available

Service rating: Critical
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Figure 11-12. Submersible pump (courtesy of
Bryan Jackson, Inc.}.

Typical uses: 1. Firewater pump offshore

2. Downhole in well

BEARINGS, SEALS, AND WEAR RINGS

Bearings

Ball bearings transmit a load from a rotating surface to a fixed surface
via a series of rotating balls. They are generally inexpensive, do not
require any separate lubrication system, and can be designed to be self-
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aligning. However, they have limited ability to handle thrust, high loads,
or high speeds.

Roller bearings transmit load from a rotating surface to a fixed surface
via a series of rotating cylinders. They have high thrust capability, and do
not require any separate lubrication system. However, like ball bearings
they have a limited load/speed capability.

Hydrodynamic sleeve bearings (journal bearings) transmit the load
through a thin oil film between a rotating shaft and a fixed bearing sur-
face. They are particularly well suited for high load/speed applications.
API 610 requires them on all barrel pumps when the product of the bear-
ing diameter in millimeters times the pump speed in rpm exceeds
500,000 or when the product of pump rated horsepower and pump rpm
exceeds 5.4 million. Sleeve bearings have long lives because there is no
rubbing between surfaces and they provide some degree of vibration
dampening. However, they require a continuous, contaminant-free oil
system and have no thrust capability.

Hydrodynamic thrust, or Kingsbury bearings, are the most expensive.
The load is transmitted through a thin oil film between a rotating shaft
and a fixed bearing surface that consists of multiple pads that tilt. These
bearings have all the advantages of sleeve bearings, but in addition they
have high thrust loading capability.

Seals

Seals are necessary to prevent leakage at the point where the shaft
enters the pump case. The most inexpensive seal is made of packing
material that acts as a pressure breakdown device. Packing must be flexi-
ble and capable of being compressed for proper operation. Packing mate-
rial may be made of flexible metallic strands with graphite or oil lubri-
cant impregnation. Asbestos is another material that was common in the
past, and though its use has decreased, there are applications where
asbestos is the only choice, especially in very-high-temperature service.
Besides low cost, packing has the advantage of being easy to replace.
However, it has the disadvantages of requiring both some small leakage
rate for proper operation, and continuous adjustment as it wears. Packing
is generally limited to water service where leakage can be tolerated.

Mechanical seals provide a continuous contact between two flat seal-
ing surfaces located on a plane perpendicular to the shaft centerline as
shown in Figure 11-13. They have the advantage of essentially eliminat-
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Figure 11-13. General mechanical seal arrangement (courtesy of API).
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ing the leakage rate under normal conditions, requiring less frequent
adjustment and maintenance, and no run-in time. Besides higher initial
and operating costs than packing, they have the disadvantage that when
failure occurs it tends to be swift and with large leakage.

There are several types of mechanical seal arrangements. Unbalanced
seals are used for pressures less than 150 psi. Balanced seals are used for
pressures in excess of 50 psi.

A throttle bushing is a restrictive bushing or sealing device designed to
limit flow out of the seal in the event of failure. Since a leaking seal will
increase pressure between the seal and throttle bushing, throttle bushings
are used whenever a seal failure alarm is required.

Tandem seals are used in critical service where leakage due to seal
failure must be prohibited. They are constructed of two seal assemblies
acting in series and separated by a buffer fluid at less pressure than the
sealing pressure. Should the primary seal fail, the pressure or reservoir
level in the buffer fluid system would increase, triggering an alarm.
There is normally a throttle bushing and alarm downstream of the sec-
ondary seal to provide warning of secondary seal failure as well.

Double seals are used in toxic services where a pressurized clean seal
fluid is designed to leak into the lower pressure process should there be a
failure in the primary seal. A throttle bushing and alarm downstream of
the seal between the clean fluid and the atmosphere is normally installed
to warn of failure of this seal.

In order to clarify seal type descriptions with a concise and brief tech-
nique an API Seal Classification Code is used. It is a five-letter code
described by:

First Letter B = Balanced

U = Unbalanced

Second Letter S = Single

D = Pressurized dual (double)

T = Unpressurized dual (tandem)

Third Letter P = Plain end plate seal gland

T = Throttle bushing seal gland

Fourth Letter Gasket material, see Table 11-2

Fifth Letter Face material, see Table 11-3
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Table 11-2
Fourth Letter of Mechanical Seal Classification Code

Fourth Letter

E
F
G
H
I
R
X
Z

Stationary Seal Ring Gasket

FKM
FKM
PTFE
Nitrile
FFKM

Graphite Foil
As Specified
Spiral Wound

Seal Ring to Sleeve Gasket

PTFE
FKM
PTFE
Nitrile
FFKM

Graphite Foil
As Specified
Graphite Foil

FKM—Fluoroelastomer, such as DuPont Viton
PTFE—Polytetrafluoroethylene, similar to DuPont Teflon
Nitrile—B.F. Goodrich Hycar, Buna N or similar
FFKM—Perfluoroelastomer such as DuPont Kalrez

Table 11-3
Fifth Letter of Mechanical Seal Classification Code

Fifth Letter

L
M
N
O
P
X

Sealing Ring Face Material
Ring 1 Ring 2

Carbon
Carbon
Carbon

Tungsten Carbide 2
Silicon Carbide

As Specified

Tungsten Carbide 1
Tungsten Carbide 2

Silicon Carbide
Silicon Carbide

For example, a BTPFL seal is a balanced, tandem seal with plain end
plate, fluoroelastomer "O" rings, a carbon steel seal ring, and a tungsten
carbide-1 mating seal ring.

API 610 establishes standard piping systems for mechanical seals.
These systems provide a flushing fluid across seal faces, establish flow
paths for various seal configurations and establish location for compo-
nents (e.g., coolers, reservoirs, pressure switches).

Table 11-4 is a general guide to seal usage to provide a starting point
for making a cost-benefit decision for any installation.

Wear Rings

These are easily renewable leakage seals between the impeller or shaft
and casing designed to prevent leakage from high pressure to low pres-
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Table 11-4
Seal Usage Guide

Service

Water

Hydrocarbons —
lease facilities

Hydrocarbons —
major installations
and plants

Toxic fluids

Pressure
psi

<100
>100

<100
100 to 500
>500 psi

<100

>100

All

Seal System

Packing
Balanced mechanical seal

Mechanical seal
Balanced mechanical seal
Balanced tandem seal

Mechanical seal with
throttle bushing
Balanced tandem seals
with throttle bushing
Double balanced seal
with throttle bushing

Seal Piping
Plans

Plan 12 or 13

Plan 12 or 13
Plan 12 or 13
Plan 12 or 13

with 52

Plan 12 or 13

Plan 12 or 13
with 52

Plan 12 or 13
with 52

sure areas. They require a difference in hardness to avoid galling, and in
sandy service a flushing fluid for cleaning.

INSTALLATION CONSIDERATIONS

Figure 11-14 shows a typical mechanical flowsheet for two centrifugal
pumps installed in parallel. It is presented to illustrate some of the con-
siderations necessary for a good pump installation. Every installation has
different objectives and very few will be exactly like this one.

The suction piping is sized for about 2-3 ft/sec and the discharge pip-
ing for about 5-6 ft/sec. Although suction and discharge velocities are
not as critical for centrifugal pumps as for reciprocating pumps, field
experience indicates lower maintenance when the velocities are kept
below this range.

Each pump has isolation valves to enable it to be maintained while the
other is running. Because of the possibility that a discharge valve could be
left open while a suction valve is closed, the suction line up to and includ-
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Figure 11-14. Typical mechanical flowsheet for two centrifugal pumps installed in
parallel.

ing the block valve should be rated for discharge pressure. As an alterna-
tive, a relief valve could be installed in each pump's suction piping.

A check valve is installed in each pump's discharge to prevent
reverse rotation of the pump when it is not operating and its isolation
valves are open.

A throttling valve (FCV) is installed to control flow without having to
start and stop the pumps. It is also possible to start and stop one or both
pumps based on level in the feed tank or to use a variable speed driver to
control pump speed on level. Since it is possible for the throttling valve
to close or for a pump to be started with a blocked discharge, a minimum
flow bypass with an orifice (RO) sized to provide sufficient flow to avoid
overheating the pump is installed. The bypass is piped back to the tank
for further cooling, but this requires a valve on the bypass line that could
be left closed, and it does not protect the pump from a closed suction
valve. It would be possible to protect against these problems by piping
the recycle directly back to the pump suction. The drawback of this type
of bypass is that with the short loop from discharge to suction, the liquid
will eventually overheat. The continuous bypass effectively reduces the
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efficiency of the pump. On large installations it could be attractive to
install a pressure control valve on the pump discharge that would only
bypass liquid when the pump discharge pressure approached the shut-in
pressure. There is much debate on which scheme to use.

It is common to install low- and high-pressure switches in the dis-
charge line (PSHL). The low-pressure switch usually has a delay for
start-up. If the pump starts against a closed valve, the pressure will reach
the high setting, and the switch will shut the pump down and trigger an
alarm that indicates the reason for the shutdown. If the suction valve is
closed, the pump pressure will remain low until the low-pressure switch
delay expires, and the pump will be shut down. If a large leak develops
in the piping downstream of the pump and the pressure drops below the
normal operating range, the low-pressure switch will sense the abnormal
pressure and shut-in the pump.

The pump is provided with vent and drain connections and a cone-type
strainer (SP-1) for startup. Piping must be arranged to allow removal and
replacement of the strainer and to allow easy access to the pump for
maintenance.



CHAPTER

12

Reciprocating
Pumps *

INTRODUCTION

This chapter presents more information on the specification details
for reciprocating pumps than was included in Chapter 10. There is no
need to discuss head-flow-rate curves for reciprocating pumps, since the
flow-rate is merely a function of pump speed and is not dependent on
head. Reciprocating pumps operate independently of the system curve
(as long as they are mechanically able to meet system pressure). Thus
two identical reciprocating pumps in parallel will pump twice the flow
of one pump.

First, we will discuss design concepts for minimizing vibrations
caused by pulsating flow, then we will discuss specifics about bearings,
valve and packing selection, and some of the major provisions of the
API standard for reciprocating pumps. Finally we will discuss piping
hookup details.

*Reviewed for the 1998 edition by Jim Cullen of Paragon Engineering Services, Inc.
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CONTROLLING PULSATING FLOW

Suction and Discharge Piping

It is absolutely imperative that the suction piping be sized to assure
that the NPSH available exceeds the NPSH required by the pump. Often,
this can be arranged by elevating the suction tank or by providing a low-
head centrifugal charge pump to feed the reciprocating pump. If the
NPSH available is too low, valve breakage and pump maintenance costs
will be excessive.

If two or more pumps are installed in parallel it is best to install sepa-
ration suction lines between the tank and the individual pumps. However,
in most cases this is not practical and the suction lines are manifolded
together. If this is done, the lines should be sized so that the velocity in
the common feed line is approximately equal to the velocities in the lat-
eral lines feeding the individual pumps. This avoids abrupt velocity
changes and minimizes acceleration head effects.

The suction and discharge piping should be short with the minimum
number of elbows and fittings. Where possible, pipe should be laid out
using 45° ells for elevation and plan changes rather than 90° ells. Pipe
diameter changes should be made with eccentric reducers with the flat
side up to eliminate gas pockets.

Table 12-1 lists some suggested maximum flow velocities for sizing suc-
tion and discharge piping for reciprocating pumps. A low flow velocity for
the suction piping is particularly important. Some operators tend to use
maximum velocities of one foot per second no matter what the pump speed.

Table 12-1
Maximum Suction and Discharge Pipe

Velocities for Reciprocating Pumps

Pump Speed
rpm

<250
250-330

>330

Suction Velocity
ft/sec

2
1.5
1

Discharge Velocity
ft/sec

6
4.5
3

Pulsation Dampeners

In many instances where the sizing recommendations previously dis-
cussed are used, there is not need to install dampeners to reduce liquid
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pulsations. However, in most instances, it is possible to further reduce
pulsations and thus reduce pump maintenance costs and piping vibration
with the use of pulsation dampeners. Dampeners are recommended for
all major multipump installations, unless computer analog studies indi-
cate that they are not needed. In many instances it is cheaper to install the
dampeners than to perform the detailed engineering studies to prove that
they are not needed. Dampeners can be either liquid-filled, gas-cush-
ioned, or tuned acoustically as shown in Figure 12-1.

A liquid-filled dampener is merely a large surge vessel located close to
the pump. It uses the compressibility of the liquid itself to absorb pres-
sure pulsations and thus works better on gaseous liquids (e.g., hydrocar-
bons, rich glycol) than on relatively gas-free liquids. The volume of the
vessel is normally recommended to be ten times the pump displacement
(volume per minute). Thus, for single acting pumps:

Figure 12-1. Typical pulsation dampeners.
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where Vol= volume of surge tank, ft3

Q! = flow rate, bpd

Derivation of Equation 12-1

Vol is in ft3, Ch in bpd, Q in ft3/sec

Vol = (10)(Displacement)

Displacement = (60) Q

Liquid-filled surge vessels are maintenance-free and have a negligible
pressure drop associated with them. However, they tend to take up a
large amount of space and are heavy due to the weight of liquid. Since
the vessels must be rated for the same pressure as the pipes to which they
are attached, they are expensive. Figure 12-2 shows an installation for a
quintuplex pump with liquid surge suction and discharge dampeners.

Figure 12-2. Quintuplex pump with
liquid surge suction and discharge
dampeners.
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Typical gas-cushioned dampeners are shown in Figure 12-3. The sim-
plest type is merely a surge bottle with a gas-liquid interface. The high
compressibility of the gas provides absorption of the pressure pulses. The
gas in the vapor space is normally natural gas, which over a period of
time can dissolve in the liquid. Conversely, it is also possible for gas to
flash from the liquid being pumped. Thus, a level gauge is installed so
that the interface position can be observed and either more gas added or
excess gas vented to maintain the required gas volume.

The required gas volume is given by:

where (Vol)g = required gas volume, gal
K= pump constant from Table 12-2
s = pump stroke, in.
d = pump piston or plunger diameter, in.
P = average fluid pressure, psi

AP = allowed pressure pulsation, psi

Table 12-2
Constant for Gas-Cushion Design

Pump Type

Simplex
Simplex
Duplex
Duplex
Triplex
Triplex
Quintuplex
Quintuplex
Septuplex
Septuplex

Action

Single
Double
Single
Double
Single
Double
Single
Double
Single
Double

K

0.67
0.55
0.55

0.196
0.098
0.196
0.030
0.060
0.017
0.034

The allowable pressure pulsation amplitude is somewhat arbitrary.
Figure 12-4 can be used as an estimate if other information is not readi-
ly available.

Gas-cushioned dampeners are much smaller than liquid-filled dampen-
ers but require monitoring of the interface. They have the drawback of
not being practical in locations where the discharge pressure varies wide-
ly and the gas volume expands and contracts in response.
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Figure 12-3. Typical gas-cushioned dampeners.

Figure 12-4. Approximate allowable pressure pulsations.
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Most gas-cushioned dampeners employ a pressurized bladder to keep
the gas from being absorbed in the liquid. They can have a configuration
such as that shown in Figure 12-3, or the bladder can be in the shape of a
cylinder such as the in-line bladder of Figure 12-5. The use of diverters
in appendage-type dampeners or in-line configurations aids in attenuat-
ing high-frequency pulsations.

The size of the gas volume depends upon the bladder properties and
configuration of the design. For approximating purposes, Equation 12-2
can be rewritten:

where Pc = bladder precharge pressure, psi

The bladder precharge pressure is normally set at 60-70% of average
fluid pressure. Bladder type desurgers have the disadvantage that the
elastomer can eventually wear out and need to be replaced, and is limited
to applications below about 300°F. However, they are normally an eco-
nomical solution and are in common use where it is not expected that fre-
quent attention will be paid to the gas-liquid interface.

Figure 12-5. In-line desurger.
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Tuned acoustical dampeners are formed when two liquid-filled vessels
are connected by a short section of small diameter pipe called a choke
tube. This system can be designed to have a specific resonant frequency.
Pressure pulsations at frequencies above this level are attenuated consid-
erably. They are excellent for high-frequency pulsations, can be used in
high-temperature situations, and are essentially maintenance free. How-
ever, they have the disadvantages of high cost, they take up a lot of
space, and have a relatively high pressure drop through the choke tube
when compared to the other alternatives. For this reason they are not nor-
mally used on suction lines where NPSH may be a problem. Figure 12-6
shows a pump installation with an appendage bladder dampener on the
suction and a tuned acoustical filter on the discharge. The pressure vessel
contains two sections, one above the other, with a choke tube connecting
them internally.

An extremely efficient type of dampener can be made by connecting
two gas cushion dampeners in series with a short run of pipe that acts as
a choke tube. The gas-cushion dampeners attenuate low-frequency pulsa-
tions and the choke tube arrangement serves to alleviate high-frequency
pulsations. Most installations do not require this complexity.

Figure 12-6. Pump with an appendage bladder dampener on the suction and a
tuned acoustical filter on the discharge.
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The design of acoustical filters is best done on computer analogs and
is beyond the scope of this text.

Pipe Vibrations

To minimize pipe vibrations it is necessary to design pipe runs so that
the "acoustic length" of the pipe run does not create a standing wave that
adds to the pressure pulsations in the system. The acoustic length is the
total overall length from endpoint to endpoint including all elbows,
bends, and straight pipe runs. Typical pipe runs with respect to acoustic
length are considered to be:

1. Pipe length from suction tanks to the pump suction.

2. Long pipe sections between pump and pulsation dampener.

3. Pipe section between pump and manifold.

Piping should be designed so that piping runs with "similar" ends
should not equal 0.5A,, A,, 1.5X,, 2A-, . . . . where A, is the acoustic wave-
length. Pipe runs with "dissimilar" ends should not equal 0.25A, 0.75A-,
1.25 A, 1.75 A , . . . .

The ends of pipe runs are considered similar if both are either open or
closed from an acoustic standpoint. They are dissimilar if one is open and
one is closed. Examples of end classifications are:

1. If pipe size is dramatically reduced, it tends to act as a closed end.

2. Orifice plates act as closed ends.

3. Short-length flow nozzles act as closed ends.

4. Abrupt pipe diameter enlargements act as open ends.

5. Pipe tees presenting an increase in flow area (such as a tee with
three equal legs) act as open ends.

6. Pipe size changes that occur smoothly over a pipe length corre-
sponding to several pipe diameters do not act as a termination.

The acoustic wavelength is given by:

where B! = bulk modulus of the fluid, from Figure 12-7, psi
g = 32.2 ft/sec2
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p = fluid density, lb/ft3

rpm = pump speed
n = number of plungers

It is also desirable to assure that the natural frequency of all pipe spans
is higher than the calculated pump pulsation frequency to minimize
mechanical pipe vibrations. The pump pulsation frequency is given by:

where fp = pump pulsation frequency, cycles/sec

The natural frequency of pipe spans can be estimated from Figure 12-
8. Normally, if the pipe support spacing is kept short, the pipe is securely
tied down, the support spans are not uniform in length, and fluid pulsa-
tions have been adequately dampened, mechanical pipe vibrations will
not be a problem.

Figure 12-7. Adiabatic bulk modulus vs. API gravity.
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Figure 12-8. Natural frequency of pipe spans (courtesy of Southwest Research
Institute).
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BEARINGS, VALVES, AND PACKING

Bearings

The bearing locations in a typical horizontal plunger pump are shown
in Figure 12-9. Bearings can be either ball, roller, or journal depending
upon the manufacturer's design. The advantages and disadvantages of
each type are discussed in Chapter 11.

Valves

The various types of valves are shown in Figure 12-10. Plate, wing
and plug valves are normally limited to clean fluids because of the flow
pattern through the open valve. There tends to be a much more immedi-
ate increase in flow area when a ball valve first begins to open. Slurry
valves have hardened inserts to provide a longer lasting seal.

Packing

Packing is made from metallic strands with graphite or oil impregna-
tion and is used to seal the location where the plunger or piston rod
enters the fluid cylinder. Packing is either square cut or chevron in design
as shown in Figure 12-11.

Square-cut packing is less expensive, and easier to repair. However, it
requires continuous adjustment of the gland as the packing wears and is
not recommended when solids are present in the fluid. Chevron packing
is self-adjusting as the packing wears and has less leakage associated
with it. The spring provides a cavity for injection of clean seal fluids in
dirty service. However, chevron packing can reduce volumetric efficien-
cy for high-compressibility fluids as it is in communication with the
cylinder and vapors can accumulate in the cavity.

CODES AND STANDARDS

Most reciprocating pumps in oilfield service are built to manufactur-
er's standards, although they have many features required by API 674,
Positive Displacement Pumps Reciprocating. The basic requirements of
API 674 are summarized below to provide some guidance in making
selections of various options:

• Pressure Ratings—All pressure and temperature ratings encountered in
oilfield production operations.
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Figure 12-9. Bearing locations in a typical horizontal plunger pump (courtesy of
Hydraulic Institute).
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Figure 12-10. Typical valve types.

Figure 12-11. General packing arrangements.
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• Pump Speed—Speeds for single-acting plunger pumps are limited to
the values shown in Table 12-3.

• Cylinder Design—Requires ASME code Section VII Division 1 for
cylinders. Forged cylinders required for applications above 3,000 psi.

• Cylinder Liner—Required.

• Plunger or Rods—Requires that all piston rods or plungers in contact
with packing be hardened or coated to Rockwell C35.

• Stuffing Boxes—Required to accept at least three packing rings.

• Bearings—Ball bearings must be capable of three years of continuous
operation at rated pumping conditions.

• Materials—Cast iron or ductile iron is not allowed for pressure-retain-
ing parts handling flammable or toxic fluids.

• Testing—Pressure-retaining parts (including auxiliaries) are tested
hydrostatically with liquid at a minimum of 1/4 times the maximum
allowable working pressure.

Table 12-3
API 674

Maximum Allowable Speed Ratings for
Power Pumps in Continuous Service

Stroke Length
(inches)

2
3
4
5
6
7
8

10
12
14
16

Speed Rating
Single-Acting Double-Acting

Plunger-Type Pumps Piston-Type Pumps

rpm ft/min rpm ft/min

450
400
350
310
270
240
210
—
—
—
—

150
200
233
258
270
280
280
—
—
—
—

140
—
116
—
100
—
—
83
78
74
70

46.5
—
77
—
100
—
—
138
156
173
186

Note: For an intermediate stroke length, the maximum speed shall be interpolated from
the numbers in the table.
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PIPING HOOKUP

Figure 12-12 shows a typical hookup for two reciprocating pumps
operating in parallel. Because the pump can be accidentally started when
the discharge block valve is closed, a relief valve is installed in the dis-
charge line to keep the pump from overpressuring the pipe and flanges. It
is also possible to leave the suction valve closed while the discharge
valve is opened. Discharge fluid could leak through the discharge check
valve and pump valves pressuring up the suction piping which is rated
for 150 ANSI. Thus, a relief valve is installed in pump suction piping.

An appendage dampener (SP-3) and cone strainer (SP-1) are installed
in the suction. An in-line desurger and check valve are installed in the

Figure 12-12. Typical mechanical flowsheet for two reciprocating pumps operating
in parallel.
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discharge. The check valve protects against leakage from discharge when
the pump is not running. It is preferable that this be a piston check valve
to keep it from chattering due to pressure pulsations. Many successful
installations, which follow the design practices to minimize pulsations
previously described, use swing check valves.

Drain valves are provided so that the pump can be easily maintained
and a low oil-pressure switch (PSL-110A and HOB) is provided to shut
in the motor.

API RP 14C, Surface Safety Systems for Offshore Production Plat-
forms, requires that a high-pressure sensor be installed on the discharge
so that the pump will shut down before the discharge relief valve opens.
It also requires that a low-pressure sensor on the discharge be installed to
shut down the pump in case of a large leak in the discharging piping.
These two functions are carried out by one device (PSHL-110A and
PSHL-110B).

OPERATION

Bypass Valve

In order to reduce the full-load torque required from the driver, an
unloader or bypass valve may be installed in the pump discharge. This
valve bypasses flow from the discharge back to the suction during start-
up; this arrangement has the advantage of reducing start-up torque. The
arrangement also results in lower rod loading, allowing better lubrication
of sleeve-type bearings at this crucial time when the pump is often cold.

The valve is progressively closed as the pump achieves operating con-
ditions. This procedure may be done manually, or it may be pre-pro-
grammed for particular operating circumstances.

Variable-Speed Motors and Drivers

In addition to the normal mechanical drivers available, electric AC
motors of the standard squirrel-cage type can be used in combination
with a Variable-Frequency Driver (VFD) to allow variable-speed opera-
tion of the pump. By varying the speed of a reciprocating pump, one can
adjust the flow rate through the pump to meet operational requirements.

The VFD/AC motor combination, which is competitive with mechani-
cal drivers, has the advantages of low maintenance and no emissions. In
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addition, no additional fuel or steam systems—which may be required
with mechanical drivers—are needed. This advantage can prove useful
on some offshore platforms and remote sites.

The main disadvantage on large pumps (e.g., over 500 horsepower)
using VFD is that the installation becomes large and expensive. The VFD
also produces many harmonics that can be deleterious to other sensitive
equipment on the same electric bus. Special harmonic filters and/or isola-
tion transformers are needed to alleviate this problem. In addition, cool-
ing requirements increase due to heat generated by the drive and auxil-
iary equipment. In spite of these factors, variable-speed AC motors are
becoming more popular.
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13

Organizing the
Project*

INTRODUCTION

The concept of project management may be defined as the art, act, or
manner of managing, handling, controlling, and directing an engineering
project. A characteristic of project management is its one-time-through
nature. Project management differs from general business management in
the time element. Where a business grows and develops over a period of
several years, a typical project is usually compressed into a few months
or a few years.

Members of a project team are brought together for the duration of the
project only and must be quickly organized to accomplish specific objec-
tives. The business manager has the luxury of time to evolve a method
unique to her concern for controlling and directing. The project manager,
on the other hand, must organize his efforts around more or less standard
tools to assure that he and the members of his team can quickly develop
lines of communication and control.

*Reviewed for the 1998 edition by Sandeep Khurana of Paragon Engineering Services,
Inc.
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PROJECT STEPS

Project Initiation

The beginning of a project occurs at the time objectives or goals are
established. This normally includes a brief understanding of the nature
and extent of the work, a tentative schedule, and possibly a target cost.
Normally, the project will be initiated with the success of one or more
exploratory wells or with a geological or reservoir study indicating the
need for an expansion of existing production facility capabilities.

Conceptual Study

The conceptual study is the first step of any project. It investigates one
or more means of accomplishing the objective. An economic and techni-
cal assessment and comparison of the various methods or schemes is
made. The owner compares various alternatives by using discounted cash
flow analysis. The analysis includes estimations of the timing and
amounts of all projected capital and operating expenditures and related
revenues. Generally, one determines the financial acceptability of a capi-
tal investment by calculating the net present value (NPV) within an
acceptable discount rate of return for each alternative. The selected alter-
native is the one with the greatest NPV. Other discounted cash flow para-
meters such as internal rate of return, payout period, percent profit, etc.,
are also used to facilitate choosing among competing projects for limited
budget funds.

Figure 13-1 shows the various development schemes that might be
analyzed for an offshore field development. The basic tools used in eco-
nomically assessing these various developmental schemes are block dia-
grams and analyses of alternative costs.

Block Diagram

Figure 13-2 is a simple block diagram for a field where all the func-
tions are performed at one location. Other alternatives could be investi-
gated that have satellite facilities with some or all the equipment installed
at each location. The block diagram develops a selected process or alter-
native into specific descriptions and recommendations for equipment.
Types and arrangements of equipment would be studied, and a design
philosophy established.
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Figure 13-1. Example development schemes.

Figure 13-2. Typical oil facility block diagram.
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Structural Concept

The purpose of the structure is to support the facilities. Onshore, the
cost of preparing the foundation is generally low compared to that of the
production facilities. Offshore, however, the cost of the structure—
depending on the water depth—can be considerably higher than the cost
of the facilities.

A conventional template-type offshore platform such as that shown in
Figure 13-3 is suitable in mild environments at water depths of up to
1,300 feet. For shallow water depths (up to 200 feet), several so-called
"minimum" concepts are available. These concepts are limited by the
amounts of topsides facilities weight that they can support. Minimum con-
cepts use light-weight structures and have structural framing that provides
less redundancy than that of a typical four-leg or three-leg welded space
frame template-type platform. The light weight of minimum designs
results in lower material and fabrication costs. To evaluate whether a min-
imum concept is economical, however, one must look at the overall cost,
including installation and maintenance, and account for the risk of failure,
which tends to be higher for non-redundant structures, especially those
with bolted connections. In most instances in water depths of more than

Figure 13-3. Typical offshore platform.
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100 feet, when overall cost is considered, welded space frame tripod
structures (shown in Figure 13-4) are either less expensive or just margin-
ally more expensive than most other less-reliable structures.

Preliminary Cost Analysis

Simultaneously, an analysis of the cost and economic benefits of each
alternative is performed. Such an assessment provides a basis for a logi-
cal choice of methods, processes, schedules, etc.

Figure 13-4. Welded space frame
tripod by Paragon Engineering
Services, Inc.
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Figure 13-5 shows a preliminary cost analysis comparing two alterna-
tives. At this stage it may be more important to identify differences in
costs between alternative schemes than to determine the absolute cost of
the project. For this reason, it is probably wise to use gross estimation
techniques rather than detail equipment takeoffs.

A.
B.
C.
D.
E.
F.
G.
H.
I.
J.

A.
B.
C.
D.
E.

Items

OFFSHORE
Crude Treating Skid
Other Process Equipment
Compressor Package
Generator Station
Platform Utilities
Quarters Building
Instr. and Shutdown System
Offshore Installation
Miscellaneous
Pipeline
ONSHORE
Site Preparation
Production Skid
Other Process Equipment
Onshore Installation
Miscellaneous

Subtotal $M
15% Contingency
Total $M

Option 1
Crude

Treating
Offshore

$M

430.0
239.5
600.0

34.0
50.0

200.0
105.0
924.0
810.0
677.2

4069.7
610.5

4680.0

Option II
Crude

Treating
Onshore

$M

37.8
100.0
600.0

35.0
490.0
365.0

350.0
180.2
142.0
175.0
80.0

2555.0
383.3

2940.0

Option III
Minimum
Treating
Offshore

$M

332.9
144.5
225.0

14.0

30.0
546.8
427.0
677.2

2397.4
359.6

2760.0

Figure 13-5. Example preliminary cost analysis.

Project Definition

The next phase in project management for the scheme selected in the
conceptual study is to define the project. The tools used to define the pro-
ject are process flowsheets, layout drawings, preliminary cost estimates,
and project execution plans.
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Process Flowsheet

The block diagram is converted into a process flowsheet so as to better
define the project. The process flowsheet shows all major equipment. It
includes main piping with flow arrows, and shows operation pressure
and temperature of the piping and equipment. The major instrumentation
that controls the main process flow is shown and every major line is
assigned a stream number. A table is included listing pertinent design
data for these streams. Data to be listed include flow rates, pressures,
temperatures, specific gravities, and other properties when required. Fig-
ure 13-6 illustrates a typical process flowsheet.

A process flowsheet does not show utilities, safety systems, firewater
systems, spare equipment, minor or support lines, detailed instrumenta-
tion or equipment item numbers, valves, etc.

Layout Drawings

The layout drawing locates the equipment defined on the process flow-
sheets. A well planned layout is the key to good operation, economical
construction, and efficient maintenance. The layout drawing must be
integrated with the development of the process flowsheet and must be
settled before detailed piping, structural, and electrical design can be
started. Many times the process can be simplified by the judicious layout
of atmospheric vessels. This is particularly true for drain and water treat-
ing equipment.

Good layout planning is usually the result of experienced judgment
rather than prescribed rules and for this reason should be a joint effort of
the most experienced engineers. This is particularly true of offshore plat-
forms where space is very expensive. A large part of layout design
involves separating pieces of equipment that could present a hazard to
each other, assuring clear escape routes and allowing for machinery
maintenance. Too often an inexperienced engineer will concentrate on
minimizing piping and neglect these concepts. Figure 13-7 is a typical
layout for the production skid portion of an offshore platform.

Preliminary Cost Estimate

The preliminary cost estimate is an important tool in the generation of
the initial authority for expenditure (AFE). For effective cost control the
preliminary cost estimate must be made accurately and upgraded when



Figure 13-6. Process flowsheet.



Figure 13-7. Production skid layout.
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information is received that affects it. Revisions may be necessary due
to a change in scope or a realization that the amount of work was over-
or underestimated.

One of the goals of this estimate is to enable the tracking of project
cost relative to targets set by the AFE. For this reason, the preliminary
cost estimate must be made in a listing that considers the plan of execu-
tion. An example is shown in Figure 13-8. As each bid item is awarded,
its cost can be compared to the AFE amount for that item to determine if
the project is on budget. In addition, this type of cost accounting enables
the building of a data base for future jobs that share work items similar to
the job in question.

Plan of Execution

A plan of execution for a project begins when the first information is
received. This plan must consider the alternatives for breaking the job
down into individual work items to be bid out. It must balance time and
ease of management against cost for such decisions as the scope of work
to include in individual work items; the degree of engineering to perform
prior to bid; potential suppliers' work load, capability, and competitive sit-
uations; and operator's sole source preferences. Since these are different
at different times and for different overall project objectives of size, cost,
and timing, each project will have its own optimum plan of execution.

A major problem to be solved is that of scheduling the many activities
involved so that the combined efforts of manpower and facilities are
directed toward a common goal with coordinated timing. A typical plan
of execution is shown in Figure 13-9. The schedule assures coordination
of the activities and portrays the overall timing requirements of each
work item of the project. The schedule is updated periodically to show
the progress that each key item has made relative to "target" dates. This
is then used as a tool for directing effort to those areas that are critical to
project startup.

For large projects it may be necessary to keep track of the schedule
using one of the many standard project scheduling computer techniques.
Care must be exercised not to provide so much detail to the computer
that critical items get lost in the mass of output. The engineer responsible
for each work item must have sufficient detail to be able to track his tar-
get dates. The project engineer only requires sufficient detail to assure
that these targets remain coordinated.
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Basis of Estimate:
200' Water Depth
3 Wells—6 Completions—Unmanned
30 MMSCFD W/l BBL Condensate/MMSCF
No Dehydration Required—Future Compression
Condensate to be injected into gas p/1
6500' 8" Pipeline to hot tap in block
Summer 1990 Installation (Actual installation
of platform in summer and pipeline in winter)

1. Equipment
a. Manifold
b. Production Skids
c. Gas Sales Meter Skid
d. CPIUnit
e. Office/Warehouse
f. Crane
g. Generator
h. Freight and Miscellaneous

Subtotal
2. Instrumentation

a. Control Panels
b. Installation

Subtotal
3. Fabrication & Interconnect

a. Jacket and Anodes
b. Piling
c. Deck
d. Interconnect — Piping & Electrical
e. NDT

Subtotal
4. Offshore Installation

a. Platform Installation
b. Hookup

Subtotal
5. Pipeline (final length = 14,500 ft)

a. Materials
b. Installation

Subtotal
6. Engineering, Construction Management & Inspection

a. Engineering & Drafting
b. Project Management & Inspection
c. Soil Report

Subtotal
Project Subtotals
Contingency
Project Totals

Original
AFE

$ 50,000
240,000
60,000
10,000
15,000
70,000
15,000
45.000

$ 505,000

$45,000
55.000

$ 100,000

$ 540,000
330,000
340,000
235,000
25.000

$1,470,000

$ 600,000
110.000

$ 710,000

$ 150,000
745.000

$ 895,000

$ 220,000
165,000
35.000

$ 420,000
$4,100,000

400.000
$4,500,000

Final Cost
1990

$ 41,280
267,582
114,586
10,350
16,335
77,077
12,177
35.613

$ 575,000

$ 33,700
56.300

$ 90,000

$ 554,285
376,222
405,884
249,081

11.911
$1,597,383

$ 510,000
150.000

$ 660,000

$ 235,000
1.180.000

$1,415,000

$ 235,000
130,900
34.100

$ 400,000
$4,737,383

162.617
$4,900,000

Figure 13-8. Example project cost summary.





406 Design of OIL-HANDLING Systems and Facilities

Design Engineering

Once the need and extent of engineering assistance required is deter-
mined, design engineering must begin so as to translate the process flow-
sheets into specific objectives, and determine the activities that will be
required to attain these objectives. The basic item upon which all other
activities depend and which must be completed early in an engineering
design project, are the mechanical flowsheets. In addition, specifications
for long delivery items must be written at this stage.

Mechanical Flowsheets

The mechanical flowsheets are established from the process flow-
sheets. They show every piece of equipment for the entire facility includ-
ing the process, utilities, firewater system, safety systems, spare equip-
ment, etc. (see Figure 13-10). Every instrument, valve, and specialty item
is shown schematically. All items are individually identified with a tag
number. Piping should be shown with flow arrows and line numbers indi-
cating size, pressure rating, service, heat tracing, and insulation. In this
manner it is possible to reference individual specifications, purchase
orders, inspection reports, invoices, etc., to the correct piece of equip-
ment as the job progresses.

Before the mechanical flowsheets can be finalized, a pipe, valve, and fit-
ting specification must be agreed upon. This would specify, for various
pressure ratings and service, the pipe wall thicknesses, end connections,
branch connections, minimum sizes, instrument and drain connections, etc.

Vessel and Equipment Specifications

The vessel and equipment specifications are established for long deliv-
ery items to expedite both the design and the purchasing effort. Every
facility is designed for a specific function. The criteria by which the
equipment is designed are applicable to the conditions of that facility
only. Therefore, some equipment are not typical, off-the-shelf items.
However, an experienced engineer will maximize the use of standard
items to minimize cost and delivery time.

For vessels important information such as size, nozzle number and
size, and required internals must be specified. Figure 13-11 illustrates a
typical vessel data sheet.
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Figure 13-11. Vessel data sheet.
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Detailed Engineering

Once the design engineering is completed and the major items of
equipment have been specified and bid out, the next step in the project is
to perform the detailed engineering. This consists of piping drawings,
structural drawings, electrical one-line drawings, instrument data sheets,
and control schematics.

Pipe Drawings

The piping drawings translate to the fabrication contractor the piping
arrangement as defined in the mechanical flowsheets. These drawings are
usually very simple for onshore facilities, whereas for complex offshore
facilities, where space is important, they become very complex. In many
cases a good set of piping drawings is the key to a facility that is easy to
build and operate. In all cases, a good set of piping drawings is required
to speed installation and keep the cost for "extras" to a minimum. Figure
13-12 is an example of a piping drawing.

Structural Drawings

Structural drawings for an onshore facility detail the foundation site
development and road work required, as well as any pipe supports or
skids for the production equipment. Structural drawings for an offshore
facility can include platform drawings, as well as those for production
skids themselves. The skids could be installed on wooden or concrete
piles, steel or concrete barges, or steel jackets with steel decks. Figure
13-13 is a typical structural drawing for an offshore facility.

The barge, platform, and pile drawings are the first drawings to be
made. These drawings are based on environmental wind, wave, and cur-
rent forces. The structural engineer must be furnished deck space require-
ments and dead and live loadings. Those loads created by the drilling
operations, as well as the loads required for the facilities, must be consid-
ered. When all factors that influence design are established, the draw-
ings can be carried out.

Many times the drilling equipment will be removed before the produc-
tion equipment is set. The drilling equipment is packaged and skid
mounted and the principal components of the superstructure will be main
load bearing members boxed together on a spacing compatible with the
skidded rig components. Production equipment usually does not involve
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Figure 13-12. Piping drawing.



Figure 13-13. Structural drawing.
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greater weights than those imposed by drilling components. An exception
may occur if large storage is required or very large process vessels are
stacked one above the other. More total space may ultimately be required
for production equipment than for drilling equipment, but this is
designed into the base structure and simply is not occupied during
drilling operations.

The superstructure design documents cannot be completed until the
size, weight, and location of the production equipment are fairly well
defined. If production equipment is to be installed after the wells are
drilled, it may be necessary to set a higher value than would be anticipat-
ed with completion of the design engineering phase.

Electrical One-Line Drawings

Electrical one-line drawings show the main flow of power to major
pieces of equipment. Items shown should include transformers with rat-
ings, circuit breakers with ratings, generators with ratings, motors with
horsepower and ratings, relays, buses with voltage rating shown, control
stations, and names of equipment as shown on mechanical flowsheets.
Figure 13-14 is a typical electrical one-line drawing.

Instrument Data Sheets

Instrument data sheets and control schematics vary considerably in
format, depending on company preference. Instrument data sheets usual-
ly follow the Instrument Society of America (ISA) format. As shown in
Figure 13-15, the instrument data sheets list all necessary information
required to specify and identify each instrument. This information may
include such items as tag number, operating conditions, materials of con-
struction, manufacturer, and model number.

Procurement

A large part of the "engineering" effort is involved in bidding, evaluat-
ing, expediting, and coordinating vendors and vendor information. This
is true whether the work is performed by the operator, his engineering
consultant, or a "turnkey contractor."

Special equipment, vessels, and instrumentation are usually ordered as
soon as the specification can be written, checked, bids obtained and eval-
uated, and the purchase order issued. Every effort should be made to



Figure 13-14. Electrical one-line drawing.
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Notes: l.) FLOW REQUIRED 400 MMSCFD AND 8300 GPM CONDENSATE.

2.) "«• DENOTES INFORMATION SUPPUED BY VENDOR.

3.) NORMALLY. FV-1011 & LV-1011 ARE IN THE OPEN POSITION. DURING SLUGGING CONDITION FV-1011 WILL CLOSE AND LV-1011 WILL CONTROL LIQ.

LEVEL.

4.) VALVE TO BE SUPPUED C/W MINIMUM CLOSE TRAVEL STOPS.
5.) FV-1011 & LV-1011 WILL EXPERIENCE THE IMPACT OF LIQUID SLUGS (SG=0.56) ARRIVING AT VELOCITIES UP TO 27 FPS WHILE IN ANY POSITION

FROM FULLY OPEN TO FULLY CLOSED.
6.) TAG ITEMS TO BE SUPPLIED WITH SS TAGS PERMANENTLY ATTACHED. BA ̂ ^ JJQ 5, A

Figure 13-15. Instrument data sheet.

ensure that sufficient detail is incorporated into the specification. The
specification will usually include references to engineering standards that
have been developed to reduce the amount of repetitive writing and to
provide uniformity.
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In writing specifications, the following items must be considered and
statements included if applicable:

1. Scope of the bid

2. Contractor's responsibility and scope of work

3. Design conditions

4. Company furnished materials

5. Bid details

6. Timing requirements

7. Inspection and testing

8. Acceptance

9. Preparation for shipment

10. Warranty

11. Change orders and extra work

12. Compensation schedules

13. Contractor furnished data

In addition, engineering specifications, data sheets, and drawings must be
furnished listing applicable codes, materials, techniques, etc. Figure 13-
16 shows some typical engineering standards that could be included in a
specification.

Bid Evaluation

Evaluation of bids is the process of breaking down the vendor's quota-
tion into its various components, items, or features and comparing them
with the original specifications. This breakdown is recorded on a tabular
form. The most difficult and time-consuming part of making a tabulation
is usually the listing of the subjects for comparison. This step may be
simplified if the specific requirements stated in the inquiry are listed on
the tabulation form as the standard for comparison. The information from
the quotation is then posted adjacent to these headings so that omissions
and differences between the quotes and the specification are easily
observed. Evaluation of quotations normally should not begin until all of
the anticipated quotes are received.

All bids should be opened at one time to minimize any possibility of one
bidder receiving an unfair advantage. While it is possible to play one bid-
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Structural:
• Offshore Platform Fabrication
• Structural Steel Skid-Mounted Assemblies
• Offshore Platform Installation
• Offshore Steel Fabrication
• Concrete Barge and Platform

Equipment:
• Unfired Pressure Vessels
• Reciprocating Pumps
• Diesel Cranes
• Pneumatic Cranes
• Firewater Pumps
• Air Compressor Packages

Piping:
• Piping, Valves, and Fittings
• Valve Tables for Piping, Valves, and Fittings
• Material for Piping, Valves, and Fittings
• Piping/Instrument Specialty Items

Electrical:
• General Electrical Installation and Testing
• Generator Sets
• Electrical Heat Tracing
• Motors

Instrumentation:
• Instruments and Instrument Installation
• Facility Master Control Panels
• Combustible Gas Detection Systems

Pipelines:
• Offshore Pipeline Installation
• Marsh Pipeline Installation
• Pipe Coating: Thin Film, Epoxy
• Pipe Coating: Coal Tar Enamel (Yard Applied)
• External Coating and Vulcanized Coating
• Offshore Pipeline Construction Survey
• Underwater Diving Inspection
• Offshore Pipeline Anodes
• Underwater Check and Ball Valves
• Launcher/Receiver Fabrication

Protective Coatings:
• General
• Insulation

Figure 13-16. Example list of engineering standards.
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der against the other ("bid shopping"), any experienced project engineer
knows that in the long run this will be counterproductive. If vendors expect
the work to be given to the low bidder they will put their best efforts into
the prices. If they expect an "auction," their bid prices will reflect this.

Purchase Order

The purchase order is issued to the successful bidder after all quota-
tions have been evaluated. It includes all information of the inquiry and,
in addition, specifies conditions of purchase, delivery, consignment
instructions, etc.

Inspection and Expediting

An important phase of the project is inspection during the fabrication
and construction activities. It is the inspector's responsibility to assure
that the finished equipment or material is of acceptable quality and com-
plies with all requirements of the purchase order. The inspector witnesses
tests on mechanical equipment such as pumps and compressors, observes
and approves fabrication methods of vessels, pipe, and structural steel,
and generally ensures that the specified workmanship is being performed
on the purchased equipment.

On large projects, it may be necessary to provide an expediter to
assure delivery of purchased materials and equipment at the job site.
Bulk material such as valves and fittings are normally not a problem as
they are usually available from a supplier's warehouse. However, the
progress of specially designed, long delivery, or otherwise critical equip-
ment must be followed continuously by expediters. Manufacturers will
estimate probable delivery dates for equipment to be fabricated in their
shops, but these estimates depend on prompt delivery of material from
their suppliers, efficient scheduling of shop work and early receipt of
drawings from the purchaser. The purchaser's expediter can do much to
assure that estimated delivery dates will be met by working with both the
manufacturer and his own organization. The expediter should seek and
study all information that might affect delivery, anticipate delays or bot-
tlenecks, and resolve these with the vendor. He should assist the vendor
in solving his procurement problems with sub-suppliers. If delivery
schedules must change he should advise his employer as early as possi-
ble. On small projects these functions are performed by the inspectors.
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Startup

Although the actual startup is properly the responsibility of the operat-
ing and not the engineering staff, there is considerable engineering input
and planning that should go into the process. Planning is necessary to
assure that all systems are checked out to the fullest extent possible, that
the right type and sufficient quantities of expendable material (e.g., gly-
col, lube oils, greases, heat medium) are on hand, replacement parts
(especially gaskets, sealing material, and filters) are available if needed,
etc. Finally, a procedure must be developed to "purge" the process. That
is, to take it from its condition of being full of air through the explosive
limit until it becomes full of natural gas and other hydrocarbons.

It is best if the operating personnel responsible for the startup partici-
pate in this planning process with the help of engineering. The conscien-
tious preparation of a startup plan is one of the best ways to learn the
facility. Often, if the startup plan is done early enough, areas where
minor design changes will increase operability will be found.

While startup is the responsibility of operations, the design engineer-
ing staff should assist in an advisory role. Often, the designers are best
able to recommend alternatives if a problem develops or the startup plan
must be modified on the spot. In addition, the experience gained from
startup will help the engineering staff in designing safer, more practical
facilities in the future.

A startup manual may contain only a few pages or may take the form
of a book. In a complex facility it may describe the following:

1. Overall purpose and design of the installation

2. Operation of the process

3. Details and operating descriptions of

(a) Overall instrumentation system (pneumatic and/or electronic)

(b) Electrical systems

(c) Data transmission system

(d) Utility and firewater systems

(e) Any other system

4. Instructions for installation of equipment

5. Purge and preparation for operation

6. Procedure for startup
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Dossier

The startup manual is sometimes erroneously confused with the
dossier. Their functions are generally distinct, although their coverages
overlap slightly. The dossier is a compilation of reduced size drawings of
the project, and all manufacturers' bulletins, manuals, code reports, mate-
rial certifications, etc., for all purchased equipment in the project. The
most common inclusions are reduced-sized drawings of flowsheets, ves-
sel internals, control system schematics, and the SAFE chart.

The startup manual often refers to the dossier for specific instruc-
tions, rather than duplicating them. The dossier rarely refers to the
startup manual.

Operating instructions of purchased items should be in the dossier, not
the startup manual. Critical items from purchased item bulletins should
be relisted in the startup manual in outline form for emphasis.

PROJECT CONTROL AND EXECUTION FORMAT

The formal start of a project is considered to occur at the "kick-off
meeting where, for the first time, the complete project team is brought
together and the unified work effort begins. All objectives, plans, sched-
ules, and procedures developed are presented at the meeting and formal
work assignments are made. At this point, the organization of the project
is essentially complete. Prior to the "kick-off' meeting, most of the pro-
ject work has centered around the project engineer with certain key peo-
ple supplying staff and administrative assistance. The "kick-off meeting
marks the point where responsibilities are delegated and the work
spreads out in several directions. The role of the project engineer shifts
from that of planner and organizer to that of coordinator and controller.

Project Control

Engineering Control

The most important part of project control begins at the outset of the
project with controlling the engineering effort. Priorities set and decisions
made at this point will affect project timing and cost throughout the job.

Tasks Schedules and Drawing Lists. The first step in setting engineer-
ing priorities and determining the numbers of engineers and draftsmen
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needed to meet timing objectives is to develop a task schedule for each of
the engineering tasks shown on the Plan of Execution. An example sched-
ule of tasks is shown in Figure 13-17. The task schedule shows a week by
week or month by month accounting of the engineering and drafting effort
by discipline required to meet the targets in the plan of execution.

To help in estimating manhours, it is necessary to develop a drawing
list concurrently with the task schedule. Figure 13-18 shows a typical
drawing list. Each drawing necessary to complete the engineering effort
is listed, and the drafting manhours necessary to complete the drawing
are estimated. The drawing lists and task schedules define the engineer-
ing effort from the outset and provide excellent tools with which to mea-
sure actual progress.

Manpower Estimate. The task schedules for each identified task can
now be added together to determine an overall manpower requirement
for the entire project as is shown in Figure 13-19. At this point it may be
desirable to adjust the plan of execution to help smooth out manpower
loading. A plan of execution that requires large swings in manpower is
probably not practical.

A comparison of manhours required with the time available will deter-
mine the approximate number of personnel needed. This preliminary esti-
mate will permit evaluation of manpower requirements against availability
and will be the basis for appointing key personnel. The levels of manpower
required during progression of a project follow a similar trend whether
involving an offshore production platform or an onshore processing facility.

Organization Chart. As the manpower requirements become clear, an
organization chart should be prepared that clearly shows lines of authori-
ty/communication and corresponding responsibilities. There is no univer-
sally accepted format for the organization chart, but it should be a "tree"
type with logical branching flowing downward from the project engineer.

Figure 13-20 illustrates a typical organization chart for a large engi-
neering project. Obviously, each organization chart must be designed to
fit the specific requirements of the project. The types of skills available
will also influence the organization chart and how the work is divided.
For example, a particular engineer might be well qualified in both instru-
ment and electrical specialties and the nature of the project might be such
that these categories of work could be combined into one responsibility.

Equipment List. The equipment list is a tool that aids in coordinating
the specifications, procurement, and inspection efforts. As shown in Fig-



Turbocompressor Unit Related Process Equipment
Task Schedule: Engineering Phase

CODE

E-A

E-2
E-4
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D-1
D-9
D-5/7
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R-1
R-2
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P-1
P-2
O-1

CODE

C-4
C-1

COST
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E
D
R
P
C

ENGINEERING
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Instrument Engineer

Structural Engineer

DRAFTING

Proc./Mech. Drftng

Structural Drftng

EtocJIrntr. Drftng
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Buyer
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PROJECT MGMT

Project Manager
Cost/Scheduler

Secretary

CONSTRUCTION MGMT

Construction Coordinator
Vendor Surveillance
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352
0

t

56
10
45

1
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45
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125
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55
85
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0
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!
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35
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Dec
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75
85
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0

32
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35
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35
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85
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0

i
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5
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0
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5
0
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0
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231
0

6
0
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0
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0
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9
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0
9
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9
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9
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6
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0
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^
^

Planned
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377

Planned

840
400
610

Planned

340
660

Activity

Planned

1,064
1,440
1,030
1,850

0

5,384
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538
132
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To Date
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290
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445
126
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460
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0
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To Date
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0
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Figure 13-17. Typical task schedule.
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Drawing Progress: Unit-Process Mechanical

Project: Report: PROG_1
Desc: Client Name Run: 00/00/97 -12:00 PM

Drawing No RV Description
Pet

Comp
Start

Plan Act
Issue

Plan Act
Client App

Plan Act
Cert Issue

Plan Act Cornrnsnts

PROCESS/MECHANICAL
PROCESS/MECHANICAL

96341-01-001
96341-01-100
96341-01-101
96341-01-102
96341-01-103
96341-01-104
96341-01-105

B
B
B
B
B
B
B

PROCESS FLOW DIAGRAM
P&ID - LEGEND SHEET
P&ID - 1ST STAGE COMPRESSION
P&ID - 2ND STAGE COMPRESSION
P&ID - DISCHARGE SCRUBBER
P&ID - FUEL GAS
P&ID - SEAL OIL RUNDOWN TANKS

Avg Pet Complete, Early Start, Late Finish:

100%
100%
100%
100%
100%
100%
100%
100%

/ /
/ /
/ /
/ /
/ /
/ /
/ /

10/5 10/21
10/5 10/21
10/5 10/21
10/5 10/21
10/5 10/21
10/5 10/21
10/5 10/21

/ /
/ /
/ /
/ /
/ /
/ /
/ /

/ 2/7
/ 2/7
/ 2/7
/ 2/7
/ 2/7
/ 2/7
/ 2/7

i

Figure 13-18. Typical drawing list.
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Design Engineering

Discipline Manpower Schedule

COST
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C
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6

5
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6

5
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.030
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130
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4533.50
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22.56%
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28.98%
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100.00%

Figure 13-19. Overall manpower schedule.



Organizing the Project 423

Figure 13-20. Typical organization chart.

ure 13-21, the equipment list is a listing of specific information required
for major items. It will list information such as:

1. Process vessels—size, design pressure and temperature.

2. Pumps—type of pump, flow rate, horsepower, differential head,
motor bhp.

3. Compressors—type of equipment and driver, driver horsepower,
flow capacity, suction and discharge pressures.

4. Generators—type of equipment and driver, driver horsepower, gen-
erator output.

Weekly Project Meetings. These meetings can be a valuable aid in
helping the project engineer keep his project directed toward its goal. An
agenda should be prepared and followed. The project engineer should
determine the frequency of the project team meetings and decide which
personnel are required to attend. Weekly meetings have proven to be
valuable to discuss the following: a brief report of performance to date
and hours consumed compared to schedule and estimated hours, a query
to members to determine whether their progress is being delayed for lack



Figure 13-21. Equipment list.
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of information, and a review of changes of scope and schedule. The
weekly meeting permits a sharing of ideas between the team without
spending the time for correspondence and numerous individual conversa-
tions. To be successful, the meeting must be planned for a definite and
specific purpose with only those people attending who can contribute to
the discussion. Complete notes of the meeting should be made to record
agreements and decisions so that responsibilities are clearly outlined and
work assignments completely understood.

Engineering Timing Control. The basis of time control is accurate sta-
tus reporting. The status report measures performance results, which are
then evaluated against the planned schedules. This comparison indicates
whether or not corrective action must be taken. If the status report indi-
cates that the project is behind schedule, steps must be taken to advance
the work in accordance with the schedule. This might be done in several
ways: increase working hours with present team, add manpower, shift
work assignments from groups that are ahead of schedule, and/or replace
inefficient members. If, on the other hand, the status of the work is ahead
of schedule, it may be possible to reduce costs by decreasing overtime or
the number of people assigned. This situation is much more difficult to
analyze than a lagging job because of the subtle human tendency to fill in
work in order to appear occupied, but it is equally important to detect it
and take corrective action, to minimize engineering cost.

Engineering Cost Control. Control of engineering is exercised not
only by controlling progress but also by the equally important function of
cost control. The job status must be accurately determined if time and
cost control are to be effective. It is not enough to simply compare man-
hours expended against the total estimated manhours to gauge the per-
centage of completion of a project. Actual progress must be measured.
For the drafting effort this can be done accurately using the drawing list.
By counting the number of drawings completed and estimating the
degree of completion for drawings in progress, a comparison can be
made against the total drawings that will be required and an accurate
drafting status will result.

Engineering, administrative, and other activities with statuses not
related to drawing progress can be handled similarly by comparing actual
progress and expenditure to that targeted on the task schedule. As a check
against the measured figures, all team members should report an inde-
pendent estimate of their progress and percent completion of their
assigned work for comparison. By studying all estimates and reports, the
project engineer can be assured of an accurate status picture.
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Project Cost Control

The first step to good project cost control is good cost accounting. The
main tool for this is the preliminary cost estimate developed during the
project definition phase. This document listed budget costs for each work
item in the plan of execution. As the project becomes better defined,
these costs are periodically updated. Differences can then be explained
and total project cost revised even before the first item is purchased. As
bids are awarded and commitments are made, the total project amount
can be adjusted accordingly.

This method of cost accounting has the additional benefit of helping to
provide a data base for future projects. Since actual costs are identified
with individual work items (as individual vessels, skid packaging, etc.)
they are more easily extrapolated to arrive at estimates for future jobs.

While accounting for costs can be somewhat routine, controlling cost
is an entirely different matter. Like the federal budget, once a project is
committed a large part of the final cost is beyond the control of the pro-
ject engineer. It is not unusual for bid items to vary significantly from
time to time due to contractor work load, weather conditions, and avail-
ability of equipment. In addition, many times the difference in price
between the low bidder and the next low bidder could be as much as 10%
to 20%. If the low bidder had not been included in the bid list, the item
cost would be that much higher.

A large part of cost control occurs during the engineering phases.
While controlling engineering costs themselves are important, there are
other decisions made in both the design and detail engineering phases
that may have a much greater impact on project costs. These can be bro-
ken down in the following categories:

Design Philosophy. A recent study* of differences between typical
North Sea and Gulf of Mexico designs for a given flow rate indicated
that one-third of the greater cost for North Sea designs was due to engi-
neering decisions made early on in the project life. These had nothing to
do with size, European construction cost premiums, governmental regu-
lations, or offshore installation premiums.

Engineering Details. The technical specifications for any job contain
untold opportunities for costs to get out of control. While any one deci-
sion may be minor in cost premium, the overall effect could be surpris-

*Paragon Engineering Services Inc., Houston, Texas.



Organizing the Project 427

ing. One company had the opportunity to bid out the identical line
heater/separator production skid with two different pipe, valve, and fit-
tings specifications, both of which satisfied all applicable codes and stan-
dards. A cost difference of 12% on the total skid price (including vessels
and instrumentation) resulted.

Scope of Work Definition. The scope of work should be clear so that
the true low bidder can be identified. Often, the apparent low bidder has
taken exceptions to the scope of work or quality of supply that makes
another contractor the actual low bidder. This is particularly true with
bids involving some degree of engineering. An example would be a com-
pressor package where different engine and/or compressor options must
be evaluated.

Extra Work. Of perhaps more importance is the enforcement of con-
tract terms. On almost every major contract, the contractor will test the
inspector's interpretation of an appropriate extra work item. A procedure
for determining allowable extra work must be included in the award
specification and must be policed rigidly by the inspector if costs are to
be controlled.

Choice of Acceptable Bidders. There is never a lack of people who are
willing to bid on any item. By limiting the bid list to people who are
experienced and commercially qualified to do the work, costs can be
controlled. There is nothing as costly to a project as having to remove a
job from a contractor due to his lack of ability to perform.

It is a truism that when a contractor begins to lose money on a job, the
quality of the work suffers and the demands for extras increase. While
good inspection provides a defense, in many cases the contractor is paid
for questionable extras in order to avoid litigation or delaying the total job.

Project Timing Control

Early in the project, timing is controlled by controlling the engineering
effort to assure that bids are sent out, evaluated, and awarded in accor-
dance with the project plan of execution. Once bids are awarded, the
inspector and/or expediter has the primary responsibility to determine if
work is progressing according to schedule. This requires that a schedule
be worked out with the successful bidder (preferably before bid award).
When delays are spotted, meetings with the contractor are required to
determine a plan of action to return the job to schedule. On occasion it
may be necessary to appeal to higher levels of management in both com-
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panics. The sooner a problem is spotted, the better the chance that correc-
tive action can be agreed upon.

Project Execution Format

Every project, from a simple single-well hookup to a complex offshore
field development, goes through the steps of project management and
control previously described. For simple projects many of these steps
may not even be written down or formalized in any way, and drawings
and specifications can be sketched on the back of an envelope. However,
project engineers need to at least think about each item and consider how
they are handling it if they are to do their jobs correctly.

As the project becomes more complex, more and more of these items
must be formally included. This is true no matter whether the tasks are
performed by the operator's staff, engineering consultant, or contractor.
The project must progress from one step to the next; engineering, pro-
curement and inspection must be accomplished; and the cost of perform-
ing these functions must be borne by the project.

There are several different project execution formats that must be con-
sidered in developing the project plan of execution. The choice of a spe-
cific format will determine which of these functions will be performed
by a particular organization. Although there are almost as many formats
as there are projects, most can be separated into the following four basic
types which we shall call turnkey, negotiated turnkey, modified turnkey,
and cost plus.

Turnkey

The turnkey format is used when the work is not completely designed.
The conceptual study and project definition are normally complete. In
this case the scope of the contractor's work would include the design
engineering, detail engineering, procurement, inspection and expediting,
startup manuals, and dossier, as well as the fabrication and possibly the
installation of the completed facility. The following advantages are
claimed by proponents of this format.

1. The project cost is established before work starts.

2. A single point of responsibility is established.

3. The contractor can design to take advantage of his construction effi-
ciencies.
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4. The contractor can speed up equipment delivery by performing
engineering in such a manner as to get long lead time equipment on
order sooner.

5. The contractor assumes risk.

The problems experienced with this format are:

1. Owner loses design control or can exercise it only at high cost in
extra work.

2. Competition is limited to select firms with total design and con-
struction capability.

3. Most large firms have different engineering and construction profit
centers. Many large contractors bid the work to outside engineering
firms. In either case, the contractor's engineers may be no more or
less aware of construction efficiencies than a third party.

4. Because of the risks assumed by the contractor, he must add a con-
tingency factor to his price.

5. By necessity there will be many subcontractors furnishing individ-
ual items of equipment to the turnkey contractor. Other than initial
approval, the owner has no control over subcontractors.

6. The contractor's and owner's interests are not identical. The con-
tractor has an incentive to provide the least costly quality for the
fixed price, and does not profit or lose nearly as much as the owner
with timely delivery. Therefore, the owner must provide inspection
and expediting. It is very difficult to do this for subcontractors
where no direct commercial relationship exists.

Negotiated Turnkey

The negotiated turnkey format recognizes that before the detailed
engineering is complete, it is difficult for a contractor to provide a fixed
price for the work while maintaining adequate owner control. In this for-
mat, the design and detail engineering are performed (normally for a
fixed fee), so that long delivery items can be placed on order prior to
completion of detail engineering. Once the scope of work is defined a
turnkey price is negotiated.

The advantages claimed for this format are the same as those for the
turnkey format with the added advantages of maintaining owner control
and reducing contractor's risk and therefore the contingency factor in his
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bid. The disadvantages are identical with the added disadvantage of elim-
inating much of the owner's leverage when it comes to negotiating the
final contract.

Modified Turnkey

In the modified turnkey format, each work item is separated and bid
turnkey as the scope of that work item is defined. In the previous two
formats, the prime contractor does this in bidding out items of equipment
to his subcontractors. The difference in this format is that the owner or
his consultant do the bidding, awarding, and expediting. In addition,
those items that are "sole sourced" to the contractor's construction arm in
the two previous formats must be bid and evaluated. The main advan-
tages claimed for this format are:

1. Control of the project is maintained.

2. Competition is maximized as individual work items can be bid to
firms specializing in such work.

3. Owner's inspectors and expediters have a direct commercial rela-
tionship to all suppliers.

4. Contractor's risk and contingency is controlled to the extent desired
by owner. For example, scope of work contingencies can be elimi-
nated while weather contingencies are included.

The disadvantages with this format are:

1. Increased coordination of the contracts is required by either the
owner or his engineering consultant.

2. The owner or his consultant must develop and monitor the plan of
execution rather than this being a function of the turnkey contractor.

3. Project management costs are explicitly determined and not hidden
in contract cost.

Current project management trends call for developing fields quickly
for low capital and operating costs. In general, the priorities are: speed,
initial capital, operating cost, and final capital, in that order. The main
emphasis is to minimize the time between capital expenditures for facili-
ties and the start of production (cash inflow). Achieving this aim can
vastly improve rates of return for investments.

A modified turnkey format that uses a project management consultant
with a separate engineering contractor selected by low bid may not be
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readily applicable for fast-track projects. The more flexible approach of
selecting an engineering consultant who is skilled at project management
is often found to be useful. The engineering/project management consul-
tant performs all design and project management work and bids equip-
ment, fabrication, and construction.

The engineering company works as consultant to the owner at an early
stage to define the scope of work. Once this scope is defined, the compa-
ny can perform engineering work that is targeted toward completing the
equipment packages and other long-lead bids. Engineering for auxiliary
items, instrument bids, and offshore installation and hookup is performed
at a later date. In addition to achieving fast-track results, this approach
gives the owner a complete understanding of the work involved in the
project and the associated costs. Above all, the strategy maintains flexi-
bility at all stages as the project advances, allowing personnel to respond
to new information that may develop during the project cycle time due to
data from new wells, new reservoir analyses, negotiations with other
operators, purchase of oil and gas, etc.

The advantages of this approach are:

1. Adequate communication between engineering and project manage-
ment personnel

2. Low total costs

3. Quick deliveries

4. Minimal owner manpower requirements

5. Quick evaluation and response regarding project changes

6. Above all, flexibility to allow the owner to realign goals as new data
become available.

On the downside, engineering costs may appear high because they are
a specific line item and are not hidden in the cost of equipment.

Cost-Pius

The cost-plus format requires the contractor to be reimbursed for all
direct costs plus a percentage of his costs for overhead and profit. Typi-
cally, this format is used where risk is high, or when there is insufficient
time to solicit firm bids. Such a case would occur if construction were
required within an operating plant, if it were necessary to repair storm
damage, or if a simple field routing job were envisioned. The major dis-
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advantage of this format is that the owner bears the risk of inefficient
labor and job organization.

Comparison of Formats

The type of project format to employ depends on the nature of the pro-
ject, the type of contractors available and their competitive position, and
the priorities of the owner. There is no one answer as each project is dif-
ferent, and competition and priorities change from time to time.

One of the authors had the opportunity to be involved in two similar
offshore projects for the same owner, which occurred almost simultane-
ously. Each was purposely set up in a different format to test the validity
of the claimed advantages and disadvantages for this type of project at a
particular point in time. Figure 13-22 summarizes the results of the com-
parison. It can be seen that both the cost and total elapsed time for the
modified turnkey format were better than that of the turnkey format.

Figure 13-23 shows the results of another project done at the same
time, which was set up in the negotiated turnkey format. When the nego-
tiated price appeared too large, the format was changed to modified

Project A Project B
Turnkey1 Modified Turnkey

($M) ($M)
COSTS

Production skids $1,000 $875
Oil pumps and LACT 1502 1703

Power generation and heat 525 440
Installation 200 190
Offshore piping, electrical

and instrument 500 515
Engineering 275 115

TOTAL COMPARED COST $2,650 $2,305
TOTAL PROJECT COST $3,065 $2,788
TIME

Elapsed time from
conceptual study 18 mo 16 mo

; Breakdown furnished by turnkey contractor
2 Three pumps
3 Five pumps

Figure 13-22. Turnkey vs. modified turnkey comparison.
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turnkey. The original contractor bid on certain phases of the job and this
total is shown as well as the actual cost when each phase was awarded to
the low bidder. It can be seen that both the low bid submitted by the con-
tractor when faced with closed bid competition and the actual cost were
significantly less than what the negotiated price would have been. By
comparing "actual cost" to "contractor low bid" it can be seen that a 10%
savings in total project cost was realized by opening competition to firms
other than the original turnkey contractor.

Owner Contractor Contractor
Original Original Negotiated Contractor Actual
Estimate Estimate Price Low Bid Cost

Major equipment $1,007,978 $691,473 $975,666 $716,031 $716,031
Material Fabrication 191,500 323,910 360,157 265,835
Load-out 5,000 8,670 7,200 4,833 4,833
Shipping and installation 205,000 151,814 357,100 300,575 200,036
Engineering 142,500 142,500 142,500 142,500
Contingencies 340,000 53,172 83,194 38,156 38,156
Common charges 283,515 374,331 376,843 374,176 374,176
Totals $1,841,493 $1,613,460 $2,266,413 $1,936,426 $1,741,567

Figure 13-23. Negotiated vs. modified turnkey comparison.
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Sample Project
Assignment

Given: 1. A loosely consolidated, water drive sandstone reservoir in
offshore South Louisiana.

2. Properties: Oil—30° API

Gas—0.6 S.G.

SITP-4,000 psi

FTP (initial)—1,200 psi

FTP (final)—100 psi

Temp.—90°F

3. Production Forecast (Per Well):

Q0 (initial) = 500 bopd

Q0 (final) = 50 bopd

Qw (initial) = 0 bwpd

Qw (final) =1,000 bwpd

4. Wells have a GOR at 1,000. When wells drop to low
pressure and are gas lifted, they will have 350 Mcfd of
gas lift gas per well.

5. Wells will eventually be gas lifted but not initially.

6. Gas sales pressure 900 psi.

434
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7. Oil quality—1% BS&W. There will be no custody transfer at
this facility, but oil will have to be pumped from an atmos-
pheric storage tank into 1,000-psi operating pressure
pipeline.

8. Water discharge, overboard—72 mg/1

9. Number of wells—10

10. Deck area is 7,500 ft

Problem: 1. Draw a process flow diagram for separation, oil treating,
water treating, testing equipment.

2. Size all vessels and draw a separate sketch showing crit-
ical dimensions and internals for each one selected.

3. Show all pressure breaks on the process flow.

4. Draw mechanical flowsheet for well test equipment
showing all lines, valves, and controls.

5. Size two lines in each of the following categories and
pick a specific line size.

a. Two-phase flow

b. Liquid

c. Gas

6. Submit all diagrams and calculations.

7. Schedule a conference at my convenience to review
your results. This is your responsibility, not mine. I am
your client.
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Acceptable bidder, choice of, 427 Baffle plates, 109-111
Accident records, Gulf of Mexico, 43 Barrel pump, 364-365
Actuator, pneumatic, 29 Basic sediment and water, 4, 41
Annular mist flow, 266, 268-269 Basic selection criteria, 352-354
ANSI Bearings

B16.5, 313-314 centrifugal pump, 368-369
B31.1, 299 reciprocating pump, 387-388
B31.3, 299, 300-304, 306, 309 Bearings, seals, and wear rings, 368-375
B31.4, 299, 309 Bearings, valves, and packing, 387
B31.8, 299, 305-311 Beggs & Robinson Equation, 66-67
B73.1, 358 Bernoulli's theorem, 247
pump, 359-361 Bid evaluation, 415-417

API Block diagram, 395-396
6A, 314 Blowby, gas, 117
610,358,372 BSandW,4,41
barrel pump, 364-365 Bubble cap glycol contact tower, 48-49
gravity, 58, 172 Bubble flow, 267
gravity loss, 170, 173 Bubble point, 95
multistage split case pump, 364 Bucket and weir separator, 138
RP 14C, 392 Bulk treater, 38
RP 14E, 287 Buoyant force, 119
specific gravity, 91 Bypass valve, reciprocating pump, 392
vertical turbine pump, 366-367

Application of gas flow equations, 262-263 Carryover, liquid, 117
Approximate flash calculations, 69-87 Centrifugal compressor, 1, 3
Automatic blowdown valve, 43 Centrifugal inlet diverters, 111
Automatic shutdown valve, 31 Centrifugal mist eliminators, 113,115
Automatic suction shut-in valve, 43 Centrifugal pumps, 334-338, 355-375
Auxiliary support systems Chokes, 29, 31

firefighting systems, 10, 14—15 Choosing a line size and wall thickness,
generators, 10 285-332
instrument air, 10,11 Cloud point, 66-67
personnel protection, 10, 15 Coalescence, 168-169
potable water, 10, 13 Coalescence, water treating, 198-199
quarters, 10-11 Coalescer sizing equation, 211-213
safety systems, 10, 13-15 Coalescing
sewage treatment, 10,12 electrostatic, 176-177,181-182
switchgear and control room, 10, 12 media, 175-176

plates, 143, 207-214
Backpressure control valve, 30 section, 143

437
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Coefficient of drag, 118 Downcomer, 140-141
Cold weather facilities, 19, 21, 23 Drag force, 117
Complex emulsions, 144 Drain systems, 230
Compressibility factor, 60 Drawing list, 419, 427
Compressor Drop size

automatic suction shut-in valve, 43 in oil, 162
centrifugal, 43, 46 in water, ,167-175, 186
control valve, 30 Dump valve, liquid, 30, 103
engine-driven, 1, 3
horsepower requirements, 34-35 Electrical one-line drawings, 412-413
instrument air, 10-11 Electrostatic
integral, 1, 4 coalescers, 176-177, 181-182
reciprocating, 1, 3, 4 treaters, 186
recycle valve, 45 Emulsifying agent, 164-165
sizing, 36 Emulsion forming, 161-163
suction scrubber, 107 Emulsion treating theory, 161-167
three-stage reciprocating, 43,45 Emulsions, 144
turbine-driven, 1, 3 Engineering
vent valve, 43-45 control, 419

Conceptual study, 395-399 cost control, 425
Cone bottom separator, 141 details, 426^27
Contact tower inlet scrubber, 107 timing control, 425
Contingency factor, 429 Equilibrium, 95-97
Corrugated plate interceptor, 8, 208-210 Equilibrium K Value, 71-84
Corrugated plate interceptor sizing, 213-214 Equipment
Cost control format, 431^432 arrangements, 55, 57
Cost plus, 431^32 list, 420, 423-424
Cross flow device sizing, 214 specifications, 236-237
Cross flow devices, 210-211, 236 Equivalent lengths, 277-278

Erosional flow, 286-289
Darcy's Equation, 248-249 Erosional velocity, 287
Deck drainage, 233 Execution format, 428^433
Deep-water facilities, 19, 23 Expediting, 412,417
Defoaming plates, 111 Extra work, 427
Demulsifiers, 165-167
Density of gas, 59 Facility types
Design engineering, 406-408 cold-weather facilities, 19, 21, 23
Design factor F, 305 deep-water facilities, 19, 23
Design factors for steel pipe construction, marsh area facilities, 19-20, 22

308-309 offshore facilities, 54-57
Design information for water treating, 230-231 onshore facilities, 19, 20, 21
Design philosophy cost, 426 shallow-water facilities, 19, 22
Detailed engineering, 409^4-12 Fail close, 29
Dew point, 95 Fail open, 29
Diaphragm pumps, 344-345 Fanning friction factor, 249
Dispersed gas flotation units, 220-221 Filter separator, 106
Dispersion, 164 Filters
Dispersion, water treating, 198 acoustical, 343
Disposal pile sizing, 226-228 coalescing, 215
Disposal piles, 225-226 Flame arrestor, 40
Dissolved gas flotation units, 218-219 Rare scrubber, 121
Dossier, 419 Rash calculations, 69-87
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Flash equilibrium techniques, 32 rate, 88-89
Float, 30 injection, 52, 54-55
Flocculation, 165 lift
Flotation units injection pressure, 54

cell, 236 injection rate, 54
dispersed gas, 220-221 system, 51-54
dissolved gas, 218-219 wellhead backpressure, 53
sizing, 221-223 line sizing example, 329-330
water treatment, 199 lines, 291-295

Flow molecular weight, 87-88
annular, 266, 268-269 scrubber, 121
bubble, 267 separation theory, 144-145
coefficient, 274-277 specific gravity, 59, 88
control, 31 Gas-cushioned pulsation dampener, 341-342
controlling pulsating flow, reciprocating Gas-liquid interface pulsation dampener,

pumps, 377-386 341-342
equations, 251-273 Gas-oil ratio, 30
erosional, 286-289 General hoop stress formula for thin wall
horizontal, 265-266 cylinder, 300-313
laminar, 247 Generators, gas-engine-driven, 10
liquid, 251-254 Glycol dehydrator, 1, 4-5
regimes, 247 Gravity, API, 58, 172
slug, 265, 267-268 Gravity separation, 167-177
transition, 268 Gross heating value, 95
turbulent, 249 Gunbarrel, 40
two-phase, 263-264 settling equation, 182-184
vertical, 266-267 tank, 5, 7, 38-39, 178-179

Flowing tubing pressures, 35 treaters, retention time, 185
Flowlines, two-phase, 295-299
Flowsheet symbols, 28 Hay section, 176
Flowstream, 87, 92-93 Hazen-Williams formula (C Factors), 254
Fluid flow equations, 251-273 Head, 347-349
Foam depressants, 116 Head loss in valves and pipe fittings, 273-278
Foamy crudes, 115-116 Heat exchanger, 30
Force equilibrium equation, 300 Heat input equations, 174-175
Free-flow turbulent coalescers (SP packs), Heater-treater

134, 215-218, 236 configuration, 5
Free oil, 196 direct-fired, 5,6
Free water, 1, 135 horizontal, 6, 20, 173
Free-water knockout, 37, 135-136, 140, 177 vertical, 6, 20

Higher heating value, 95
Gas Hoop stress, 300-313

blowby, 117 Horizontal
capacity cylindrical skimmer vessel one-half full

three-phase separator, 146 equation, 202-203
two-phase separator, 123 flow, 265-266

dehydration, 46-48 gas capacity, 123
density, 59 heater-treater, 6, 20, 173
dew point, 95 liquid capacity, 124
flow rectangular cross section settling tank

characterization, 88 equation, 204-205
equations, 251-273 separators, 2, 102-103
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skimmers, 200-202 dampeners, 341-342
three-phase separators, 135-136, 156-159 dump valve, 103
three-phase separators, example, 156-159 flow rate, 92
three-phase separators, sizing, 10,146-151 line sizing example, 324-328
three-phase separators, sizing procedure, lines, 289-291

150-151 molecular weight, 89-91
treaters specific gravity, 58

retention time, 184-185 Location Class 1, 307
settling equation, 182-183 Location Class 2, 307-308
sizing example, 189-191 Location Class 3, 308
theory, 180-181 Low temperature exchange (LTX) unit, 46-47
water droplet size, 185-188 Lower heating value, 95

two-phase separators, 20
vessels, seam-to-seam length, 125 Manifold, 31
vessels, slenderness ratio, 125 Manpower estimate, 420

Horsepower requirements, compressor, 34-35 Maximum allowable working pressure,
Hydrates, 46 platform piping, 303-304
Hydrocyclones Maximum oil pad thickness, 148

desanders, 8-9 Mechanical flowsheets, 406-407
enhanced gravity separators, 223 Mist extractors, 103, 112-114, 177
specific gravity of liquid components, 60, Mixture density, 296

64-65 Modified turnkey format, 430-431
static, 223-225 Modular construction, 55-56
Vortoil unit, 222 Molecular weight

gas, 87-88
Industry standards, 313-314 liquid, 89-91
Influent water quality, 231-233 Moody friction factor, 249-250
Initial gross separation, 137 Motor control center (MCC), 12
Inlet diverter, 103-104, 109-111, 137, Multiple pump installations, 356-357

140, 177 Multistage split case pump, 364
Inlet diverter, centrifugal, 111
In-line pump, vertical, 362-363 Natural gas compressibility factor, 60-63
Inspection, 417 Negotiated turnkey, 429-430
Instrument data sheets, 412, 414 Net heating value, 95
Interface level controller, 139-140 Net positive suction head (NPSH), 350-351

Net present value, 395
Jack-up drilling rigs, 19, 24 Normal emulsions, 144

K Value, 71-84 Offshore facilities, 54-57
Kick-off meeting, 419 Oil

contracts, 1
Laminar flow coefficient, 247 pad thickness, 148
Layout drawings, 400, 402 pour point, 66
Lease Automatic Custody Transfer (LACT) shrinkage, 170-171

Unit, 5, 7, 40-42 treating
Level bulk treater, 38

control valve, 18-19 design, 188
controller, 16-17, 30, 103, 142 direct fired, 5-6

Line size criteria, 273-278, 286-292 electrostatic treaters, 181-182
Line sizing, two-phase, 330-332 oil/water separation, 135-139
Liquid oil/water settling, 144

carryover, 117 retention time, 184-185
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settling equations, 182-184 execution format, 428-433
settling tank, 199-206 extra work, 427
temperature effects, 170-174 management, 394
vertical treaters, 177-193 manager, 394
water droplet size, 186 steps, 395-419

One-line drawings, 412-413 team, 394
Onshore facilities, 19-20, 22 timing control, 427-428
Organizational chart, 420-423 Pulsation dampeners, 341-343
Organizing the project, 394-433 Pumps
OSHA 49 CFR 192, 305, 308 ANSI, 359-361

axial flow, 335
Packing, 387, 389 basic principles, 347-351
Panhandle equation, 259-261 centrifugal, 334-338, 355-375
Paraffin, 66, 116-117 classification, 333-334
Parallel plate interceptor (PPI), 207-208 codes and standards, 358-359
Partial pressure, 32 diaphragm, 344-345
Pig, 41 double-acting piston, 339-340
Piping drawings, 409-410 general, 42, 333-364
Plan of execution, 403,405 head, 347-349
Pneumatic actuator, 29 horsepower, 349
Preliminary installation considerations, 373-375

cost analysis, 398-399 kinetic, 333-334
cost estimate, 400, 403^04 multiple phase, 347

Pressure multiple pump installations, 356-357
control, 29-30 parallel, 356-357
control valve, 26, 29 positive displacement, 333-334
controller, 16-17, 30, 103 radial flow, 334-335
rating classes, 313-324 reciprocating, 339-343, 376-393
vacuum valve, 28 rotary, 345-347

Pressure drop single-acting plunger, 339
gas line example, 281-284 single-stage API, 361-362
liquid line example, 278-281 specific speed, 358
piping, 244-284 submersible, 367-368
ratio, 224 sump, 365-366
two-phase flow, 269-273 vertical in-line, 362-363
two-phase line example, 284 Purchase order, 417

Process equipment, 16-18
Process flowsheet, 26-28, 37, 400-401 Quarters, 10-11
Procurement, 412, 414-417
Produced water Reboiler, 48

theory, 231-232 Reciprocating acoustical dampeners, 383
treating equipment, 195 Reciprocating bladder dampeners, 383
treating system example, 237-243 Reciprocating gas-cushioned dampeners,
treating systems, 194-243 380-383

Production facility, 1-25 Reciprocating pipe vibrations, 384—386
Productivity index, 53 Reciprocating piping hookup, 391-392
Project Reciprocating pumps

block diagram, 395-396 codes and standards, 387, 390
comparisons of formats, 432-433 pulsation dampeners, 377-384
control, 419-428 suction and discharge piping, 377
cost control, 426-427 theory, 339-343, 376-393
definition, 399-405 variable-speed motors and drivers, 392-393
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Reconcentrator, 48 sizing two-phase horizontal, procedure,
Re-entrainment, 122 122-126
Reid Vapor Pressure (RVP), 95-98 sizing vertical separators, 126-132
Reject ratio, 224 spherical, 104-105
Resistance coefficients, 274 three-stage, 32-33
Retention time, 122, 145-147 two-phase, 36-37

gunbarrel treaters, 185 vertical, 2, 104, 126-129, 154-156
three-phase vertical separators, 153 Settling, 117-121

Retention time equations Settling equations, 148-149, 182-184,
horizontal treaters, 184-185 199-206
vertical treaters, 185 Settling tanks, 199-206

Reynolds Number, 118, 245-247 Sewage treatment unit, 10, 12
Rotary pumps, 345-347 Skim pile sizing, 229-230

Skim piles, 228-230
Sales gas contracts, 40-42 Skim tanks, 8, 216, 236
Sample project assignment, 434-435 Skimmer
Sand, 117 coalescers, 214-215
Sand jets and drains, 143 horizontal, 200-202
Scope of work, definition, 427 sizing equations, 202-206
Scrubbers, 107 vertical, 199-200
Seals, centrifugal pumps, 369-373 vessels, 199-206
Semisubmersible floating structures, 19 Slenderness ratio, vertical, 129
Separation Slug flow, 267-268

factors affecting, 102 Soluble oil, 232-233
gas capacity, 123, 146 SP packs, 134, 215-218, 236
initial separation pressure, 31-32 Specific speed, 358
intermediate separator pressure, 36 Specific gravity
oil and water, 135-139 approximate, 60, 64
operating pressure, 102 gas, 59, 88
stage separation guidelines, 35 liquid components of hydrocarbons, 60,
temperature effects, 170-174 64-65
theory, 31-34 Specifications, pipe, valves, and fittings,
water treating equipment, gravity, 314-324

197-198 Spitzglass equation, 261-262
Separators Stage separation guidelines, 35

configurations,! Startup, 418-419
corrugated plate interceptor, 236 Startup, manual, 418
cyclone, 105 Stock tank conditions, 32
drawbacks, 108-109 Stokes Law, 118, 144,167, 197, 202, 204
enhanced gravity, 223 Stratified flow, 265-266
horizontal, 2, 102-103, 136-140 Structural concept, 397-398
operating pressures, 35 Structural drawings, 409^10, 412
operating problems, 115-117 Submersible pumps, 367-368
sand jets, 143 Suction scrubber, 121-122
seam-to-seam length, 150, 153, 129 Sump pump, 365-366
sizing, 101, 145-154 Sump tank, 196
sizing horizontal, 122-126, 133-134
sizing three-phase horizontal, 146-150 Tankers, 19, 24
sizing three-phase vertical, 46-150 Task schedules, 419-427
sizing three-phase vertical, example, Temperature controller, 30

154-156 Temperature derating factor T, 305
sizing three-phase vertical, procedure, 154 Tension leg platforms, 19
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Terminal velocity, 117-118 three-phase separators, slenderness ratio,
Three-phase separators, 36-37, 135-159 153
Three-stage compressors, 43-45 treaters
Throttle bushing, 371 retention time, 177
Timing control, 427^28 settling equation, 182-184
Transition flow, 268 sizing example, 191-193
Traps, 102 theory, 177-179
Treaters water droplet size, 186

bulk, 38 two-phase separators, 2, 104
crude oil, 160-193 Vessel
design procedure, 188 internals, 109-115, 143
electrostatic, 181-182 selection, 108-109
equipment sizing and theory, 182-188 specifications, 406, 408
gunbarrel, retention time, 185 Viscosity
horizontal, 180-181 absolute, 64
horizontal, sizing example, 189-191 dynamic, 66
vertical, 177-179 kinematic, 66
vertical, sizing example, 191-193 mixture, 67-69

Treating equipment, 177-182, 199-230 oil, 68
Turnkey format, 428-429 produced water, 67
Two-phase flow, 263-264 theory, 64, 66-69, 169-170
Two-phase separators, 36-37, 101-134 Volatility, 1

Vortex breaker, 112
Utilities, 10 Vortoil hydrocyclone unit, 222

Valves Wall thickness, 285-332
backpressure control, 30 Wastewater handling, 194-195
control, 26, 28 Water layer growth, 135-136
pressure control, 16 Water treating
recycle, 45 corrugated plate interceptor, 8, 208-210
theory, 387, 389 drop size in oil, 192
vent, 43, 45 drop size in water, 167-175, 185-188

Vand's Equation, 68 equipment specifications, 233-236
Vane eliminators, 113-114 flotation units, 199
Variable-frequency driver, 392-393 injection, 5
Vent scrubber, 121 selection, 233-236
Vertical skim piles, 228-230

cylindrical settling tank sizing, 205-206 skim tanks, 228-230
flow, 266-267 skimmer vessels, 199-206
gas capacity, 126 SP packs, 134, 215-218, 236
heater-treater, 6, 20 theory, 8, 43^4, 197-199
in-line pump, 362-363 Watermaker, 13
liquid capacity, 128 Wave breaker, 111
seam-to-seam length, 129 Wear rings, 372-373
skimmers, 199-200 Weekly project meetings, 423, 425
three-phase retention time, 153 Weir, 137-140, 142
three-phase separators, 20, 36-37, 151-154 Weisbach Equation, 248
three-phase separators, seam-to-seam Well testing, 48-52

length, 150, 153 Wellhead, 31
three-phase separators, settling, 152 Weymouth Equation, 258
three-phase separators, sizing, 126-129, Writing specifications, 415-416

154-156
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